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i 
 
Abstract 
Understanding the behaviour of heterogeneous systems has been of particular significance to 
crude oil production. Adsorption of crude oil surface-active species to reservoir rocks and 
aqueous interfaces has consequences for oil recovery and its separation from water. 
Therefore, an evaluation of heterogeneous systems involved in crude oil recovery has been 
the main focus of this thesis. After a general introduction, the thesis is divided into five 
sections: crude oil chemistry, solid wettability, asphaltene adsorption, emulsion stability and 
characterisation of interfacial films.  
The first section considers the chemistry of crude oil through its separation into fractions, 
based on polarity and solubility differences. The second is the characterisation of oil-brine-
rock interactions and wettability alteration of bitumen-coated sand surfaces by nuclear 
magnetic resonance (NMR) relaxometry, and its relevance in low salinity waterflooding.   
In the third section, a quantification of asphaltene adsorption on sand is performed in the 
presence of pre-adsorbed water. The fourth section contains an evaluation of the potential of 
magnetic resonance imaging (MRI) in the visualisation of crude oil emulsions, with particular 
emphasis on oil-water separation.  
The final section is aimed at identifying surface-active species responsible for influencing 
solid-liquid and liquid-liquid interactions. 
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CHAPTER 1 - GENERAL INTRODUCTION 
1 
 
1. GENERAL INTRODUCTION 
In spite of the development and introduction of alternative energy sources, the requirement 
for oil and gas is expected to continue for many years in order to satisfy the increasing 
demand for petroleum-derived products and energy [1]. This situation has stimulated the 
exploitation of unconventional crude oil reserves and the development, and improvement, of 
technologies that cause an increase in oil production after primary oil recovery is no longer 
economically feasible. One of the challenges faced by the petroleum industry has been the 
improvement of oil production rates during secondary (pressurised water or gas is injected to 
push crude oil to the producer wells) and tertiary (in-situ technologies applied to extract oil 
trapped in inaccessible pores or oil that is too viscous to be recovered by conventional 
methods) recovery [1]. 
Understanding the behaviour and structure of crude oil components has been a main focus of 
interest in the oil industry. Of particular significance to crude oil production is adsorption at 
aqueous interfaces, where crude oil surface-active species are considered to contribute to the 
stability of water-in-crude oil emulsions [2-6], and also to reservoir rocks, in which the 
adsorption of surface-active species at mineral surfaces affects wettability [2, 7-9], with 
possible consequences for recovery.  
This thesis aims to increase the understanding of heterogeneous crude oil systems. The 
simple diagram in Figure 1-1 shows the topics studied and analysed in this thesis. Chapter 1 
provides a general background on crude oil composition, processing and heterogeneous 
systems found during crude oil recovery. Chapter 2 presents the basics underlying some of 
the analytical approaches used in this study. Chapter 3 describes the characterisation of crude 
oils used in this study through separation into specific fractions. Chapter 4 considers the 
effects of salt on crude oil-brine-rock (COBR) systems using nuclear magnetic resonance 
(NMR) relaxation. Interactions occurring in COBR systems are likely to be implicated in 
modifying properties such as wettability and interfacial energy. Chapter 5 considers 
asphaltene adsorption on reservoir minerals that would also alter wettability and therefore 
impact oil recovery. Because water is a fundamental part of crude oil reservoirs, asphaltene 
adsorption has been quantified in the presence of pre-adsorbed water. In Chapter 6, the 
characterisation of crude oil emulsions using NMR, magnetic resonance imaging (MRI) and 
optical microscopy is considered. This chapter includes the effect of solids and solid 
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wettability in emulsion stability. Chapter 7 focusses on interfaces encountered during 
recovery and production operations, including the identification of crude oil components 
present at emulsion interfaces (interfacial material) and in bitumen spreading films (termed 
precursor films). Finally, Chapter 8 summarises and concludes the thesis.  
 
Figure 1-1: Topics researched in this thesis.  
1.1 Introduction to Crude Oil 
1.1.1 Origin of Crude Oil 
The formation of crude oil (also known as petroleum) begins with sediments consisting of 
marine plants, bacteria and animals. These organisms accumulated on the sea bed and were 
trapped over time by layers of mud. Several metres below the surface, anaerobic 
decomposition occurred under increasing pressure and temperature, forming a mixture of 
organic compounds, called kerogen. With time, oil and gas were formed by thermal 
depolymerisation and cracking, due to hot source rocks. Increasing pressure forced oil and 
gas through cracks and rock pores to form a reservoir trap by an impermeable layer [10-12]. 
Crude oil is prone to alteration due to the instability of the traps, and crude oil could be 
altered, for example by incursion of oxygen [12]. In general, however, crude oil can be 
altered in a reservoir in diverse ways, including: thermal alteration (increased reservoir depth 
Oil-water interfacial 
properties
Solid wettability
Water chemistry
Emulsion stability
Emulsion destabilisation
Fine solids
Crude oil surface-active 
species
Interfacial films
Chapter 3
Chapter 4, 5
Chapter 4
Chapter 6
Chapter 7
Separation of 
recovered oil 
from water
Liberation of oil 
from host rocks
Thesis
Crude oil 
composition
CHAPTER 1 - GENERAL INTRODUCTION 
3 
 
increases reservoir temperature, and therefore an increasing trend of low molecular weight 
hydrocarbons and a decreasing concentration of high molecular weight hydrocarbons), 
deasphalting (precipitation of asphaltenes from crude oil in the reservoir), biodegradation 
(microbial alteration of crude oil), and water washing (subsurface water could remove low 
molecular weight hydrocarbons because they are more soluble in water than in high 
molecular weight hydrocarbons) [12]. Therefore, the characteristics of each reservoir are 
unique and define the crude oil chemical composition [1, 12], ranging from light oils 
(composed of low-boiling fractions and lower heteroatom  (e.g. N, O and S) content) to heavy 
oils (composed of higher-boiling fractions and larger proportion of aromatics, heteroatoms 
and metallic components (e.g. V, Ni, Fe)) [2, 3]. 
The in-situ detection and characterisation of hydrocarbons and aqueous fluids without 
extraction from the reservoir is important for the oil industry [13]. NMR well-logging (using 
low-field NMR) provides information on crude oil reservoirs through estimations of 
permeability, pore-size-distributions, oil viscosity and free-fluid volume [13, 14]. Therefore, 
NMR-based well-logging enables the evaluation of crude oil reservoirs, which is valuable for 
successful planning and production operations. 
1.1.2 Crude Oil Classification and Recovery 
Changes in crude oil composition are reflected in the physical properties of crude oils, 
through their viscosity and density (usually expressed as American Petroleum Institute (API) 
gravity, as shown in equation 1-1 (SG is the specific gravity)) [12]. A crude oil with API 
gravity up to 35⁰ is known as light oil, between 27-35⁰ is a medium oil, and below 27⁰ is 
classified as heavy oil [1]. Heavy oils are further classified as bitumen and oil sands. If the oil 
viscosity is < 10 Pa.s at reservoir temperature and the API gravity ≤ 20⁰ it is considered as 
heavy oil [15]. For a viscosity > 10 Pa.s and API gravity ≤ 10⁰, the oil is considered as 
bitumen (including oil sands) [15].  
     
     
  
       
(1-1) 
Viscosity is considered the main parameter dictating crude oil recovery [1, 16]. Therefore, the 
crude oil classification is also related to the recovery methods used to extract it from the 
reservoir [1, 2]. Crude oil that flows from a reservoir at atmospheric pressure and temperature 
is called conventional oil. This includes light and medium crude oils [1, 16]. Crude oil that 
cannot be recovered by conventional methods due to their low mobility (high viscosity) is 
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called unconventional oil. These include viscous oils (heavy oil and bitumen) which require 
enhanced oil recovery (EOR) recovery techniques [1, 16].  
Viscosity decreases with temperature and is generally related to API gravity, and therefore 
with crude oil composition. Figure 1-2 shows the correlation between API gravity and 
viscosity at different temperatures. These plots suggest that heating a low API gravity viscous 
oil will reduce its viscosity and increase its API gravity. This is the principle of EOR 
techniques that increase viscous oil mobility through the injection of heat, such as steam-
assisted gravity drainage (SAGD), vapour extraction, cyclic steam stimulation, among others 
[1, 2, 15]. In the case of oil sands, (quartz sand and clay mixed with bitumen), the bitumen is 
recovered by mining (shallow reservoirs) or by thermal methods (deeper reservoirs).  
Waterflooding is one of the methods that can be implemented during secondary recovery in 
order to improve oil production rates. The injection of water increases reservoir pressure and 
therefore raises oil production. The potential of waterflooding as an EOR technique was 
recognised after significant advances were made in the 1990s by Morrow and his group [17-
20] when the importance of water chemistry during waterflooding was discovered. The 
authors reduced sea water salinity to ~1000-5000 ppm for injection leading to an 
enhancement in oil recovery.  This process is called low-salinity waterflooding [20-22]. 
The specific mechanism leading to improved oil recovery as a consequence of reduced 
salinity waterflooding is currently not fully understood [21, 23]. Many coreflood tests have 
been published aimed at trying to understand the effect [24]. The main mechanisms proposed 
are discussed in Chapter 4, and this thesis provides some new input.  
 
Figure 1-2: Relationship between oil viscosity and API gravity (original diagram 
from Meyer and De Witt [25]). 
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1.1.3 Crude Oil Composition 
Crude oil is a complex mixture of hydrocarbon molecules containing metals (such as 
vanadium, nickel, iron and copper), and heteroatoms (oxygen, sulfur and nitrogen) [26]. This 
makes crude oil chemical characterisation difficult, and fractionation is necessary for the 
study of its molecular composition [2]. 
The saturates-aromatics-resins-asphaltenes (SARA) analysis is a popular method used in the 
oil industry to fractionate crude oil according to polarity and solubility [26-27]. Therefore, 
the many hundreds of compounds present in crude oil are grouped into saturates (alkanes and 
cycloalkanes), aromatics (aromatic hydrocarbons with alkyl side chains), resins (low in 
aromaticity and heteroatom content, including carboxylic acids) and asphaltenes 
(polycondensed aromatics with multiple alkyl chains) [26-27]. Resins and asphaltenes are 
defined based on their solubility characteristics. Resins are soluble in n-alkane solvents (n-
heptane and n-pentane), whereas asphaltenes are soluble in aromatic solvents but insoluble in 
n-alkanes [2]. 
A comparison of SARA fractions between conventional and unconventional oils shows that 
the former are usually characterised by higher saturates content and lower resins and 
asphaltenes contents [28]. Additionally, bitumen has even lower saturates content and 
proportionately more resins and asphaltenes than heavy oil [28]. This is shown in Figure 1-3. 
 
Figure 1-3: Comparing SARA fractions between conventional and unconventional 
oils. 
Compositional information of the species found in crude oil and SARA fractions has been 
derived using a number of techniques, including NMR spectroscopy [29, 30], infrared 
spectroscopy (IR) [31-33], gas chromatography [29], and more detailed compositional 
information has been more accessible with the advances in mass spectrometry (MS) [34-36]. 
saturates
aromatics
resins
asphaltenes
saturates
aromaticsresins
asphaltenes
Conventional oil
saturates
aromatics
resins
asphaltenes
Heavy oil Bitumen
CHAPTER 1 - GENERAL INTRODUCTION 
6 
 
Traditional methods for SARA separation have some disadvantages, including irreproducible 
results, leading to low analytical precision, and cross-contamination [37]. Due to the 
importance in the compositional analysis of crude oils, the literature contains improvements 
to the traditional SARA separation method [37, 38], and further fractionation of resins and 
asphaltenes [31, 39, 40]. Examples of the latter include the use of HLPC in order to separate 
resins subfractions from the maltenes [28, 33, 39] or a novel automated multidimensional-
high performance liquid chromatography (AMD-HPLC) where crude oil is fractionated into 
the four SARA categories without prior separation of asphaltenes [37, 38]. 
The characterisation of SARA fractions is presented in Chapter 3 and more detailed 
compositional information of crude oil fractions is discussed in Chapter 7. 
1.1.3.1 Solubility and Aggregation of Asphaltenes 
The chemistry of the asphaltene fraction is considered to be enormously important in the oil 
industry due to its role in the formation of rigid interfacial films between oil and water [4] 
and adsorption at solid surfaces [7]. Asphaltenes have long been believed to be stabilised in 
crude oils by resins [4] and the solvency of the maltenes, such that a change in pressure 
during production, for example, could cause asphaltene precipitation in the wellbore and 
pipelines [7, 4]. 
The tendency of asphaltenes to self-associate has generated many uncertainties in asphaltene 
molecular weight [4]. Currently, a molecular weight of ~750 g/mole is considered to be a 
good estimate [4, 41]. Asphaltene aggregation has been extensively studied in the literature 
using a range of techniques, including NMR [42, 43], atomic force microscopy [44], small-
angle neutron scattering (SANS), and small-angle X-ray scattering (SAXS) [45, 46]. 
At the present time, the generally accepted model for asphaltene aggregation is the Yen-
Mullins model (also known as the modified Yen model) [46], which has also been validated 
in the oilfield [47]. The main asphaltene aggregation mechanisms and asphaltene molecular 
structures proposed in the literature are discussed in Chapter 3 and the role of asphaltenes in 
stabilising crude oil emulsion is presented in Chapter 6. 
1.1.4 Crude Oil Specification and Processing    
Water is co-produced with crude oil and passes from the well-head to the production 
manifold. Intense mixing between oil and water due to the significant reduction in pressure 
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creating pressure gradients (generated over valves and chokes) results in emulsion formation 
[4]. 
Following production, crude oil is stored in large tanks before exporting or refining. For 
crude oil to be stored, water and gas have to be removed following a series of stages in oil 
processing facilities (Figure 1-4). After this, crude oil needs to meet certain pipeline 
specifications, which can vary, but generally require water content to be below 0.1%, salt 
content less than 10 ptb (pounds per thousand barrels), and the removal of gas and sand [48].  
 
Figure 1-4: Diagram of an oil process facility . Illustration from Barnes [48].  
 
Figure 1-5: Example of a three phase separator vessel.  
Separator trains reduce the oil pressure in stages, enabling efficient oil and water separation. 
Three-phase separator vessels (Figure 1-5) allow the removal of gas and water, and gravity 
allows the oil to float to the surface and separate from the water [48]. Final oil dehydration is 
often performed using electrostatic coalescers [4, 48]. 
Off-specification crude oil means that gas, solids, dispersed water and inorganic salts have 
not been adequately removed to meet the regulations [3]. This frequently means that tight 
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(small droplet size) emulsions have been produced which are very difficult to break and 
separate. These problems may originate from within oil reservoirs, where dispersed fine 
particles adsorb at the liquid-liquid interfaces, and contribute to the stability of crude oil 
emulsions. 
Problems created by highly stable emulsions in separator vessels are related to the 
accumulation of interfacial ‘rags’ at oil-water interfaces (at the interface level in Figure 1-5), 
leading to reduced separation efficiency [49]. Rag layer (Figure 1-6) can grow to become 
thick and highly viscous, and analysis of an oil sand rag layer has identified the presence of 
clays and other minerals, asphaltenes, naphthenic acids and emulsified oil and water [50-52]. 
The growth of rag layers is faster when emulsion coalescence is slower [49]. For this reason, 
reducing this layer is achieved by controlling droplet size, continuous phase viscosity and 
interfacial properties related to oil-water film stability, mainly attributed to surfactants 
(including natural surfactants) and solids. 
 
Figure 1-6: Optical microscope images of rag layers: from Varadaraj [50] (left), 
and Madjlessi et al.  [51] (right). 
Crude oil separation into a variety of products is performed in a refinery. In these complex 
systems, hydrocarbons are separated, converted and blended in various operating units. 
Figure 1-7 shows a flowchart of a modern refinery. Factors such as poor water separation, 
asphaltene precipitation, high levels of sulfur, high total acid number (TAN), metals 
(particularly Ni and V) and nitrogen, can contribute to a variety of problems during crude oil 
refining, including corrosion and catalyst poisoning, all of which increase processing costs [3, 
11]. 
50 μm 50 μm
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Figure 1-7: Flowchart of a modern refinery.  Illustration from Holmes [11]. 
1.2 Crude Oil Liberation from Host Rocks 
1.2.1 Wettability Effects in Oil Recovery 
Wettability refers to the relative adhesion of two fluids to a surface [53]. In a COBR system, 
wettability is a measure of the affinity of crude oil or brine to wet (e.g. spread or adhere to) 
the rock surface.  
A COBR system that is water-wet refers to water occupying the smaller pores and large 
portions of the larger pores. When a water-wet surface is saturated with oil and contacted 
with water, the oil will be displaced. The opposite tendency is found for an oil-wet COBR 
system [53]. Reservoir wettability covers a broad range of wetting conditions with mixed 
wettability conditions (oil-wet and water-wet) in the middle and strongly oil-wet or strongly 
water-wet conditions at the extremes [54]. 
The study of wettability is important in order to understand oil liberation from rock surfaces 
in a COBR system. In these systems, three interfacial tensions determine the extent to which 
a liquid wets a solid. 
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1.2.1.1 Interfacial Tension 
Interfacial tension (IFT) is the work necessary to bring molecules from the bulk phases to the 
boundary between the two fluids [2]. IFT (γ) is defined by the Gibbs free energy (G) equation 
1-2, 
   
  
  
 
   
 
(1-2) 
where A is the area, T is the absolute temperature and P is the pressure.  
IFT is related to the excess concentration (Γ) of crude oil surface-active components adsorbed 
at an oil-water interface by the Gibbs adsorption equation, 
   
 
  
  
    
 
 
 
(1-3) 
where C is their bulk concentration [2]. 
 Several factors influence IFT, such as: pH and salt concentration of the aqueous phase, oil 
viscosity, oil composition (including naphthenic acids, sulfonic acids, asphaltenes and resins, 
all of which act as natural surfactants), fine solids, and temperature and pressure [2, 21, 55]. 
The literature contains ways to decrease IFT in order to enhance oil displacement from rocks. 
For example, IFT has been correlated with bitumen extraction from oil sand. Miller and 
Drelich [56] measured interfacial tensions between bitumen and aqueous phases (pH = 2 and 
11) and found that interfacial tension values between 2 and 3 mN/m improved bitumen 
release.  
Natural surfactants decrease IFT due to their acid groups ionising at oil-water interfaces [56]. 
However, the mechanism of IFT reduction for asphaltenes and resins is not completely 
understood due to uncertainties in their structure.  
In order to improve oil production, a marked reduction in IFT is reported using synthetic 
surfactants [57] or combinations of surfactant and salt [58-60], and polymer-surfactant-oil-
alkali [61, 62]. However, the effect of salinity (low-salt and high-salt concentration) on IFT 
has produced contradicting results [21, 55]. 
1.2.1.2 Contact Angles 
Contact angles are a measure of the wettability of surfaces, and they are therefore, also useful 
for characterising the changes in their wettability [63]. Young’s equation describes the basic 
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relationship between the contact angle (θ) and interfacial energies (γ) in a three phase system 
(solid (s)-oil (o)-water (w)-system), shown in Figure 1-8, by equation 1-4 [53].  
                    (1-4) 
Three conditions of wettability are possible based on equation 1-4: water-wet when θ < 90º, 
oil-wet when θ > 90º and neutral-wet θ = 90º [53]. 
Figure 1-8: Relationship between the contact angle (θ) and the interfacial energy 
(γ) in a three phase system expressed by Young ’s equation. 
The imbalance of interfacial tension forces leads to spreading of one liquid on another 
immiscible liquid or on a solid. This is defined by the spreading coefficient (S) [64, 65] where 
a positive spreading coefficient indicates oil spreading over the aqueous phase. This is 
attributed to the presence of polar surface-active components [64]. 
For lighter conventional oils, flow is driven by the positive spreading coefficients (17-28 
mN/m) of the most polar molecules enabling the whole oil to spread spontaneously [66]. 
However, for more viscous heavy oils and bitumen, spreading of surface-active species by 
‘edge diffusion’ is more rapid than the majority higher viscosity components, which creates 
an ‘inertial lag’ [64].  
Many investigations of Drelich, Miller and Lelinski [65, 67, 68] focused on understanding the 
rapid diffusion of a bitumen film called ‘precursor film’ at a three-phase air-water-bitumen 
contact region which spreads ahead of a more slowly bitumen bulk layer. The authors 
characterised precursor films and bulk bitumen in terms of film pressure, spreading activation 
energies, and spreading velocities. The precursor film is potentially composed of surface-
active bitumen species responsible for determining the wettability of reservoir mineral 
surfaces. Therefore, characterisation of this film is significant for the liberation of oil from 
reservoir host-rocks or during oil sand processing. Chemical analysis of this film is studied in 
Chapter 7. 
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1.2.1.3 Evaluation of Wettability 
Methods to evaluate wettability are based on determining the interactions of water, oil and 
rocks surfaces. Experimental methods include contact angle, microscope examination, 
flotation, relative permeability curves, capillary pressure curves, and the Amott test and the 
U. S. Bureau of Mines (USBM) method [9]. The Amott and the U. S. Bureau of Mines 
(USBM) tests are traditionally used in the oil industry to assess wettability of cores. The 
former is based on the amount of oil and water spontaneously imbibed by a core under 
different conditions, whereas the latter measures the area under capillary pressure curves 
[53]. However, using these methods is time consuming, complex to understand and cannot 
differentiate between intermediate wettability states [69]. 
Monitoring wettability of a core using NMR is becoming more popular in the oil industry due 
to shifts in the relaxation times (T1 or T2) being related with changes in wettability and the 
differentiation of intermediate wettability states [69]. NMR has been used to determine 
wettability in unconsolidated sand packs [70], glass bead packs [71], oilfield sandstone [72], 
chalk cores [73] and carbonates cores [74]. 
Wettability in COBR systems using an NMR method is considered in Chapter 4 for inorganic 
solids coated with a bitumen film, and organic solids, and in Chapter 5 for inorganic solids 
with an adsorbed asphaltene film. 
1.2.2 Asphaltene Adsorption 
In the reservoir, the wettability of rocks is influenced by their interactions with crude oil 
components [7-9]. Asphaltene is the most polar fraction of crude oil which tends to 
aggregate. The attractive forces that cause asphaltene aggregation are related to asphaltene-
solid interactions [7]. Asphaltene adsorption is not only found on surfaces within the 
reservoir, but also through pipelines and other production equipment. 
Asphaltene adsorption mechanisms are linked to the polar groups that more favourably 
interact with solid surfaces [8, 75]. Nitrogen, oxygen and sulfur have been identified as the 
major heteroatoms in the adsorbed asphaltene layers [76-78]. The review of Adams [7] 
reported that several factors influence the amount of asphaltene adsorbed, such as water 
content, surface area of the sorbent, asphaltene concentration and origin, and that the 
adsorption capacity of most sorbents is reported to be below 4 mg/m
2
. 
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Some examples of asphaltene adsorbed layer thicknesses reported in the literature are 3-4 nm 
on quartz [79], and 3-8 nm for gold surfaces [44, 79]. In general, adsorbed asphaltenes are 
comparable to asphaltene aggregate sizes (~3 nm for nanoaggregates and ~5 nm for clusters) 
based on the Yen-Mullins model [41, 47]. Asphaltene aggregation and adsorption are 
discussed in Chapters 3 and 5. 
Oil-wet reservoir rock surfaces (due to adsorption of asphaltenes) could reduce crude oil 
liberation from rocks. As mentioned before, alteration of solid wettability is a major factor for 
liberating crude oil from host rocks. Therefore, injection of an aqueous phase with 
electrolytes [22-24] or surfactant [57] could change the wettability preference of the rock 
surfaces to water-wet, which relates to higher recovery. The effect of water chemistry on the 
wettability of hydrophobic solids is studied in Chapter 4. 
1.3 Stabilisation and Destabilisation of Crude Oil Emulsions 
1.3.1 Crude Oil Emulsions 
Emulsions are formed when two or more immiscible liquids are dispersed in the presence of 
suitable surface-active stabilisers (and mechanical energy) which accumulate at the liquid-
liquid interfaces and lowers the interfacial tension between the phases, forming interfacial 
barriers to prevent or reduce coalescence [3]. Emulsion-based products are prevalent in the 
modern world, and are found in cosmetics, food, pharmaceuticals, and in the agrochemical 
and paint industries [80-83]. Such products have exacting stability requirements, to ensure an 
adequate shelf-life as well as the properties necessary for the particular application, e.g. 
rheology [83]. 
In the oil industry, stable emulsions are often produced during oil recovery. Crude oil 
emulsions are classified as one (or more) of the following: water-in-oil (w/o) emulsions 
(water droplets in a continuous oil phase), oil-in-water (o/w) emulsions (oil droplets in a 
continuous water phase), multiple (or complex w/o/w or o/w/o) emulsions (small droplets of 
one phase dispersed within larger droplets of an immiscible phase, that are, in turn, 
suspended in the external continuous phase) [3], and mixed emulsions (complex systems 
involving combinations of water-in-oil and oil-in-water emulsions). The morphology of 
various types of emulsions is illustrated in Figure 1-9. 
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Figure 1-9: Schematic representation of morphologies of various types of  
emulsions.  
Stable emulsions in the oil industry make subsequent crude oil processing a challenging and 
expensive operation. In some cases, emulsification could increase pumping costs because the 
presence of droplets increases the overall viscosity of the fluid [84, 85]. Poor separation and 
high pressure drops in flow-lines can lead to off-specification crude oil which, in turn, can 
create downstream processing problems, including corrosion (due to salt and brine that were 
not removed) and catalyst poisoning [3, 84].  
The stability of crude oil emulsions is related to natural surfactants present in the oil (resins, 
asphaltenes, crude oil acids) and fine solids (organic or inorganic) [3, 4, 84]. 
1.3.2 Emulsion Stability 
Thermodynamically, an emulsion is an unstable system with a natural tendency to separate 
over time [3, 4, 84]. Droplet size distribution measurement (DSD) is the most common 
technique to study emulsion stability [86, 87], and several techniques are commonly used to 
measure drop sizes such as microscopy, light scattering and NMR [7, 86]. However, 
quantification of droplet sizes in crude oil emulsions can be a challenge due to the samples 
being opaque. In this regard, NMR has potential advantages over the other techniques due to 
its use of larger samples, allowing repeat analysis, and applicability to optically clear and 
opaque emulsions [86, 87].  
The use of NMR to measure the DSD of an emulsion relies upon molecular self-diffusion 
within the droplets using pulsed-field gradients [87]. The Pulsed Field Gradient (PFG) and 
O/W W/O
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Pulsed Field Gradient-Stimulated Echo (PFG-STE) techniques are widely used to measure 
flow and diffusion using magnetic field gradients [88]. However, other procedures have also 
been proposed, such as Pulsed Field Gradient with Diffusion Editing (PFG-DE) [89], PFG 
NMR and regularisation methods [90], Carr-Purcell-Meiboom-Gill (CPMG) method [86] and 
the combined CPMG-PFG method [86]. The range of droplet diameters encountered in 
oilfield emulsions could range between 0.1 and 50 μm [3], and PFG experiments can measure 
droplet sizes between 1 and 50 μm for a gradient strength (g) of 1 T/m [4, 86]. The main 
principles of diffusion NMR are discussed in Chapter 2 and a review in the characterisation 
of crude oil emulsions using NMR is found in Chapter 6. 
The formation of viscoelastic interfacial films by natural surfactants is the main focus in the 
study of crude oil emulsion stability. The dominating mechanism in crude oil emulsions is 
related to the diffusion of asphaltene (molecules or aggregates) to the oil-water interface [84]. 
There are also reports of interactions between asphaltenes and carboxylic acids [84, 91], and 
asphaltenes and resins [3, 4, 84] in the formation and stabilisation of emulsions films. Other 
factors affecting emulsion stability include aqueous phase composition, temperature and the 
presence of fine solids [3, 84]. 
Chemical composition of isolated interfacial films using high-resolution mass spectrometry 
(HRMS) techniques has identified the enrichment of certain polar species. Interfacial material 
has been reported to be different from asphaltenes, resins and the bulk oil [92] where acidic 
species have been identified [93]. Understanding chemical composition of interfacial films 
and stabilisation mechanisms is important in controlling demulsification. Chemical 
characterisation of interfacial films is considered in Chapter 7. 
1.3.3 Demulsification 
Demulsification is the separation of an emulsion into its separate liquid phases due to the 
rupture of the interfacial film and coalescence of the droplets. Figure 1-10 shows the 
mechanisms implicated in demulsification, including flocculation, sedimentation, creaming, 
and coalescence [94]. Sedimentation and creaming occurs when droplets move upwards 
(creaming) or downwards (sedimentation) depending on the density difference between the 
dispersed and continuous phases. Flocculation involves aggregation of the droplets (due to 
van der Waals’ attraction between the droplets) without a change in droplet size. In Ostwald 
ripening, larger droplets grow at the expense of smaller ones, shifting the DSD to higher 
values. Weak interfacial films and high rates of flocculation promote coalescence, which is 
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the irreversible joining together of two or more droplets until demulsification is complete 
[94].  
 
Figure 1-10: Schematic representation of various mechanisms in emulsion 
separation. Illustration from Tadros [94]. 
Demulsification in the oil industry uses thermal, mechanical, electrical and chemical methods 
to break oilfield emulsions [3]. Chemical demulsifiers are surface-active compounds 
designed to interact with the oil and water interfaces, weaken interfacial films and promote 
coalescing of water droplets [95]. Bottle (or jar) tests are commonly used to evaluate 
potential demulsifiers [3, 95], through the addition of demulsifiers to emulsions and assessing 
the amount of water separated (and therefore the amount of water left in the oil) with time.  
Other parameters to monitor during a bottle test include colour, presence of a rag layer and 
clarity of the separated water phase [3]. However, in some cases, bottle tests do not provide 
clear information [95] possibly due to the intense colour of crude oils, and phase separation 
not being complete. 
The limited use of MRI to evaluate the stability of disperse systems has been described in the 
literature. In pharmaceutical formulations, for example, MRI has been used to monitor 
creaming of oil-in-water emulsions [96]. In the oil industry, asphaltene sedimentation and 
deposition has been demonstrated using MRI [97]. The main principles of MRI are discussed 
in Chapter 2 and the potential of MRI to visualise crude oil emulsions and their separation is 
considered in Chapter 6. 
Sedimentation FlocculationCreaming
Phase inversion Coalescence Ostwald 
ripening
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1.4 Objectives of the Study  
Regardless of the extraction method used, crude oil recovery involves oil liberation from host 
rocks, and separation of water. Crude oil liberation from host rocks is controlled by oil 
composition, oil-water interfacial properties, wettability of the rocks and water chemistry. 
During oil recovery, oilfield emulsions are unavoidable (due to water injected in the 
reservoir, or connate water already present) and water separation is important due to the 
range of downstream problems that might be caused. Demulsification of crude oil emulsions 
depends on interfacial film composition, emulsion stability (as a result of rigidity or mobility 
of interfacial films), and fine solids and their wettability.  
The aims of this study are therefore based on the characterisation of the heterogeneous 
systems found during crude oil recovery, mentioned in the preceding paragraph. The diagram 
in Figure 1-11 shows the research strategy used in this thesis. Specifically, the objectives are: 
 Characterisation of crude oils and their subfractions, in order to develop a better 
understanding of their chemistry. 
 Evaluation of the effect of salt concentration on COBR systems using NMR 
relaxation measurements in relation to wettability alteration of bitumen-coated sand 
surfaces, applicable to low salinity waterflooding. The applicability of the NMR 
method has been briefly considered for solid organic residues. 
 Investigation of asphaltene adsorption on reservoir minerals and the potential impact 
on oil recovery.  Asphaltene adsorption on sand which has been exposed to different 
relative humidity (RH) atmospheres is quantified and the resultant sand further 
analysed to determine change in wettability. 
 Evaluating the potential of MRI to visualise different crude oil emulsion types and 
their separation, including produced emulsified fluids from a SAGD process, and 
heavy residue-in-water emulsions, and the effects of hydrophilic and hydrophobic 
clays. 
 Conducting a multi-technique experimental study for characterising interfacial films 
generated by bitumen spreading on a water surface (termed ‘precursor films’) and by 
adsorbed interfacial material on a liquid-liquid interface (termed ‘interfacial 
material’). Both films are considered to contain the most surface-active species 
present in the crude oil which influence solid-liquid and liquid-liquid interfaces. 
CHAPTER 1 - GENERAL INTRODUCTION 
18 
 
 
Figure 1-11: Research strategy in this thesis. 
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2. METHODOLOGY 
2.1 Materials 
2.1.1 Crude Oils, Oil Sand and Heavy Residues 
Crude oil relevant properties are listed in Table 2-1. API gravities were calculated using 
equation 1-1. Specific gravity (SG) calculations used a density of water at 20 ⁰C equal to 
0.998 g/cm
3
.  
Table 2-1: Properties of the crude oils used in this study. 
Property Oil A Oil C Oil D Oil F 
JACOS 
Bitumen 
Origin Alaska Angola 
Gulf of 
Mexico 
Alaska Canada 
ºAPI 19.1 28.1 32.2 21.9 7.4 
Density (20 ºC), 
g/cm
3
 
0.938 0.885 0.863 0.912 1.012 * 
Viscosity (21 
ºC), mPa.s 
466.7 37.1 12.3 80.7 342000 
Average content 
of C5 
asphaltene, 
%w/w** 
2.75  3.49  1.47  6.26  16.30 
Average content 
of C7 
asphaltene, 
%w/w** 
2.81 2.00 0.56 4.08 11.59  
* Density measured at 15 ⁰C  
**. Estimated errors approximately ± 0.1%, due to weighing and filtration losses 
Preserved oil sand core was acquired from the Terre de Grace lease area (Alberta, Canada). 
Compositional details are shown in Table 2-2. 
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Table 2-2: Properties of the oil sand sample used in this thesis. 
Component %w/w of oil sand 
Solids 87.0 ± 0.3 
Bitumen 13.7 ± 1.0 
Average content of C7 asphaltene, 
%w/w* 
10.90  
*Estimated errors approximately ± 0.1%, due to weighing and filtration losses 
Heavy refinery residues were ground and sieved to 40-60#. Percentage of hydrogen atoms in 
the 
1
H NMR spectra and elemental analysis (C, H, and N) are listed in Table 2-3.  
Table 2-3: Characterisation of heavy asphaltenic residues used for experiments. 
Property SDA Residue* JGC Residue* Total Residue* 
Supplier 
Quadrise 
International 
Limited 
Quadrise 
International 
Limited 
Quadrise 
International 
Limited 
% of hydrogen atoms 
1
H NMR: 
% H Aliphatics ( 0.5-5 ppm ) 
% H Aromatics ( 6-9 ppm ) 
 
85.56 
14.44 
 
81.18 
18.82 
 
84.78 
15.22 
Elemental Analysis: 
%C 
%H 
%N 
C/H 
 
85.60 
8.51 
< 0.3 
0.84 
 
82.92 
7.62 
< 0.3 
0.91 
 
84.85 
9.02 
< 0.3 
0.78 
*SDA (pentane precipitated asphaltenes from the Meraux Refinery, LA, USA), JGC (visbreaker residue from 
JGC Corporation), and Total (visbreaker residue from Total Oil Company)  
2.1.2 Synthetic Oils 
Viscous polyisobutylenes Glissopal 1000 and 2300 grades (refer to their molar masses), 
BASF, Ludwigshafen, Germany. Viscosities at 25 ºC were 12 Pa.s for Glissopal 1000 and 
107 Pa.s for Glissopal 2300. Specific gravities at 25⁰C were 0.90  0.1 (manufacturer’s data). 
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Paraffin liquid, Fisher Scientific Ltd, 0737347. 
2.1.3 Solvents 
n-Heptane, Sigma-Aldrich, ≥ 99%. 
n-Pentane, Sigma-Aldrich, ≥ 98%. 
Toluene,  isher Scientific, ≥ 99.95%. 
Acetone, Sigma-Aldrich, ≥ 99%. 
Dichloromethane (DCM), Sigma-Aldrich, ≥ 99%. 
Deuterated chloroform, D, Cambridge Isotope Laboratories, D 99.8%. 
Deuterated toluene, Sigma-Aldrich, D 99.6%. 
Deuterated water, Cambridge Isotope Laboratories, D 99.9%. 
Toluene, Sigma- Aldrich, spectrophotometric grade solvent. 
Methanol, Sigma- Aldrich, spectrophotometric grade solvent. 
Deionised (ultrapure) water, resistivity 18.2 MΩ·cm, from a Millipore  irect-Q water 
purification system. 
Dry toluene (< 5 ppm water). The solvent is dried using a PureSolv Micro solvent 
purification system (Inert Technology Inc. MA, USA). Dry nitrogen pushes the toluene (at 
room temperature) though a 304 stainless steel alumina column. 
2.1.4 Surfactants 
Sodium dodecyl sulfate (SDS, C12H25NaO4S), anionic surfactant, Sigma-Aldrich, ≥99%, 
MKBL 1580V. Critical micelle concentration (CMC) at 25 ⁰C is 0.236 wt% [1]. 
 
 
Figure 2-1: Chemical structure of SDS. 
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Cetyltrimethylammonium bromide (CTAB, C19H42BrN), cationic surfactant, Acros Organics, 
≥ 99%, A0280736. CMC at 25 ⁰C is 0.036 wt% [1]. 
 
Figure 2-2: Chemical structure of CTAB. 
Triton X-100 C14H22O(C2H4O)n, non-ionic surfactant, Sigma-Aldrich, laboratory grade, 
1357416. CMC at 25 ⁰C is 0.021 wt% [1]. 
 
Figure 2-3: Chemical structure of TX-100. 
2.1.5 Other Reagents 
Potassium chloride (KCl), Sigma-Aldrich, ≥ 99%. 
Lithium chloride (LiCl), Sigma-Aldrich, ≥ 98%. 
Sodium chloride (NaCl), Sigma-Aldrich, ≥ 99%. 
Calcium chloride dihydrate (CaCl2 ∙ 2H2O), Sigma-Aldrich, ≥ 99%. 
Magnesium chloride hexahydrate (MgCl2 ∙ 6H2O),  isher Scientific, ≥ 98.78%. 
Sodium metaborate tetrahydrate (NaBO2·4H2O), Sigma-Aldrich, ≥ 99%. 
Potassium metaborate (KBO2), Sigma-Aldrich, ≥ 31% B2O3 and ≥ 42%  2O basis. 
Ammonium sulfate ((NH4)2SO4), Sigma-Aldrich, ≥ 99%. 
Magnesium nitrate (Mg(NO3)2 ∙ 6H2O), Sigma-Aldrich, 99.9%. 
Trichloro (octadecyl) silane (C18H37Cl3Si), Sigma-Aldrich, ≥ 90%, M BT9625V.  
2.2 Instrumental Techniques 
Figure 2-4 shows the range of experimental techniques used in this project for the 
characterisation of the various systems. This section provides a brief introduction to some of 
these techniques. 
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Figure 2-4: Experimental techniques used in this thesis. 
 
2.2.1 Absorption Spectroscopy  
Absorption spectroscopy uses ultraviolet and visible wavelengths (200-900 nm) in which 
molecules absorb specific wavelengths associated with transitions between different 
electronic energy levels. This is shown in Figure 2-5 where an electron is transferred from a 
lower to a higher energy level, accompanied by absorption of radiation. The transition usually 
takes place from a filled to an empty molecular orbital. The wavelength of absorption is a 
measure of the separation E of the energy levels. The energy E is related to wavelength by 
equation 2-1, 
  
  
 
 
(2-1) 
where h is Planck’s constant (6.626  10-34 Js), c is the speed of light (3  108 m/s) and λ is 
the wavelength (m) [2].  
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Figure 2-5: Transitions between electronic energy levels [2]. 
A simple diagram of a UV-visible spectrometer is shown in Figure 2-6. In general, a beam of 
ultraviolet or visible light is passed through the sample and the intensities of the incident and 
transmitted light are measured.  
 
Figure 2-6: Diagram of a simple UV-Visible spectrometer. The monochromator 
separates a beam of light into its component wavelengths [2]. 
The attenuation of light is related to the properties of the sample by the Beer-Lambert 
absorption law given by, 
       
  
 
     
(2-2) 
where I0 is the intensity of the incident light and I is the intensity of the transmitted light, l is 
the path length of the sample cell (in cm), ε is the molar absorptivity (or the molar extinction 
coefficient), and c is the sample concentration [2]. 
E
hv
Ground state Excited state
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Absorption spectra were recorded on a Thermo Scientific Evolution 220 UV-visible 
spectrophotometer with dual silicon photodiodes detectors using 1 cm path length cuvettes. 
2.2.2 Vibrational Spectroscopy  
Infrared (IR) spectroscopy is used to identify vibrational modes of characteristic bonds in 
molecules. A sample exposed to IR radiation can absorb and/or reflect (back to the source) 
some frequencies and transmit others. The transmitted frequency is detected and a spectrum 
of transmission (or absorption) intensities versus frequency (in wavenumbers, cm
-1
) is 
determined [2]. Infrared spectroscopy therefore identifies functional groups by their 
characteristic vibrational frequencies and by the intensity (strong, medium or weak) of the IR 
bands. Unknown samples can be identified by comparing their spectra (through the presence 
or absence of functional groups) with reference spectra [3, 4].   
IR spectra were recorded on an attenuated total reflectance infrared (ATR-IR) spectrometer 
(Bruker Alpha).  In the ATR system (shown in Figure 2-7), solid or liquid samples are placed 
over the crystal making sure to cover the entire surface. An infrared beam is directed onto a 
high refractive index crystal. An evanescent wave is created which crosses through the crystal 
onto the sample. The attenuated energy is returned to the IR beam and exits through the other 
side of the crystal onto the detector, generating an infrared spectrum.  
 
Figure 2-7: Diagram of an attenuated total reflectance (ATR) system. 
2.2.3 Time-of-Flight Secondary Ion Mass Spectrometry (ToF-SIMS) 
In ToF-SIMS, ions are detected and analysed according to their mass-to-charge ratio (m/z). In 
the ionisation method, a large energy pulse (primary ion beam) is passed to the sample 
surface from a laser. Secondary ions are desorbed and analysed according to their m/z ratio 
[2]. This is shown in Figure 2-8.  
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Figure 2-8: Diagram of a sample exposed to a primary ion beam and the release of 
secondary ions. 
Figure 2-9 shows a diagram of a ToF mass analyser. Ions formed in the ‘ionization region’ 
have their velocity increased in the ‘acceleration region’ by an electric field.  Ions are then 
separated in the ‘field-free drift region’ according to their velocities until they reach the 
detector and a signal is generated [4]. 
 
Figure 2-9: Diagram of the main components in a ToF mass analyser [4]. 
The total time-of flight (T is equal to the flight time in the ionization region + in the 
acceleration region + in the field-free drift region) depends on the mass (m), charge (z) and 
energy (U) [4]. The relation between mass and time-of-flight is given by equation 2-3. 
   
 
 
 
(2-3) 
Samples were analysed using an IONTOF V ToF-SIMS 5 system (IONTOF GmbH, Münster, 
Germany). Positive and negative SIMS spectra were recorded in a mass range of 1-300 u. 
Static SIMS condition (ion dose < 1  1013 ions cm-2) were used with a 25 keV Bi3+ primary 
ion beam, with 9.5 keV extractor voltage, over an area of 100  100 μm2. Spectra were 
acquired and processed using ION-TOF GmbH software.   
Primary 
ion Ga+
Secondary 
ion
Field-free drift region
Acceleration
regionIonization  region
Laser beam
Detector
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2.2.4 High Resolution Mass Spectrometry (HRMS) 
HRMS successfully detects and identifies polar compounds (mainly containing sulfur, 
oxygen and nitrogen) in crude oil and crude oil fractions where electrospray ionization (ESI) 
is able to ionise large polar molecules in a rapid and reproducible manner [5]. 
ESI is used to produce highly charged liquid droplets. Molecules are released of the droplets 
by evaporating the solvent. Molecular ion free of solvent is produced when Coulombic forces 
overcome the cohesive forces of the droplet [2]. The charged particles are sent to an ion 
analyser by an electrical field. Ions are separated according to their masses (m/z ratios) in a 
combined magnetic and electrostatic analyser. The flow of ions for an electrostatic sector, 
before the magnetic sector, achieves a higher mass resolution [2]. 
HRMS experiments were performed using an LC–HRMS system. The LC is a Dionex 
UltiMate 3000 ultimate liquid chromatography module system. The HRMS is a Thermo 
Orbitrap (Thermo Scientific, NJ, USA) high resolution mass spectrometer that operates in 
positive or negative ESI modes. The equipment uses the XCalibur and Chromeleon software.  
Molecular formulae are reported according to their heteroatomic class and double bond 
equivalents (DBE). For example, in a compound (C,Si)x(H,F,Cl)y(N,P)z(O,S)n, the number of 
DBE is defined by equation 2-4. 
      
 
 
 
 
 
   (2-4) 
In the analysis, basic and acidic heteroatomic class distributions for crude oil and crude oil 
fractions are only considered if their relative abundance is greater than 1% [6]. For the 
selected class compounds, compositional trends are presented as relative-isoabundance 
contour plots of DBE versus carbon number. 
2.2.5 Scanning Electron Microscopy (SEM) 
SEM extracts structural and chemical information from a region of interest in the sample. 
Due to high spatial resolution, SEM is able to characterise structures on nanometer and 
micrometer scales. The electron microscope scans the sample with a high energy beam of 
electrons that interact with atoms, releasing secondary electrons from the sample, which 
produce the image. 
SEM imaging was performed using a JEOL JSM-7100F scanning electron microscope. The 
equipment has secondary and backscattered imaging coupled with Ultradry energy dispersive 
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X-ray (EDX) for elemental analysis. A layer of gold (~3 nm) was used to coat the sample in 
order to prevent charging of the sample and increase the yield of secondary electrons emitted 
from the sample (increases the signal to noise ratio). 
2.2.6 Atomic Force Microscopy (AFM) Imaging 
AFM scans the surface topography on a nanoscale with very high magnifications (higher or 
equal to SEM) in three dimensions (x-y plane and z dimension). The system consists of a 
probe (tip) supported on a cantilever. The tip softly touches the surface of the sample and 
examines surface features due to the small force between the probe and the surface. This 
force is described by  ooke’s  aw. 
The forces between the probe and sample are recorded by the deflection of the probe using 
the ‘beam bounce’ method. The deflection of the cantilever when the tip is scanning the 
sample generates a map of the surface topography. 
Solid surface analysis was performed using a Bruker diInnova instrument (Bruker Corp. 
Santa Barbara, CA, USA) and AFM images processed using Bruker’s NanoScope software. 
The imaging commonly used tapping mode (intermittent contact) where the cantilever is 
oscillated at its resonant frequency. A constant interaction (tip-sample) is kept and the image 
is recorded. This method offers a higher resolution with minimal sample damage. 
2.2.7 Nuclear Magnetic Resonance (NMR)  
In NMR, atomic nuclei in a magnetic field are irradiated with radio frequency (RF) waves. 
Uses of NMR include chemical analysis (to determine molecular structures), medical 
engineering (MRI) and well logging (in crude oil reservoirs) [7]. 
An NMR signal was first detected by Felix Bloch and Edward Purcell in 1945 [7]. NMR is 
based on the fact that some atomic nuclei have the properties of a magnetic dipole and cause 
the nucleus to produce an NMR signal. Examples of nuclei used in NMR are 
1
H, 
2
H, 
13
C, 
14 
N, 
31
P, 
129 
Xe and 
19
F [8]. According to quantum mechanics (nuclei have charge and spin), a 
magnetic dipole moment (µ) precesses around the direction of a magnetic field (B0) [8, 9]. 
The magnetic moment is given by, 
      (2-5) 
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where (ћ = h/ (2π)) h is Planck’s constant,  is the gyromagnetic ratio which depends on the 
nuclei used and I is the spin quantum number. Nuclei possessing unpaired nucleons (I = 1/2) 
are 
1
H, 
13
C, and 
19
F. 
NMR theory is related to the effects that an oscillating magnetic field (B1) has on nuclei in 
the presence of a static magnetic field (B0). When an unpaired nucleus is exposed to an 
external magnetic field (B0) there are two possible energy states: spin up (low energy state) or 
spin down (high energy state). These two quantum mechanical states are shown in Figure 2-
10. The transition of a particle between the two energy states takes place when a photon is 
absorbed. The energy (E) between the two energy states is given by equation 2-6 [2, 7, 8]. 
        (2-6) 
where Bo is the strength of the magnetic field.  
 
Figure 2-10: Two possible orientations (spin up and spin down) for nuclei with I = 
½ along the magnetic field [7]. 
If a group of spins is exposed to a magnetic field, each spin will orientate in one of the two 
possible energy states. Boltzmann statistics state that at room temperature the number of 
spins in the lower energy state is slightly higher that the amount of spins in the higher energy 
states (the small excess of spins in the low energy state is measured by NMR). The NMR 
signal is equivalent to the distribution of spins between the two energy states (N
-
 and N
+
) 
given by equation 2-7 [2, 8, 10], 
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(2-7) 
where k is the Boltzmann constant (1.3805  10-23 J/K), and T is the absolute temperature. 
The spins can be added as vectors producing a net magnetisation (M). In thermodynamic 
equilibrium, M is parallel to the direction of the magnetic field (z-direction in the laboratory 
coordinate frame) [7]. A magnetic moment (M) experience a torque (τ) when is placed in a 
magnetic field B0. Therefore, M precesses around the direction of a magnetic field (B0) with a 
precession frequency known as Larmor frequency (ω0 =  B0). 
The M vector is rotated out of the equilibrium position by an excitation pulse (of RF 
irradiation) emitted from an oscillating magnetic field (B1) with a resonance condition ω1 = 
ω0 (ω1 =  B1) for maximum interaction of B1 with M [7]. The oscillating field will rotate M 
by a certain rotation certain angle (θ), given by equation 2-8 [2], 
           (2-8) 
where t is the duration of the excitation pulse. 
2.2.7.1 NMR Relaxation 
Magnetic relaxation is the process by which an excited magnetic moment returns to the 
equilibrium state after an RF pulse is applied. This involves two relaxation times: spin-lattice 
relaxation (longitudinal relaxation or T1), and spin-spin relaxation (transverse relaxation or 
T2), where T1 is always greater or equal to T2. 
Spin-Lattice Relaxation (T1) 
The T1 mechanism involves the return of M to equilibrium along the z direction. At 
equilibrium, the net magnetisation vector is known as the equilibrium magnetisation (Mo) 
because it is parallel to the applied magnetic field (Bo). At this initial position, the 
longitudinal magnetisation, Mz is equal to M0. 
If the net magnetisation vector is exposed to energy and it changes its direction away from 
the equilibrium position, Mz will return to equilibrium Mo. This depends on the energy 
exchanged between the spins and the lattice, and the molecular motion at the Larmor 
frequency. The longitudinal relaxation time T1 is described as a function of time t, by 
equation 2-9 [2, 7-10]. 
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     (2-9) 
If the displacement of Mz is in the –z-axis, the recovery of the equilibrium position as a 
function of time t is described by equation 2-10 [10]. 
             
  
     (2-10) 
Measurements of T1 relaxation times are performed using the inversion recovery pulse 
sequence. The RF pulse sequence and magnetisation trajectories are shown in Figure 2-11. A 
180⁰ pulse is introduced to a magnetic vector in equilibrium (Mo). This will rotate the 
magnetic vector in the –z-axis, and no signal can be detected because there is no transverse 
magnetisation (in the x- or y- axis). Therefore, a 90⁰ pulse is applied (in x or y) which will 
rotate the magnetisation and the signal can be measured. This sequence is repeated several 
times after a certain delay time in order to allow the magnetisation to fully return to 
equilibrium [7, 10]. 
 
Figure 2-11: Diagram of the inversion recovery pulse sequence and magnetisation 
trajectories (in the rotating coordinate frame) [10]. 
Spin-Spin Relaxation (T2) 
The T2 mechanism involves the loss of coherence of the magnetisation in the x-y or transverse 
direction. If the net magnetisation vector changes the direction in the x-y plane after a 90⁰ 
pulse is applied, it will rotate in the z direction with a frequency equals to Larmor frequency. 
In the rotation of the net magnetisation along the z-axis, spins will experience differences in 
the magnetic field making these spins rotate at their own Larmor frequency, causing the net 
magnetisation to completely de-phase. Therefore, Mxy decays with the time constant T2
* 
(T2 
180 x 90 x
0 τ time
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due to time-invariant and time-dependent local magnetic fields) given by equation 2-11 [2, 
10].  
           
  
  
  
 
(2-11) 
Magnetisation trajectories and the signal decay called Free Induction Decay (FID) are shown 
in Figure 2-12. 
 
Figure 2-12: Diagram of a free induction decay and magnetisation trajectories (in  
the rotating coordinate frame) [10]. 
The loss of transverse magnetisation can be reversed by the introduction of a 180⁰ pulse 
forming a Hahn echo [11]. After a 90⁰ pulse, the transverse magnetisation (Mxy) is equal to 
Mxy0. At a certain time (τ) a 180⁰ pulse is introduced to re-phase the transverse magnetisation 
components. After a total time of 2τ (echo time), the transverse magnetisation components re-
phase and return to the equilibrium position Mxy0 forming an echo (Hahn echo). This is shown 
in Figure 2-13. 
The return to equilibrium is explained with the transverse relaxation time (T2) as a function of 
time t, by equation 2-12 [2, 7-10]. 
             
  
    (2-12) 
Eventually, Mxy will become zero and Mz will grow until Mz is equal to Mo. 
90
time
FID
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Figure 2-13: Diagram of the spin-echo pulse sequence and magnetisation 
trajectories (in the rotating coordinate frame) [10]. 
The Carr-Purcell-Meiboom-Gill (CPMG) pulse sequence was first introduced by Carr and 
Purcell in 1954, and subsequently refined by Meiboom and Gill in 1959. The sequence is a 
single train of multiple Hahn echoes and is the pulse sequence of choice to measure T2 
relaxation time [12, 13].  
 
Figure 2-14: Diagram of the CPMG pulse sequence, a 90⁰ pulse followed by a train 
of 180⁰ pulses [10]. 
This pulse sequence is represented in Figure 2-14. A 90⁰ pulse is introduced to a magnetic 
vector in the x direction (or y direction), followed by a train of 180⁰ pulses (at intervals of 2τ) 
in the -y direction (or x direction if the 90⁰ pulse is in y) in order to refocus the spins due to 
field in-homogeneities. A plot of signal size at increasing 2nτ (where n is the echo number) 
can be used to calculate T2 [7, 10]. 
Relaxation times were obtained using a low-field 20 MHz (magnet strength 0.5 Tesla) Maran 
benchtop instrument (Oxford Instruments, Abingdon, Oxfordshire, UK) with a Kea-2 
spectrometer (Magritek, New Zealand).  
90 x 180 y
2ττ0 time
Echo
90 x 180 y 180 y 180 y
2τ 2τ 2τ
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2.2.7.2 NMR Diffusion 
The Pulsed Field Gradient (PFG) method is an NMR technique widely used to measure flow 
and diffusion using magnetic field gradients. The sequence includes two pulses and two 
magnetic field gradients, in order to measure the net phasing of the spins (ɸ1 - ɸ2). Spins that 
move between the two gradient pulses in the sequence (by flow or diffusion) will have a net 
phasing different from zero, whereas spins that are stationary between the gradient pulses will 
have a net phase of zero [9, 10]. The PFG sequence is shown in Figure 2-15. 
 
Figure 2-15: Diagram of the PFG pulse sequence to measure diffusion [10]. 
The sequence starts with a 90⁰ pulse to rotate the magnetisation into the transverse plane.  
After this, a pulsed magnetic field gradient is introduced to measure a position dependent 
phase shift (ɸ1) of the transverse magnetisation. The gradient has strength, g, and duration, δ. 
The phase shift, ɸ1, is the product of δ, g,  and x1, as represented in the equation 2-13 [10], 
           (2-13) 
where   is the gyromagnetic ratio and x1 is the initial position of the spin. 
After the first gradient, a 180⁰ pulse is introduced to rotate the position dependent phase shift 
from ɸ1 to - ɸ1. A second pulsed magnetic field gradient is then applied which is identical to 
the first gradient. A new position ɸ2 is produced with equation 2-14 [10], 
           (2-14) 
where x2 is the final position of the spin. 
The difference between x1 and x2 results in a net phasing of the spins given by equation 2-15 
[10]. 
90x
RF
g (t)
180y
signal
ττ
g
δ
∆
time
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                   (2-15) 
Diffusion is characterised by a random movement of spins which causes a random phase shift 
and attenuation of the signal. 
The Pulsed Field Gradient Stimulated Echo (PFG-STE) sequence is a modified version of the 
PFG sequence. This technique substitutes the 180⁰ pulse with two 90⁰ pulses. In this 
sequence, half of the magnetisation is stored along the z-axis where it decays only by T1. 
Because  T1 > T2, longer values of diffusion time (Δ) can be used. However, half of the signal 
is lost when using the PFG-STE sequence. The maximum signal of the stimulated echo (STE) 
is half that of the maximum spin echo (SE) amplitude. The PFG-STE sequence is shown in 
Figure 2-16 [9, 10]. 
 
Figure 2-16: Diagram of the PFG-STE pulse sequence to measure diffusion.  
Due to the diffusion and change of positions of the molecules during ∆ (time between 
gradient pulses; diffusion time), the amplitude of the echo recorded at Mxy (g > 0) is smaller 
than the one recorded at Mxy (g = 0), therefore the spin-echo attenuation ratio (R) is, 
   
               
                 
         
(2-16) 
where D is the diffusion coefficient. These ratios are measured by changing ∆, δ or g. 
For bulk fluids (free diffusion, Fickian diffusion), the Stejskal-Tanner equation 2-17 allows 
the measurement of the NMR signal I(g) with the inclusion of diffusion effects [14]. 
               
         
 
 
   
(2-17) 
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If plotting ln(R) versus -2g2δ2 (∆-δ/3) results in a straight line, D is calculated from the slope. 
Restricted diffusion 
The molecular displacement is smaller (compared with free diffusion) when the movement of 
molecules during time ∆ is restricted by geometric boundaries (like droplets or pores).This is 
shown in Figure 2-17.  
Restricted diffusion is identified using the Einstein definition by equation 2-18 [9, 10]. 
          
              
  
 
(2-18) 
 or the limit t → 0, Deff is the free molecular diffusion coefficient D0, equation 2-19 [9, 10]. 
        
    
  
 
(2-19) 
If the radius of the droplet (r) is smaller (or equal) to the mean displacement of molecules 
during the diffusion time <r> (equation 2-20) then the diffusion is restricted [9]. 
          (2-20) 
D0 values reduce as a function of diffusion time (∆) as a result of collision with the 
boundaries. However, for free diffusion D0 values are constant for ∆ values. 
 
Figure 2-17: Schematic representation for restricted motion of water molecules in 
a droplet. 
For these cases of restricted diffusion, equation 2-17 is not valid. Different models proposed 
expressions for attenuation ratios (R) for molecules confined in cylinders, planes and spheres 
like the ratios proposed by Robertson [15] and Neuman [16]. Murday and Cotts expanded 
Neuman’s model for restricted diffusion within a sphere by equation 2-21 [17], 
2r
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(2-21) 
where, Rsp is the attenuation radio for restricted diffusion within a sphere of radio r, ψ is 
given by equation 2-22 and αm is the mth positive root, equation 2-23, 
           
                 
             
    
        
         
(2-22) 
     
  
       
  
       (2-23) 
where Jk is the Bessel function. 
In this thesis, the model used for particles diffusing in a sphere (drop) of radius r, given by 
equation 2-24 [10], is used. 
          
  
 
          
(2-24) 
This equation provides a good description of the signal when      , where q is equal to 
gδ. Packer and Rees proposed that the attenuation ratio of the drop phase can be modelled 
by the probability of having drops of that size [18]. Restricted diffusion in drops is modelled 
using equation 2-25. 
               
    
           
 
 
          
(2-25) 
Calculation of drop size distributions assumes a log-normal probability distribution function, 
as given in equation 2-26 [19], 
      
 
     
     
          
 
   
  
(2-26) 
where ro is the mean radius, and σ is the standard deviation. 
In order to improve data acquisition, the PFG-STE sequence used in this thesis for diffusion 
measurements was modified. Figure 2-18 shows the PFG-STE sequence with the addition of 
two spoiler gradients (gx and gy), with a duration of 10 ms and a strength of 5% gz,max for both 
of them. This intermediate state will destroy any unwanted magnetisation while the desired 
signal is stored on the z-axis. Shimming was used to achieve homogeneity in the field 
sufficiently for spectroscopic resolution and separate NMR signals for oil and water. 
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Figure 2-18: Diagram of the modified PFG-STE pulse sequence used in this thesis 
for diffusion measurements.  
2.2.8 Magnetic Resonance Imaging (MRI) 
The first NMR imaging observations were introduced by Paul Lauterbur [20] for medical use 
and Peter Mansfield for materials characterisation [7, 8]. A homogeneous polarisation 
magnetic field is necessary for NMR spectroscopy. However, for NMR imaging an 
inhomogeneous polarisation field is required. 
MRI requires the use of magnetic field gradients to collect spatial information. The spin 
frequency in a magnetic field gradient varies along the sample volume and signals from 
different positions of the sample can be discriminated. The dependence of the Larmor 
frequency in the presence of a magnetic field gradient (G) with the spatial position is 
expressed by [8, 10], 
             (2-27) 
where r is equal to position of the spin (along the gradient) and the gradient field (G) is 
parallel to B0 [8, 10].  
   
   
  
 
   
  
 
   
  
   
(2-28) 
The Fourier transformation of a FID as function of time recorded in presence of a gradient is 
a frequency profile (1D profile) of the sample in that direction and given by equation 2-29 [8, 
10], 
90x 90x
gz gz
RF
g (t)
90x
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τ1 τ1τ2 -τ1
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(2-29) 
 where ρ(r) measures the density of spins at the r position.  
2.2.8.1 Backprojection Imaging 
This is one of the first forms of imaging and an extension of the frequency encoding 
procedure. The image is constructed with a group of projections acquired at different angles 
of the field gradient relative to the object [8]. 
The Fourier transform of a projection is a line in the k-space. In backprojection, k-space is 
scanned in cylindrical coordinates. The other imaging methods generally follow Cartesian 
coordinates. 
2.2.8.2 Definition of k-Space 
The NMR signal with spatial resolution is acquired for a region of k-space and the image is 
obtained by Fourier transform of the k-space [8]. This space is defined on a discrete grid of 
points in 1, 2 or 3 dimensions. To cover the complete k-space many scans are needed and 
how to cover the k points depends on the imaging experiment. The k-space (in units of 
radians m
-1
) is defined in equation 2-30 [10]. 
      (2-30) 
The fundamental relations of NMR imaging are given by equations 2-31 and 2-32 [10],  
                         
(2-31) 
                                
(2-32) 
where SN is the total normalized signal and its Fourier transformation leads to the normalized 
spin density ρ(r) [10]. 
2.2.8.3 Fourier Imaging 
The introduction of a read gradient causes a group of spins to precess at a frequency 
dependent on their x-axis (read axis) position. This is known as frequency encoding (read 
gradient). The use of a phase gradient along the y-axis (phase encode axis) imparts a phase 
shift to the spins and is known as phase encoding. Phase encoding is acquired by changing 
the gradient amplitude. 
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In 2D imaging (called spin warp sequence; k-space scan in Cartesian coordinates), the sample 
is mapped with combination of frequency encoding in one direction (x direction) and phase 
encoding in the other (y direction). Phase and read gradients are applied at the same time. The 
standard notation for a spin warp pulse (2D FT) sequence for 2D images is shown in Figure 
2-19 [7, 8]. Many variations have been reported for this pulse sequence in ref. [8]. A 2D 
Fourier transformation of the signal produces a 2D image of the sample. 
 
Figure 2-19: Standard notation for a spin warp pulse sequen ce for acquisition of 
2D images [21]. 
In the present work, 2D images were recorded using the pulse sequence in Figure 2-20. An 
RF pulse (90⁰) and slice selection gradient are applied at the same time. This will rotate only 
the spins located in the slice as shown in Figure 2-21. In order to produce a good slice 
definition, a 90⁰ pulse in the shape of a sinc pulse (soft RF pulse) is used. The slice selection 
gradient is applied perpendicular to the slice plane [8, 9]. 
After the slice is selected, phase and read gradients are switched on simultaneously (diagonal 
sampling). This causes a phase traverse to a point in the Cartesian plane (kx, ky) where kx is 
equal to kmax (amplitude read gradient) and ky depending on the phase gradient amplitude. A 
180⁰ RF pulse inverts all the phases of spins and the spin echo is recorded under a frequency 
encoding gradient. In order to collect all the points in the k-space, the sequence is repeated N 
times [10]. 
90⁰
RF
Read 
gradient
180⁰
Signal
time
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gradient
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Figure 2-20: Diagram of the two dimensional plus slice pulse sequence for 
acquisition of 2D images [21]. 
 
Figure 2-21: Schematic representation for a slice selection. Only the spins located 
in the slice are the ones to rotate [7]. 
The contrast of the image is defined by differences in T2 relaxation times during the echo 
time [7]. 
Slice thickness and image resolution (pixel size ∆r) are defined by the gradient strength (g) 
and are limited by the T2 relaxation time, spin mobility and spin density. Image size (field of 
view,  OV) and ∆r are related to g and the number of data points (n) separated by the dwell 
time (tdw). These relations are given by equations 2-33 and 2-34. 
    
  
     
 
(2-33) 
   
  
      
 
(2-34) 
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Diffusion measurements and MRI images were collected in a low-field 60 MHz instrument 
(~1.4 Tesla/200 mm) room bore magnet system with fast rise-time gradient coils (x,y,z) from 
Magnex Scientific Limited, Abingdon, England. The magnet is placed in a horizontal room 
temperature bore. The magnet system is for applications of MRI and Magnetic Resonance 
Spectroscopy. Amplifier gradients model BFG 155/100 S-6 are from Resonance Research 
Inc., Massachusetts, USA. The Kea-2 spectrometer is from Magritek, New Zealand.  
2.2.8.4 Chemical Shift 
In NMR spectroscopy, a nucleus will come into resonance as a result of variations in the 
electron populations of surrounding nuclei. For example, in the case of a 
13
C NMR spectrum, 
resonance of each 
13
C atom in a compound will appear at a slightly different frequency from 
all the others. Therefore, the range of frequencies found in 
1
H and 
13
C spectra for high-field 
NMR is due to different chemical environments. These signals in the spectrum are identified 
as a chemical shift (δ) from a standard frequency. Chemical shift is expressed in parts per 
million (ppm) and defined by [2, 22],  
  
               
                         
 
(2-35) 
where vs is the chemical group frequency and vTMS is reference frequency. The most 
commonly used standard frequency in NMR spectroscopy measurements is tetramethylsilane 
(TMS). 
High resolution NMR spectrometer used in this thesis include a 500 MHz NMR spectrometer 
(AVANCE II 500, Bruker) equipped with a 5 mm PABBO BB-1H/D Z-GRD Z113652/0007 
probe, and a 300 MHz Bruker AVANCE II 300 NMR spectrometer equipped with a 5mm 
DUL 13C-1H/D Z-GRD Z 5517/0066 probe.  
2.2.8.5 NMR spectrometer 
A simplified diagram of a NMR spectrometer is shown in Figure 2-22. The computer controls 
the units in the spectrometer. The B0 field is produced by the magnet. The shim coils used for 
homogenization of the B0 field (shimming) are inside the magnet bore. The probe is contained 
inside the shim coil and the RF coil is contained inside the probe. RF coil generates the B1 
field (for the RF pulses) and detect the signal from the spins after RF pulses. 
The sample is placed in the magnet inside the RF coil. The coil is part of the RF oscillator, 
tuned to the ωrf. A 90⁰ RF pulse is send through the transmitter and rotates the magnetisation 
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in the transverse plane. Then, the magnetisation precesses with ω0 around the z-axis 
(laboratory coordinate frame). The magnetisation induces a voltage in the coil that oscillates 
at ω0. In the receiver, a transition to the rotating coordinate frame takes place due to the 
signal being mixed with a reference wave (at ωrf) and filtered for acquisition [7]. The 
quadrature components of the transverse magnetisation (sin(ω0-ωrf)t and cos(ω0-ωrf)t) are 
measured in the rotating coordinate frame [7, 23]. For imaging and diffusion, the 
spectrometer includes switchable gradients fields (x, y, z). 
 
Figure 2-22: Diagram of the main components of a NMR spectrometer [7]. 
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3. CRUDE OIL COMPOSITION  
3.1. Introduction 
Petroleum composition includes a broad mixture of chemical compounds which are 
influenced by a series of natural factors. Crude oil chemical composition is not unique and 
varies from one oilfield/reservoir to another, between wells in the same oilfield and between 
differences depths in a well [1]. Due to their complex chemistry, crude oils are usually 
separated into four SARA fractions (Figure 1-3). Surface-active species responsible for the 
interfacial behaviour in crude oil systems are identified in the resin and asphaltene polar 
fractions in which heteroatoms (nitrogen, oxygen, sulfur) and heavy metals (mainly nickel 
and vanadium) are concentrated.  
The chemical characterisation of crude oils used in this thesis is discussed in this chapter. 
This includes elemental analysis to determine carbon, hydrogen and nitrogen content, SARA 
fractionation according to differences in polarity and solubility, and asphaltene/maltenes 
separation using n-pentane and n-heptane. Crude oil fractions were analysed by IR 
spectroscopy to compare the distribution of functional groups between the fractions and by 
1
H NMR spectroscopy to compare the proportion of aromatics and aliphatic protons.  
Asphaltenes and resins are two main fractions relevant to crude oil interfacial behaviour. 
They are crucial to understand oil-water, oil-solid, and oil-water-solid systems. The first 
observation of asphaltene aggregation in oil was reported by Nellensteyn [2] and continued 
by Pfeiffer and Saal [3] who highlighted the role of asphaltenes in crude oil.  
Asphaltene aggregation models include steric-colloidal, polymeric, solubility, and the Yen-
Mullins model [4]. A brief discussion of these models is presented in this chapter, particularly 
the latter as the most recent [5]. In this work, in order to evaluate asphaltene aggregation, 
diffusion-ordered spectroscopy (DOSY) NMR measurements have been performed in order 
to identify the type of aggregates and sizes for four different types of asphaltenes. 
3.1.1 Crude Oil Fractionation 
SARA fractionation is widely used in the oil industry to separate crude oil into saturates, 
aromatics, resins and asphaltenes fractions based on their solubility in solvents of different 
polarity and their affinity for adsorption on column packings [6-8].  
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In this thesis, gravimetric adsorption chromatography was used for SARA separation. In this 
method, C7-asphaltenes are precipitated by n-heptane and the deasphalted oil (the maltenes) 
separated by column chromatography on silica gel using solvents of different polarity. The 
choice of eluting solvents and stationary phase would affect the SARA fractionations 
produced [8].  
The saturated fractions are composed of non-polar hydrocarbons, including paraffins 
(saturated hydrocarbons with straight or branched chains) and naphthenes (saturated 
hydrocarbons with one or more rings) [7, 8]. Aromatic fractions contain compounds with one 
or more aromatic rings (mono-, di-, and polycyclic aromatic hydrocarbon (PAHs)) or 
thiophenic rings with and without alkyl side chains [7, 8].  
Resin and asphaltene fractions are characterised by heteroaromatic compounds with aliphatic 
substitutions. Resins are low in aromaticity (containing longer alkyl chains and smaller 
aromatic rings) and heteroatom content [9]. They are strongly adsorbed on silica columns and 
are desorbed by polar solvents (e.g. pyridine and chloroform) or by a mixture of solvents (e.g. 
toluene/methanol, cyclohexane/DCM/acetone and toluene/DCM/acetone) [9]. On the other 
hand, asphaltenes are insoluble in n-heptane and are considered the heaviest and most polar 
crude oil fraction (high in aromaticity and heteroatom content) and with trace metals (V, Ni, 
Fe and Cu) [6]. 
3.1.2 Crude Oil Non-hydrocarbon Components 
Surface-active species are concentrated in the polar fractions of the crude oil, mainly resins 
and asphaltenes [10]. These species include sulfur-, nitrogen-, and oxygen-containing 
compounds and organometallic compounds, all of which are related to upstream and 
downstream operational problems, including corrosion and poisoning of catalysts [11]. The 
nitrogen content of crude oils is normally between 0.1 and 0.9% [11] and are present as basic 
(pyridine, quinoline, indoline, and benzoquinoline) and nonbasic (pyrrole, indole, carbazole, 
benzocarbazole) compounds [11, 12]. Chemical structures of some nitrogen heterocycles are 
shown in Figure 3-1. 
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Figure 3-1: Chemical structures of some nitrogen compounds present in crude oils: 
(1) pyrrole, (2) indole, (3) carbazole, (4) benzocarbazole, (5) pyridine, (6) 
quinoline, (7) indoline and (8) benzoquinoline. Illustrations from Speight [11]. 
Sulfur has been reported to be present in elemental form and in combination with carbon and 
hydrogen. Some sulfur compounds in crude oil include: thiols (mercaptans), sulfides, cyclic 
sulfides, disulfides, thiophene, benzothiophene and naphthobenzothiophene [11, 13]. Sulfur 
content is higher in crude oils with low API gravity. Therefore, sulfur content is lower in light 
oils (about 0.04%) than in heavy oils or bitumen (about 5%) [11]. Chemical structures of 
some crude oil sulfur compounds are shown in Figure 3-2.   
 
Figure 3-2: Chemical structure of some sulfur compounds present in crude oils: (1)  
thiane, (2) thiophene, (3) benzothiophene, (4) dibenzothiophene and (5) 
naphthobenzothiophene. Illustrations from Speight [11]. 
Oxygen content in crude oil is normally less than 2%, some oxygen compounds in crude oils 
include phenols, amides, carboxylic acids (mainly naphthenic acids), and furan derivatives 
[11, 14]. Chemical structures of some oxygen compounds are shown in Figure 3-3. 
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Figure 3-3: Chemical structure of some oxygen compounds present in crude oils: 
(1) cyclopentanecarboxylic acid, (2) cyclohexanecarboxylic acid, (3) pheno l, (4) 
fatty acids, (5) 1-naphthol and (6) furan. Illustrations from Fingas [15]. 
Crude oil normally contains vanadyl and nickel porphyrins which are porphine (pyrrole 
molecules joined by (–CH=) bridges) derivatives with metals included into the molecule 
through chelation [6, 11]. Porphyrin content is higher in heavy oils than light oils. Crude oil 
trace metals are mainly nickel (Ni) and vanadium (V), but also include other metals 
originating from coproduced brine (sodium (Na), magnesium (Mg), calcium (Ca)) and 
corrosion products (e.g. iron (Fe)) [6, 11]. Vanadium content is approximately 1000 ppm 
with the majority being present as vanadyl porphyrins [11]. A vanadyl porphyrin structure is 
shown in Figure 3-4. 
 
 
 
 
 
Figure 3-4: Example of a vanadyl porphyrin structure, from McKenna et al.  [16]. 
3.1.3 Asphaltene Aggregation Models 
As previously mentioned, asphaltenes have a natural tendency to aggregate, precipitate and 
deposit on surfaces [4, 5, 17] causing problems during crude oil recovery, transportation, 
refining and upgrading [5]. 
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Understanding the structure of asphaltenes is vital in understanding their aggregation. The 
structure of asphaltene molecules has been a subject of debate in the literature and the focus 
is around two models: the ‘island’ model and the ‘archipelago’ model, both shown in  igure 
3-5 [5]. The island model (also known as the ‘continental’ model) proposes that asphaltenes 
contain large PAH cores linked to aliphatic chains [4, 18, 19]. In contrast, the archipelago 
model contains smaller PAH units linked through aliphatic chains [4, 18, 19]. Both models 
include the presence of heteroatoms (O, N and S) and trace metals (Ni and V).  
 
Figure 3-5: Asphaltene structures of the island model (top) and the archipelago 
model (bottom). Illustrations from Durand et al.  [20]. 
As reviewed by Hosseini‐Dastgerdi et al. [4], studies in the literature support both models. 
Other studies [18, 20] consider a combination of both types of asphaltenes architecture. 
Asphaltene interactions will differ for each structural type. In island-type asphaltenes, π-π 
stacking is most likely between their parallel aromatic cores [4, 18], whereas for asphaltenes 
of the archipelago-type, interactions are due to hydrogen bonding [18]. Therefore, from the 
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structure of asphaltene molecules, the intermolecular forces responsible for aggregation 
includes π-π stacking, hydrogen bonding, and Gray et al. [21] also included Brønsted acid-
base interactions, metal coordination complexes, and interactions between cycloalkyl and 
alkyl groups. 
Four mechanisms have been considered in the literature for asphaltene aggregation: steric-
colloidal, polymeric, solubility, and the Yen-Mullins model [4]. 
3.1.3.1 The Steric-Colloidal Model 
The general basis of this model is that resins stabilise asphaltenes as colloidal aggregates. The 
model suggests that colloidal aggregates of asphaltenes are dispersed in the oil phase due to 
resins covering their surfaces. Therefore, asphaltene stability and solvation is due to 
interactions between the asphaltenes and the resins which influence π-π interactions and 
hydrogen bonding [4].  
3.1.3.2 Polymeric/Macromolecular Model 
This model proposed that asphaltene aggregation follows the same mechanism as 
polymerisation [4]. Agrawala and Yarranton [22] modelled asphaltene self-association as a 
linear polymerisation reaction. The mechanism suggests that asphaltene molecules have 
multiple active positions (functional groups) being able to link with other asphaltenes. 
Asphaltenes would act as propagators due to multiple active sites and resins as terminators 
due to single active sites [22]. 
3.1.3.3 Solubility Model 
This mechanism was proposed by Acevedo et al. [23] where asphaltenes were fractionated 
into two groups due to solubility differences in polar solvents: island-type asphaltene 
architecture (low solubility) and archipelago-type architecture (high solubility) [4]. Formation 
of aggregates is due to the combination of the two types of asphaltenes architecture where 
island-type asphaltenes are the core of aggregates which are surrounded by archipelago-type 
asphaltenes and the solvent. 
3.1.3.4 The Yen-Mullins Model 
The Yen-Mullins model (or the modified Yen model) proposed by Mullins [5] is based on the 
Yen model, originally proposed by Dickie and Yen [24] in 1967. One of the main features of 
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this model is that resins do not stabilise asphaltene aggregates and that asphaltene 
architecture follows the island model [5, 19, 25]. 
The Yen-Mullins model proposes that asphaltenes with island-type architectures have one 
aromatic ring system per molecule, with a size of ~1.5 nm [5, 19]. Asphaltene molecules are 
able to form nanoaggregates of ~2 nm (aggregation number < 10) in a disordered stack of 
aromatics [19], and these nanoaggregates form clusters with sizes of ~5 nm (aggregation 
number < 10). The PAH is reported to be responsible for the tendency of asphaltenes to 
aggregate due to attraction between aromatic cores of the asphaltene molecules [4, 5]. The 
applicability of the Yen-Mullins model in the oilfield was validated by Mullins et al. [26] 
where the existence and size of clusters in heavy oil reservoirs was confirmed. The three 
components involved in the Yen-Mullins model are shown in Figure 3-6.   
 
Figure 3-6: Components involved in the Yen-Mullins model: asphaltene molecule, 
asphaltene nanoaggregate and cluster of asphaltene nanoaggregates. Diagram from 
Mullins et al. [19]. 
3.2. Experimental Methods 
3.2.1 Determination of Surface and Interfacial Tension  
Surface and interfacial tensions were determined using a Krüss K10 surface tensiometer at 23 
 2 ⁰C by the du Noüy ring method. The platinum ring was initially washed with 
concentrated sulfuric acid and water rinsed and heated in a blue Bunsen flame before each 
measurement to remove any organics on the ring. The surface tension of deionised water was 
first measured, and found to be 71.5  0.2 mN/m. Surface and interfacial tension 
measurements were then made on crude oils A, F, C and D and for diluted JACOS bitumen in 
toluene (at concentrations of 0.5, 1, 10 and 50%). For the interfacial tension measurements, 
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the ring is first immersed into the water and the oil carefully poured down the side of the 
container to cover the water phase. Then, the ring is lifted to the interface and measurements 
were taken after 2 h to allow the interface to equilibrate. 
3.2.2 Elemental Analysis 
Crude oils microanalyses were made in duplicate at University of Surrey using an Exeter 
Analytical CHN analyser CE 440. 
3.2.3 Procedure for Precipitation of n-Pentane and n-Heptane 
Asphaltenes  
40 volumes of n-pentane were added to a measured amount of crude oil, and the mixture was 
stirred thoroughly for 3 h to fully destabilise n-pentane-precipitated asphaltenes (C5-
asphaltenes). The mixture was then filtered (Whatman #1 filter paper) to produce solid C5-
asphaltenes and the corresponding maltene fraction (C5-maltenes) was recovered after 
evaporation of the n-pentane solvent from the filtrate. A weighed amount of C5-asphaltene 
was then suspended in n-heptane with stirring for 3 h to destabilise n-heptane-precipitated 
asphaltenes. The mixture was filtered (Whatman #1 filter paper) to produce two fractions, a 
solid C7-asphaltene and a heptane-soluble/pentane-insoluble component, designated as the 
C5-C7 resin fraction which was recovered after evaporation of the n-heptane solvent.  
3.2.4 SARA Fractionation 
SARA analyses for JACOS bitumen and crude oil A and F were performed using column 
chromatography on silica gel (35-70#, Sigma-Aldrich, UK). Asphaltenes were precipitated 
prior to column separation with an excess of n-heptane, ratio of 40:1.   
Maltenes (0.1 g in n-heptane) were initially adsorbed on the column, followed by elution of 
the saturates fraction with 30 mL of n-heptane. This was followed by removal of the 
aromatics 1 fraction with 30 mL of a mixture of n-heptane and toluene (volume ratio of 
80:20). The aromatics 2 fraction was extracted with 20 mL of toluene. Finally, resins were 
recovered with 40 mL of a mixture of acetone, dichloromethane (DCM) and toluene (ratio of 
40:30:30). Quantification of saturates, aromatics and resins fractions was accomplished by 
weighing empty scintillation vials prior to the experiment and after sample collection (after 
evaporating the solvent). Differences in weight are the recovery of each fraction. Figure 3-7 
summarises the SARA procedure. 
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Figure 3-7: SARA procedure used for fractionation of crude oil. The aromatics 
fraction includes aromatics 1 and 2.  
In the literature, various solvent combinations have been used to elute resins, including 
toluene/methanol, acetone/DCM and acetonitrile/DCM [9]. In this study, the solvent mixture 
includes acetone which has a high affinity for low molecular weight hydrocarbons containing 
polar groups (e.g. sulfoxide and carbonyl) [9], and DCM and toluene due to their affinity for 
the rest of the resin fraction [9, 27]. 
3.2.5 ATR-IR Spectroscopy 
All crude oils and their fractions were analysed using infrared spectroscopy. Prior to the 
measurements, each sample was dissolved in DCM, and placed on the sample crystal 
allowing the solvent to evaporate. The spectra were collected in a spectral range from 4000 to 
400 cm
-1
. Infrared spectroscopy basics and equipment details are presented in Chapter 2. 
3.2.6 High- Field NMR Spectroscopy 
500 and 300 MHz spectrometers were used for obtaining
 1
H NMR and diffusion-ordered 
spectroscopy (DOSY) spectra, respectively. Chapter 2 contains further equipment details.  
Solutions for 
1
H NMR analyses were prepared by dissolving typically 6 mg of the crude oils 
and their fractions in 0.7 mL of chloroform-d in 5 mm NMR tubes. 
1
H NMR spectra were 
recorded at 25 ⁰C and the spectra processed and analysed using Bruker Topspin 3.1 software. 
Acquisition parameters used include flip angle of 30⁰, spectral width of 15 ppm, delay time 
of 0.3 s, number of scans of 16, acquisition time of 3.2 s, and line broadening of 0.3 Hz. 
Maltenes
(deasphalted oil)
ResinsSaturates Aromatics
n-heptane
Silica gel
(1) n-heptane
(2) n-heptane/toluene 
and
toluene 
(3) DCM/acetone/toluene
Crude oil
C7-Asphaltenes
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1
H NMR spectra integration regions were defined as 0.5-5 ppm for aliphatic and 6-9 ppm for 
aromatics. Contributions from the chloroform peak (at 7.27 ppm) were excluded in the 
determination of integrals. Thus, the integration region for aromatics was defined as 6-7.22 
ppm and 7.35-9 ppm. 
C7-asphaltenes were dissolved in toluene-d8 at a concentration of 2.7 g/L (~0.3 wt%) and 
placed in 5 mm NMR tubes. DOSY experiments on C7-asphaltenes from four different crude 
oils (JACOS bitumen and oils A, F and C) were obtained using a 300 MHz spectrometer, 
generating a maximum gradient strength of 53.5 G/cm. For DOSY NMR measurements, 
diffusion time (∆ = 100 ms) and gradient duration (δ = 1 ms) were kept constant and gradient 
strength (g) were varied (gradient amplitudes were incremented from 5 to 95%). Optimisation 
of the parameters was performed by running 1D experiments using a Stimulated Echo (STE) 
pulse sequence with bipolar gradient (stebpgp1s1D) and number of scans of 64. Parameters 
for gradient ramp include: number of steps of 32, linear ramp, and start and final value from 5 
to 95%, respectively. Spectra were measured at 25 ⁰C and diffusion data were analysed using 
Dynamic Center software. 
Lisitza et al. [28] used DOSY NMR measurements to study asphaltenes at low concentrations 
in toluene (ranging from 0.05 to 2.1 g/L). These authors noticed that for concentrations below 
0.2 g/L, aggregate sizes (calculated using the Stokes-Einstein equation) show a monomer 
radius of 1.2 nm. In the present study, an asphaltene concentration of 2.7 g/L (~0.3 wt%) was 
used to detect aggregates. It is to be noted that aggregation will not only depend on 
asphaltene concentration but also on the asphaltene source, which explains different 
aggregate sizes reported in the literature, even though similar concentrations were used [18, 
20]. 
Diffusion measurements are important in asphaltene studies because diffusion coefficients 
provide information about asphaltenes aggregation and sizes [18]. DOSY 2D spectra 
(diffusion coefficient versus chemical shift) separate the signals from C7-asphaltenes and 
solvents (toluene-d8 and residual n-heptane) that appear overlapped in 
1
H NMR spectra. 
Aggregate sizes were determined assuming a sphere model using the Stokes-Einstein 
equation, 
   
   
    
 
(3-1) 
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where d is the aggregate diameter, kB is the Boltzmann constant, T is the absolute 
temperature, η is the solvent viscosity and D is the diffusion coefficient of the asphaltenes 
[29]. 
3.2.7 Contact Angle Measurements 
Microscope glass slides were cleaned by sonication in acetone and deionised water for 10 
minutes each, in order to remove dust particles or any other contaminants. The cleaned glass 
slides were coated with crude oil (two glass slides per crude oil-JACOS bitumen and crude 
oils A, C, and F) and left in contact for 72 h at ambient temperature. For the case of JACOS 
bitumen, a sufficient amount of toluene was added in order to reduce the viscosity to spread 
the material on the glass slide. After the ageing time, the slides were washed with toluene or 
n-heptane solvents and crude oil-treated slides were used as the substrate for contact angle 
measurements.  
Advancing and receding contact angles were   measured at room temperature in air using a 
FTÅ-1000B Drop Shape Analyzer (First Ten Ångstroms Inc., Portsmouth, VA, USA). 
Contact angle measurements were made with the syringe needle (remaining within the 
formed drop during injection) using deionised water. For receding contact angle 
measurements, liquid was extracted until the contact line retracted. Contact angle 
measurements were taken on both sides of the drop in three different positions of the coated 
glass slide and the average contact angle values reported. The image of the droplet on the 
substrate was captured by the in-built FTÅ image analyser. 
3.3. Results and Discussion  
3.3.1 Determination of Surface and Interfacial Tension  
Interfacial tension is related to the excess surface-active species at oil-water interfaces [6]. 
Natural surfactants in the crude oil accumulate (or adsorb) to the oil-water interface, where 
they orientate (hydrophobic part towards the oil phase and hydrophilic part towards the water 
phase). Interfacial tension measurements are time-dependent due to the slow diffusion of 
surface-active species from the bulk oil [30, 31]. In this study, therefore, interfacial tensions 
are reported after 2 h, by which time equilibrium has been reached. 
Tables 3-1 and 3-2 show the surface and interfacial tensions for JACOS bitumen solutions in 
toluene and for crude oils A, C, D and F. The surface and interfacial tensions for the whole 
bitumen were obtained by extrapolation and found to be 30.2  0.2 mN/m and 13.2  0.5 
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mN/m, respectively. Table 3-1 shows that the interfacial tension for JACOS solutions in 
toluene decreases as bitumen concentration increases. Similar interfacial tension values were 
reported by Khristov et al. for Athabasca bitumen [32].  
Table 3-1: Surface and interfacial tensions for JACOS bitumen solutions in toluene determined 
by the du Noüy ring method at 23  2 ⁰C. 
JACOS 
concentration in 
toluene (wt%) 
oil/air 
± 0.2 (mN/m) 
water/oil 
± 0.5 (mN/m) 
0 28.2 34.0 
0.5 29.2 24.0 
1 29.0 22.0 
10 29.1 19.9 
50 29.8 18.1 
100 30.2 13.2 
 
The data in Tables 3-1 and 3-2 suggest stronger interactions occur at the oil-water interface as 
interfacial tension decreases, which benefits emulsification. The adsorption of surface-active 
components at oil-water interfaces depends of many factors, including temperature, pressure, 
oil viscosity, aqueous phase composition and content of surface-active species in the oil [6].  
Table 3-2: Surface and interfacial tensions for crude oils A, C, D and F determined by the du 
Noüy ring method at 23  2 ⁰C. 
Crude oil 
oil/air 
± 0.2 (mN/m) 
water/oil 
± 0.5 (mN/m) 
Oil A 31.0 21.5 
Oil C 29.2 17.8 
Oil D 25.4 18.3 
Oil F 28.3 19.6 
 
The literature often reports asphaltenes dominating the oil-water interface resulting in a 
decrease in interfacial tension as the asphaltene concentration is increased [31, 33]. However, 
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variations in crude oil composition would impact the interfacial tension where other 
components such as naphthenic acids and resins could also influence. The role of asphaltenes, 
crude oil acids and resins in interfacial tension is discussed in the literature [6, 10, 34-36].  
3.3.2 Crude Oil Elemental Analysis 
Figure 3-8 shows the proportions of carbon, hydrogen and nitrogen for the crude oils studied. 
For some of the samples, nitrogen contents were below the detection limit of the equipment 
(< 0.3%).  
 
 Figure 3-8: Elemental analysis for JACOS bitumen and crude oils A, C, D and F.  
Speight [11] reported that in crude oil elemental composition, the carbon content is relatively 
constant, whereas hydrogen and heteroatom content are responsible for the main differences 
between crude oils.    
Table 3-3 shows the typical C, H, N, O, S and metals contents reported by Speight [11] from 
crude oils from different sources and with different physical properties. Figure 3-8 and Table 
3-4 show that the proportions of elements found for crude oils (A, F and C) and JACOS 
bitumen in the present work are similar to the values in Table 3-3. However, the percentages 
of carbon and nitrogen for crude oil D appear to be an exception. Therefore, excluding 
1
H 
NMR spectra, crude oil D was not used in other analysis. 
Comparing the CHN contents with respect to their origin and viscosity, oils from the same 
locations (e.g. oils A and F from Alaska) have similar hydrogen-to-carbon (H/C) ratios, 
although they differ greatly in viscosity.   
Crude oils C and D have the highest H/C ratios which suggest that the oil is more paraffinic 
or naphthenic. This is consistent with these oils having higher API gravity. JACOS bitumen 
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has a H/C ratio of 1.59, typical of bitumen [11]. Low H/C values indicate higher aromaticity 
for the oils, as expected for bitumen.   
Table 3-3: Typical values for C, H, N, O, S and metals content of crude oil. Data from Speight 
[11]. 
Element Percentage (%) 
Carbon 83-87 
Hydrogen 10-14 
Nitrogen 0.1-2 
Oxygen 0.05-1.5 
Sulfur 0.05-6 
Metals (Ni, V) < 1000 ppm 
 
Table 3-4: Percentage of C, H and N in crude oils A, C, D, F and JACOS bitumen. Origin, API 
gravity and viscosity are included. 
Property Oil A Oil C Oil D Oil F 
JACOS 
Bitumen 
Origin Alaska Angola 
Gulf of 
Mexico 
Alaska Canada 
ºAPI 19.1 28.1 32.2 21.9 7.4 
*Viscosity, mPa.s 466.7 37.1 12.3 80.8 342000 
%C 83.54 81.26 76.9 82.12 82.26 
%H 11.35 12.38 11.57 11.44 10.82 
%N < 0.3 6.98 4.26 < 0.3 < 0.3 
C/H 0.61 0.55 0.55 0.60 0.63 
H/C 1.64 1.82 1.82 1.67 1.59 
* Viscosities were measured at 23  2C using a Contraves Low Shear 30 concentric cylinder rotational 
rheometer. 
Elemental analysis has also been used to determine mass ratios of elements (C, H, N, S, and 
O) present in crude oil fractions in order to estimate empirical formulae. For example, 
Lashkarbolooki et al. [37] found asphaltenes and resins to be represented as C470H542O17S16 
and C112H159O7S2, respectively, for an acidic crude oil (TAN = 1.46 mg KOH/g sample); 
surprisingly no nitrogen was found. The higher H/C ratio in resins relative to asphaltenes 
indicates that resins are less aromatic. These empirical formulae highlight the complexity of 
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crude oil chemistry, and therefore determining the exact chemical composition and molecular 
structure of crude oil fractions is not straightforward [38].  
3.3.3 IR Spectroscopic Analysis for Crude Oil Characterisation 
3.3.3.1 Crude Oil Fractionation Based on Solubility 
Crude oils are usually separated into solubility fractions for their characterisation due to their 
complex chemistry. Oils A, F and JACOS were fractionated by solubility in paraffinic (n-
pentane and n-heptane) hydrocarbons into five categories: C5-maltenes, C7-maltenes, resins 
(C7-C5 fraction), C5-asphaltenes and C7-asphaltenes. The crude oils and fractions were 
analysed by IR spectroscopy. Table 3-5 shows some functional groups assigned to the 
vibrational bands from literature studies [39-49]. 
Table 3-5: Functional group frequencies assigned to crude oil and crude oil fractions in the 
literature [39-49]. 
Group frequency (cm
-1
) Functional Group 
3400-3300 O-H alcohol /carboxylic acid stretch 
Higher 3000 =C-H alkane stretch 
2953 CH3 asymmetrical stretch 
2919, 2852 C-H alkane stretch 
2800 HC=O aldehyde 
1726 C=O aldehyde/ester 
1700 C=O carboxylic acid 
1600 C=C aromatics 
1455 CH2 bending 
1375 CH3 bending 
1300-1100 C-O ether/ester 
1260 C-O phenol 
1200 C-O carboxylic acids 
1030 S=O sulfoxide 
1300-1100 O=S=O sulfone 
700-1000 Aromatic C-H out-of-plane 
750-720 Methylene –(CH2)n-, n ≥ 3 (Alkane long chain band) 
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The IR spectroscopic analysis of the crude oils and fractions identified the following bands 
and functional groups: C-H stretch at 2950-2850 cm
-1
, assigned to alkanes and bands at 
~1460 cm
-1
 and ~1370 cm
-1
 assigned to asymmetrical methyl bending and symmetrical 
methyl bending, respectively [40]; the C=C vibrational band at 1600 cm
-1
 attributed to 
aromatics hydrocarbons [40], the C=O vibrational band at 1700-1725 cm
-1
 most likely 
attributed to carboxylic acid species [40] and the 1030 cm
-1
 band attributed to sulfoxide 
(S=O) [39].  
IR spectra for bulk oils (A, F and JACOS) and their fractions show the common C-H alkane 
stretching bands and deformation vibrations 2950-2850 cm
-1
, 1460 and 1370 cm
-1
. C5- and 
C7-asphaltenes spectra (Figures 3-9, 3-10 and 3-11) show similar bands: C=C aromatic band 
(1600 cm
-1
), S=O sulfoxide band (1030 cm
-1
), and aromatic CH out-of-plane bending 
vibrations (700-1000 cm
-1
). These bands are similar to the asphaltene bands reported by Wilt 
et al. [44] for C5-asphaltenes and by Yasar et al. [45] for C7-asphaltenes. Additionally, bands 
identified at 3000-3050 cm
-1
 are assigned to the C-H of aromatics, and bands at 3100-3600 
cm
-1
 are due to the presence of molecules with –OH or –NH groups [47].  
The C7-C5 fraction spectra (attributed to resins) extracted from crude oils A and F (shown in 
Figures 3-9 and 3-10) are similar. These spectra include the C=C aromatics band (1600 cm
-1
), 
S=O sulfoxide bands (1030 cm
-1
) and a small contribution from the C=O carboxylic acid 
group (1700 cm
-1
). Resin spectra from crude oils A and F are different from the JACOS 
bitumen resin spectrum. There is a larger contribution from the carboxylic acid C=O groups 
and from aromatic CH out-of-plane bending vibrations (700-1000 cm
-1
) in the latter. 
Carboxylic C=O groups were expected to show an intense band in the resin fractions. 
However, the small contribution of the C=O band could be attributed to the loss of carboxylic 
acids during deasphalting, through adsorption to glassware or filter paper or through 
precipitation with asphaltenes [10]. 
The spectra of C5- and C7-maltenes from oils A, F and JACOS, showed the presence of 
similar functional groups. The spectra for crude oil A and F maltenes (shown in Figures 3-9 
and 3-10) include C=C aromatics (1600 cm
-1
) and S=O sulfoxide bands (1030 cm
-1
). The 
JACOS maltenes spectra show the same bands, but also a small contribution from carboxylic 
acid C=O groups (1700 cm
-1
). These are similar to the bands identified by Andersen et al. 
[10] in C7-maltenes and by Abourriche et al. [48] in C6-maltenes (from n-hexane) which 
include the aliphatic C-H stretching and bending bands, and C=C aromatic groups. 
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Abourriche et al. [48] also identified the C=O group, and bands at 1000-1250 cm
-1
 were 
attributed to C-O vibrations from esters or alcohols.  
IR spectroscopic analysis allowed the spectra from bulk oils and their fractions to be 
compared through the presence or absence of functional groups. Main differences in the IR 
spectra are attributed to the intensity of the C=O, C=C and S=O bands due to an increase in 
concentration of carboxylic acid, aromatics and sulfoxide species in the crude oil fractions.   
 
 
Figure 3-9: Infrared spectra for bulk oil A (blue line) and fractions: C5 -maltenes 
(black-dashed line), C7-maltenes (black-solid line), C7-C5 resins (red line), C5-
asphaltenes (green-dashed line), C7-asphaltenes (green-solid line). C=O, C=C and 
S=O bands are indicated. 
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Figure 3-10: Infrared spectra for bulk oil F (blue line) and fractions: C5-maltenes 
(black-dashed line), C7-maltenes (black-solid line), C7-C5 resins (red line), C5-
asphaltenes (green-dashed line), C7-asphaltenes (green-solid line). C=O, C=C and 
S=O bands are indicated. 
 
Figure 3-11: Infrared spectra for JACOS bitumen (b lue line) and C5-maltenes 
(black-dashed line), C7-maltenes (black-solid line), C7-C5 resins (red line), C5-
asphaltenes (green-dashed line), C7-asphaltenes (green-solid line) fractions. C=O, 
C=C and S=O bands are indicated.  
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3.3.3.2 Crude Oil Fractionation Based on Solubility in Solvents of 
Different Polarity and their Affinity for Adsorption on a Silica Gel 
Column 
C7-asphaltenes from crude oils A, F and JACOS were precipitated with n-heptane. Figure 3-7 
shows the fractionation process of the deasphalted crude oil (maltenes) by column 
chromatography into three SARA fractions: saturates, aromatics (aromatics 1 and aromatics 
2) and resins. Each SARA fraction was characterised by IR spectroscopy. 
Table 3-6: SARA analysis for crude oil A, F and JACOS bitumen. 
Fraction Oil A Oil F 
JACOS 
Bitumen 
% Saturates 43.5 38.9 24.8 
*% Aromatics 28.9 23.5 39.7 
% Resins 20.4 25.5 14.7 
% Asphaltenes 2.8 4.1 11.6 
% unaccounted 4.8 9.1 11.6 
*% of aromatics includes aromatics 1 and aromatics 2 
Table 3-6 shows the results for SARA fractionation for crude oils A and F and JACOS 
bitumen. According to Table 3-4, oils A and F are closely related in terms of origin and API 
gravity. SARA fractionation shows that oil F contains more asphaltenes and resins than oil A, 
whereas oil A contains aromatics and saturates. Comparing JACOS bitumen with 
conventional oils A and F, the bitumen contains less saturate and resin, but more aromatic 
and asphaltene components. The results of SARA fractionation for oils A, F and JACOS 
bitumen agree with reported values in the literature for conventional crude oil and bitumen 
[50, 51]. 
Melendez et al. [51] studied 50 Colombian crude oil samples by SARA fractionation. They 
divided the results into two groups: the ‘liquid crude’ group with asphaltene fractions 
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between 0.2-3.5% and low viscosity, and a ‘semi-solid crude’ group with asphaltene content 
between 5.5-17.9% and high viscosity (semi-solid oils). The SARA distribution percentages 
identified for each group are shown in Table 3-7. The crude oils studied in the present work 
agree with the liquid crude group (oils A and F) and the semi-solid crude group (JACOS 
bitumen). 
Table 3-7: SARA analysis for two crude oil groups. Data from Melendez et al. [51]. 
Fraction 
Liquid Crude 
Group 
Semi-Solid Crude 
Group 
% Saturates 30.7-66.2 15.0-49.8 
% Aromatics 21.2-35.6 20.3-41.2 
% Resins 8.6-33.7 16.3-39.0 
% Asphaltenes 0.2-3.8 5.5-17.9 
 
Figures 3-12, 3-13 and 3-14 show IR spectra for bulk oils A, F and JACOS and their SARA 
fractions. These spectra show similar C-H stretching bands at 2950-2850 cm
-1
 due to alkanes, 
and bands at ~1460 cm
-1
 and ~1370 cm
-1
 due to asymmetric and symmetric methyl bending, 
respectively [40]. 
Spectra for the saturates fractions for the three oils show aliphatic hydrocarbon vibrational 
frequencies and no evidence for aromatics, sulfur or oxygen. The peak at 750-720 cm
-1
 is 
attributed to long paraffin chains (alkyl chains (CH2)n, n ≥ 4) and was also identified by 
Castro and Vazquez [47]. Saturates fractions have been reported in the literature to comprise 
linear hydrocarbons with approximately C24-C37 carbon atoms [47]. 
Spectra for the aromatics 2 fractions are characterised by the C=C vibrational band at 1600 
cm
-1
 attributed to aromatic hydrocarbons [40]. The spectra also include bands at 3000-3050 
cm
-1
 assigned to aromatic C-H bonds [47] and bands at 860, 814 and 750 cm
-1 
due to mono-, 
di- and tri-substituted aromatics [47]. Some literature studies have also identified the C=O 
band in some aromatics fractions [47, 52].  
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Resin spectra are characterised by the C=O band at 1700-1725 cm
-1
 attributed to carboxylic 
acids [40]. The C=C aromatic band at 1600 cm
-1
 is found for the three resins at different 
intensities, the highest being for JACOS. Additionally, bands at 3100-3600 cm
-1
 are due to –
OH or –NH groups [47], sulfoxides at 1030 cm-1 [39], and di- and tri- substituted aromatics at 
814 and 750 cm
-1 
[47]. IR analysis for oil F resin also shows a band at 1260 cm
-1
 which could 
be attributed to phenol C-O. Compared with the literature, resin compositions from crude oil 
F and JACOS bitumen are richer in polar functional groups (mainly C=O and S=O) [47, 52]. 
Asphaltene fractions are characterised by aromatic C=C bands at 1600 cm
-1
, with smaller 
contributions from S=O (1030 cm
-1
) and aromatic C-H out-of-plane bending vibrations (900, 
864, 814 and 715 cm
-1
), mainly seen for JACOS asphaltenes [44]. Asphaltene spectra from 
this study are consistent with the functional groups identified in the literature [44, 47, 49, 52]. 
 
Figure 3-12: Infrared spectra for bulk oil A (blue line) and SARA fractions: 
saturates (purple line), aromatics 2 (black line), resins (red line) and C7 -
asphaltenes (green line). C=O, C=C and S=O bands are indicated.  
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Figure 3-13: Infrared spectra for bulk oil F (blue line) and SARA fractions: 
saturates (purple line), aromatics 2 (black line), resins (red line) and C7 -
asphaltenes (green line). C=O, C=C and S=O bands are indicated. 
 
Figure 3-14: Infrared spectra for JACOS bitumen (blue line) and SARA fractions: 
saturates (purple line), aromatics 2 (black line), resins (red line) and C7 -
asphaltenes (green line). C=O, C=C and S=O bands are indicated.  
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3.3.4 NMR Spectroscopic Analysis of Crude Oils and Fractions  
Appendix A shows 
1
H NMR spectra for bulk oils A, F and JACOS and their fractions 
(separated by solubility in paraffinic hydrocarbons and by column chromatography). 
1
H 
NMR spectra presented in Appendix A are characterised by aliphatics and aromatics regions.   
The sharp peak at 7.27 ppm for all the spectra is due to the chloroform-d signal. The spectra 
for the crude oils are quite similar to other crude oil spectra in the literature [50, 53, 54]. In 
general, the most intense aliphatic peaks occur at 0.9 and 1.3 ppm. These are due to alkyl 
chain CH3 and CH2, respectively. Less intense peaks at 2.1 and 2.6 ppm are due to aromatic 
CH3 and CH2 substituents. Shifts between 0.9 and 1.3 ppm and peaks at 2.1 and 2.6 ppm, are 
caused by deshielding of the signals due to the proximity of the aromatic rings [53, 54]. In the 
aromatic region, peaks between 6.6 and 7.2 ppm are due to mono-aromatics; between 7.2 and 
7.6 ppm are due to di-aromatics; and between 7.2 and 8 ppm or higher are caused by tri- or 
tetra- aromatics [53, 54]. Peaks in this region are usually not prominent or not detected in the 
spectra due to the low signal-to-noise ratio. 
Broad NMR peaks are found in all bulk oils and oil fractions due to the overlap of the signals. 
For this reason, defining the integration regions is difficult and the subject of discussion in 
the literature [55-57]. In this study, 
1
H NMR spectra integration regions were defined as 0.5-5 
ppm for aliphatic and 6-9 ppm for aromatics [18, 53]. Integral ratios for bulk oils and their 
fractions are shown in Tables 3-8, 3-9 and 3-10.   
The integral ratios, in Table 3-8, show that the aliphatic region increases from the lightest oils 
(C and D) to the heavier oils (A, F and JACOS), and therefore the aromaticity increases from 
the heavier oils to the lighter oils. Thus, JACOS bitumen is more aromatic than the other oils, 
which is also confirmed by its low H/C ratio (in comparison with the other oils) from 
elemental analysis (Table 3-4).  
Integral ratios in Table 3-9 show that the aliphatic character decreases in the order: C7-
maltenes > C5-maltenes > C5-asphaltenes > C7-asphaltenes. Therefore, the proportion of 
protons in the aliphatic and aromatic regions probes the aromatic nature that characterises 
asphaltenes and the aliphatic nature that characterises maltenes (deasphalted oils). 
Integral ratios from Table 3-10 show that saturates contain the highest amount of aliphatic 
protons, whereas aromatics 2 contain the most aromatic protons. However, there is literature 
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evidence of a larger proportion of aromatic protons in asphaltenes than in aromatics [50]. 
This trend can be seen when aromatics 1 are used for comparison.  
Table 3-8: 
1
H aliphatic and 
1
H aromatics proton ratios for bulk crude oils A, F, C, D and 
JACOS bitumen. 
Crude oil 
1
H Aliphatic 
(0.5-5 ppm) 
1
H Aromatic  
(6-9 ppm) 
1
Haliphatic/
1
Haromatic 
Oil A 93.26 6.74 13.83 
Oil C 95.60 4.40 21.75 
Oil D 95.65 4.35 22.00 
Oil F 93.48 6.52 14.33 
JACOS bitumen 87.14 12.86 6.78 
 
Table 3-9: 
1
H aliphatic and 
1
H aromatics proton ratios for crude oil A, F, JACOS bitumen and 
their fractions (C5-maltenes, C5-asphaltenes, (C7-C5) fraction-resins, C7-maltenes and C7-
asphaltenes). 
 
1
Haliphatic/
1
Haromatic 
Crude Oil 
Fraction 
OIL A Oil F JACOS 
C5 Maltenes 13.5 14.5 11.4 
C5 Asphaltenes 7.2 5.9 8.8 
(C7-C5) 
fraction-resins 
12.0 6.3 7.2 
C7 Maltenes 14.5 14.3 13.2 
C7 Asphaltenes 7.1 5.3 6.7 
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Table 3-10: 
1
H aliphatic and 
1
H aromatics proton ratios for saturates, aromatics, resins and 
asphaltenes fractions for crude oil A, F and JACOS bitumen. 
 
1
Haliphatic/
1
Haromatic 
Crude Oil Fraction OIL A Oil F JACOS 
Saturates 45.0 46.5 46.0 
Aromatics 1 9.6 7.7 8.8 
Aromatics 2 4.4 4.2 8.9 
Resins 10.9 10.1 13.3 
Asphaltenes 7.1 5.3 6.7 
 
3.3.5 Determination of C7-Asphaltene Aggregation by DOSY NMR 
Asphaltene aggregates were identified using DOSY NMR due to differences in their diffusion 
coefficients [18, 20]. Durand et al. [20] reported different asphaltene behaviours and two 
states of aggregation, called nanoaggregates and macroaggregates, for three different 
asphaltenes in toluene-d8. These aggregates were observed because the smaller 
nanoaggregates diffuse faster (higher diffusion coefficient) than larger macroaggregates 
(lower diffusion coefficient). These authors reported that the two classes of aggregates were 
observed at different concentrations which suggests that the three asphaltenes studied are 
structurally different. This also supports the theory that asphaltenes are a mixture of 
archipelago and island structures and that the interactions depend on the dominant asphaltene 
type [4, 18, 20, 54]. For asphaltenes dissolved in toluene, faster asphaltene diffusion is 
associated with island-type rather than archipelago-type structures due to more favourable π-
π interactions with the solvent [20].  
Da Silva et al. [18] identified an additional aggregated state for asphaltenes, which they 
called microaggregates, with sizes between nanoaggregates and macroaggregates. It was also 
noticed that diffusion coefficients for a macroaggregate of one asphaltene could have a much 
lower diffusion coefficient for the same species in another asphaltene.  
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As previously mentioned, proton spectra for crude oil and oil fractions (shown in Appendix 
A) are characterised by signals overlapping in the aliphatic region (from 0.5 to 5 ppm) and in 
the aromatic region (from 6 to 9 ppm). Asphaltene signals are differentiated from solvent 
signals in 2D DOSY spectra due to the lower diffusion coefficients of the solutes [20, 53]. 
For example, Figure 3-15 shows residual n-heptane molecules at ~1.2 ppm that were not 
completely removed during asphaltene extraction from JACOS bitumen (Figure A-8, 
Appendix A, shows 
1
H DOSY spectrum for C7 asphaltenes for JACOS bitumen in toluene-
d8).
 
Toluene peaks are also identified at ~2.5 ppm and at ~7.1 ppm (not shown). Diffusion 
coefficients were between 0.12  10-10 and 7  10-10 m2/s for C7-asphaltenes, ~14  10-10 m2/s 
for toluene (20  10-10 m2/s for pure toluene-d8) and ~10  10
-10
 m
2
/s for n-heptane. These 
values are consistent with literature values [18, 20, 53, 54]. Average diffusion coefficients in 
Figure 3-15 were calculated from asphaltene signals ranging between 0 - 0.5 ppm, 0.5 - 1 
ppm, 1 - 1.4 ppm, 1.4 - 2 ppm, and 2 - 5 ppm. The asphaltene volume fraction used of 0.3 % 
was too dilute to show an obstruction effect. Asphaltene aromatic peaks were not observed 
due to the fast transverse relaxation time (T2) of the protons from the substituted aromatic 
cores [20].  
 
Figure 3-15: Representation of average diffusion coefficients versus chemical shifts 
measured using DOSY NMR. A concentration of 0.3 wt % was used for the four C7-
asphaltene solutions in toluene-d8 . 
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Figure 3-15 shows that the chemical behaviour of the four asphaltenes at a concentration of 
0.3 wt% is different. The formation of nanoaggregates and macroaggregates is observed in 
the four types of asphaltenes between 1 and 2 ppm and they are referred to as ‘aggregates 1’ 
(for nanoaggregates) and ‘aggregates 2’ (for macroaggregates) in Figures 3-15 and 3-16. 
Figure 3-15 shows that oil A asphaltenes have a greater tendency to aggregate in toluene and 
form very large macroaggregates with very low mobility when compared to the other 
asphaltenes. Asphaltenes from JACOS bitumen, oil C and oil F possess similar diffusion 
properties, where the macroaggregates have greater mobilities due to the lower tendency of 
these asphaltenes to aggregate in toluene relative to oil A asphaltenes.  
The formation of macroaggregates in the four asphaltenes was observed at a concentration of 
0.3 wt%, whereas some literature studies report these types of aggregates at >1% [20]. 
However, formation of macroaggregates was also reported at concentrations of 0.1% for 
some asphaltenes [18, 20] which were attributed to attraction between aggregates, possibly 
due to their island-type structures.  
The microaggregates reported by Da Silva et al. [18] were not observed in the four 
asphaltenes of the present study. However, a signal was detected at ~4.5 ppm, referred to as 
‘aggregates 3’, for asphaltenes extracted from JACOS bitumen and crude oil C. No similar 
aggregates have been reported in the literature in the chemical shift region from 4 to 5 ppm 
by DOSY NMR [18-20]. These proton resonances could be due to the presence of alcohol or 
ether groups.   
Figure 3-16 shows the diffusion coefficients versus aggregate (assumed spherical) sizes 
calculated using equation 3-1 for the four asphaltenes. Oil A asphaltenes diffuse more slowly 
with the largest nanoaggregates (~2.6 nm) and macroaggregates (~60-67 nm). Oil C 
asphaltenes show the smallest nanoaggregates with diameters of 1.2 nm and the largest 
diffusion coefficient (6.7  10-10 m2/s). JACOS bitumen and oil C asphaltenes show 
‘aggregates 3’ with sizes of 3.5 and 1.7 nm, respectively. Figure 3-17 shows the aggregates 
identified for the four asphaltenes. ‘Nanoaggregates’ are equivalent to ‘aggregates 1’, as the 
aggregates sizes are between 1 to 2.5 nm. However, it is not clear what term is attributable to 
‘macroaggregates’ in the literature [18, 20]. Note that the use of the term ‘microaggregates’ 
by Da Silva et al. [18] for intermediate aggregate sizes between ‘nanoaggregates’ and 
‘macroaggregates’ could possibly cause confusion as ‘micro’ normally suggests a scale based 
on 10
-6 
m, which they are clearly not.  
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Figure 3-16: Average diffusion coefficients versus asphaltene aggregate sizes for 
C7-asphaltenes extracted from JACOS bitumen (circles), crude oil A (triangles), 
crude oil F (diamonds) and crude oil C (squares). Note different x-axis for crude 
oil A. 
 
Figure 3-17: A comparison of diffusion coefficients versus aggregate sizes for the 
four C7-asphaltenes. Asphaltenes are from JACOS bitumen (circles), crude oil A 
(triangles), crude oil F (diamonds) and crude oil C (squares). Data for aggrega tes 2 
from crude oil A are omitted.  
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3.3.6 Contact Angle Measurements 
The interaction between crude oils and glass has been studied by ageing clean glass slides 
(hydrophilic) in crude oil for 72 h. The slides were then rinsed with n-heptane or toluene to 
remove the bulk crude oil, and the wettability of the glass surfaces was measured by 
advancing (θa) and receding (θr) contact angles. Figure 3-18 shows the resulting wettability 
alteration of the glass surface (from water-wet to oil-wet or mixed-wet). Toluene-rinsed 
surfaces are seen to be more hydrophilic than those produced using n-heptane. The higher θa 
values after rinsing with n-heptane suggest that more oil components remain on the surface 
compared with toluene-rinsing.  
 
Figure 3-18: Advancing (blue) and receding (red) contact angles for deionised 
water on glass slides aged in crude oil and rinsed with toluene or n-heptane. 
After rinsing with toluene, the oil F-treated slide has the highest θa value (64.3⁰). However, 
for all the n-heptane-rinsed slides, θa values were > 90⁰ (JACOS being > 120⁰). These values 
increase with C7-asphaltene content, as shown in Figure 3-19. This suggests that the 
remaining asphaltene on the glass when n-heptane is used to remove the excess oil 
components dominates the wettability. Similar observations on mica surfaces were found by 
Yang et al. [58] where higher contact angles were reported as the mica surfaces were covered 
by larger asphaltenes aggregates. Xie et al. [59] reported changes in wettability of quartz 
glass due to adsorption from crude oil and that wettability changes were greater for asphaltic 
crude oil than for crude oils with low asphaltene content. The effect of ageing time on oil 
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adsorption was not studied, but Yang et al. [58] suggested that contact angles will increase as 
ageing time increases.  
 
Figure 3-19: Contact angles for deionised water on glass slides aged in crude oil 
and rinsed with n-heptane relative to C7-asphaltenes content (from Chapter 2). 
The glass slides were rinsed until no colour could be seen in the fluid. Figure 3-20 shows 
glass slides after n-heptane was used to remove bulk crude oil. This figure shows that the 
adsorbed/deposited brown layer remaining on the glass surface is darkest for JACOS bitumen 
and crude oil F.  
 
Figure 3-20: Glass slides after being rinsed with n-heptane. The adsorbed brown 
layer on the glass surface is evident. The region between the red line is where 
contact angle measurements were made.  
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3.4. Conclusions 
The work described in this chapter highlights the complexity of crude oil chemistry which is 
important for the understanding of its interfacial behaviour. Crude oils are a mixture of 
complex organic molecules composed primarily by carbon and hydrogen and smaller 
proportions of heteroatoms (such as oxygen, nitrogen and sulfur), and metals which could be 
found as porphyrin structures. Several crude oils were separated into four ‘SARA’ fractions 
which are normally used in the oil industry to characterise crude oils. IR studies of the four 
SARA fractions showed that saturates are composed of alkanes, either linear, branched or 
cyclic (naphthenes); aromatics are composed of one or more aromatic rings; resins contain 
carbonyl and sulfoxide functional groups; and asphaltenes contain aromatic and sulfoxide 
functional groups. 
In this study, crude oil was also separated into five fractions by solubility differences in n-
pentane and n-heptane. IR and 
1
H NMR analysis found similar characteristics between C5- 
and C7-asphaltenes and between C5- and C7-maltenes. It should be noted that the C5-C7 
resins obtained by this method differ from resins obtained from a SARA fractionation 
process. 
Asphaltenes have been the subject of considerable debate for many years regarding their 
structure, molecular weight and interactions. These are the most aromatic and polar fraction 
of crude oil, which are known for their tendency to form aggregates that increase in size until 
they flocculate and precipitate. From the many studies that have been associated with 
asphaltene aggregation in the literature, four mechanisms (steric-colloidal, polymeric, 
solubility and the Yen-Mullins model) have been considered here.  
For many years, resins were believed to have a role in the stability of asphaltene aggregates. 
However, this is not supported by the Yen-Mullins model, which is currently the most widely 
accepted asphaltene aggregation model for the understanding of asphaltene behaviour. 
Despite all the studies into asphaltenes behaviour, they are still not completely understood 
even though they are the fundamental cause of many problems during crude oil production 
and processing. 
DOSY NMR measurements indicate the presence of two aggregate asphaltene species with 
different diffusion coefficients. These have been termed nanoaggregates and macroaggregates 
in the literature. DOSY experiments on asphaltenes from JACOS, oil C and oil F show 
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similar diffusion properties, while those from oil A diffuse more slowly. The chemical 
behaviour of the four asphaltenes was evaluated at a concentration of 0.3 wt%. Different 
observations would be expected at higher or lower concentrations, as diffusion coefficients 
are known to be dependent on sample concentration [18, 20, 54]. 
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4. OIL-SOLID INTERACTIONS 
4.1. Introduction 
As previously mentioned in Chapter 1, one of the major challenges of the crude oil industry is 
to increase production rates during secondary and tertiary recovery. Low-salinity water 
flooding is growing in popularity for EOR [1]. One significant advance made in recent years 
has been the recognition of the importance of water chemistry during crude oil recovery. An 
increasingly researched approach at the present time is to reduce the salinity (to ~1000-5000 
ppm) of injection water. Although the specific mechanism leading to improve recoveries as a 
consequence of reduced salinity waterflooding is not currently fully understood, specific 
interactions occurring at one or more interfaces within COBR systems are likely to be 
implicated in modifying properties such as wettability and interfacial energy. 
This aspect of the thesis extends the investigations of COBR interactions to bitumen and 
considers their implications for heavy oil recovery. Additionally, this work demonstrates the 
use of NMR relaxation as a useful method to evaluate interactions between oil-coated sands 
and aqueous salt solutions. The importance of using NMR in these systems is that it provides 
a faster method to evaluate wettability and overcome the limitations (time consuming, costs 
and complexity) of the traditional methods.  
The effect of salt concentration on COBR systems was evaluated using NMR T2 relaxation 
measurements. Bitumen-coated sands were exposed to water or aqueous solutions (of a range 
of alkali and alkaline earth metal chloride salts) and T2 relaxation spectra were determined as 
a function of time. This method measures the local environment of water protons (in bulk 
water and in contact with solid surfaces).  
NMR measurements were used to determine kinetic effects occurring in COBR systems for 
different aqueous phase compositions. The importance of crude oil polar species and the 
original crude oil salt content, together with NMR observations, was used to explain the 
mechanism for wettability alteration of bitumen-coated sand surfaces when low salinity 
waterflooding was used. The suggested mechanism was supported by comparing OBS (oil-
brine-sand) interactions for bitumen-coated sands with Glissopal (polyisobutylene 
hydrocarbon)-coated sands. The results presented in this chapter and the corresponding 
mechanism have been published in ref. [2]. 
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The use of surfactants to reduce oil-water interfacial tension and enhance oil recovery is well 
recognized in the literature [3-5]. In this study, the applicability of the NMR method has also 
been considered for evaluate wettability alteration of solid organic residues.  
4.1.1 Effect of Ionic Composition in the Alteration of Solid (Host Rock) 
Wettability 
Reservoir wettability is a result of interactions occurring at solid-liquid interfaces within 
COBR systems, and primarily reflects the strength of interactions between water molecules 
and the solid surfaces. Wettability has a controlling influence in oil recovery, knowledge of 
which is important in order to understand or predict the production features of a particular 
reservoir and the feasibility of implementing waterflooding technologies [6-9]. Such 
predictions are crucial to the oil industry for the development and efficient exploitation of 
oilfields [10, 11]. 
The water source used for waterflooding depends on water accessibility for a particular 
reservoir. This might include reservoir water (connate water) and/or water near seas or rivers. 
The optimisation of waterflooding is related to changes in water composition (changing 
salinity and ionic composition) leading to an increase in oil recovery. 
In the last twenty years, there has been an increasing interest in the effects of reducing the 
ionic composition of the injection water used in waterflooding. In 1997, Tang and Morrow 
reported important observations where conventional oil recovery rate was increased when the 
salinity of the injection water was reduced [12]. The authors found that reducing the salinity 
of the injection water compared with reservoir connate water or sea water resulted in 10% 
increase in oil recovery, as well as identifying specific ion effects (comparing monovalent 
and multivalent cations) [6]. They attributed changes in wettability as being responsible for 
the observed improvements. Ongoing research is being directed at understanding the 
mechanisms occurring in the reservoir [13] when low salinity waterflooding is used because 
this technology begins to be implemented in the field, such as BP`s Clair Ridge development 
[7]. 
Many investigations into the nature of interfacial interactions occurring when low 
concentration salt solutions are injected into the COBR systems have been conducted. 
Although the studies have so far not produced a definitive explanation, they have provided 
valuable insights into interfacial interactions occurring in these complex systems, mainly 
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related to wettability changes and interfacial tensions [5, 8, 14-17]. Other mechanisms might 
be involved due to the complex interactions between minerals, oil and water [8]. Factors like 
fines migration (mobile fines particles) [18], pH increase and the presence of clays [19] might 
also contribute.  
The effect of wettability change mechanisms on low salinity waterflooding refers to the 
reservoir rock preferences being oil-wet or mixed-wet and wettability alteration towards more 
water-wet preferences [6, 8, 15, 20-24]. 
The effect of salts on interfacial tension (between crude oil and water) has been explained as 
a change in the distribution of surface-active species (polar components) present in the oil. 
The injection of low salinity aqueous solutions facilitated the preferred accumulation 
(solubility) of polar surface-active components in the aqueous phases (salting-in effect) due to 
the reaction of polar organic species (of natural surfactants) with salt ions producing complex 
ions that dissolve easier in the water phase [8]. Conversely, high salt concentrations favoured 
the polar components interacting more strongly with the oil phase or solid surface (salting-out 
effect) and as a consequence the solubility preference of polar organic species for the water 
phase is decreased [8].  
Some investigators reported contradictory results of the influence of salt concentration [5, 14-
17, 25, 26] on crude oil-saline water interfacial tension, effectively increasing the complexity 
of COBR systems. For example, interfacial tension measurements for crude oil-water systems 
showed a reduction in interfacial tension with increasing salt concentration in the aqueous 
phase [16]. However, an opposite tendency was reported elsewhere [26] where interfacial 
tension decreases as salt concentration is decreased. Vijapurapu and Rao [5] found that at 
lower brine concentrations, oil-water interfacial tension decreased to a critical value (lowest 
IFT) where an oil drop could spread on the solid surface.  
The contradictory effects of low salinity on the crude oil-saline water interfacial tensions 
suggest the importance of crude oil and brine composition [8]; the importance of other factors 
such as reservoir mineralogy, pressure, temperature and contact time (between the aqueous 
solution and the oil phase) are also considered to be important in COBR systems for effecting 
wettability change [8]. 
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4.1.2 Relaxation in Porous Media 
NMR relaxation time measurements are used in petrophysical applications for determining 
permeability, porosity and pore size distribution [27], as T1 and T2 are related to the pore 
surface-to-volume ratio (S/V). T1 and T2 bulk and surface fluid relaxation values are 
represented in equations 4-1 and 4-2,
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where D is the diffusion coefficient of the fluid,  is the gyromagnetic ratio of the proton 
nucleus, G is the gradient strength,  is surface relaxivity (1 for T1 and 2 for T2), S/V is the 
surface-to-volume ratio, and TE (2τ) is the echo spacing. In order to calculate , Bryar and 
Knight [28] considered G ~0 in equation 4-1. 
Relaxation times of saturated media are relative to the affinity of the fluid with the rock 
surface [29]. This influence of surfaces to NMR relaxation times was explained by Korringa 
et al. [30] as being due to S/V and . Foley et al. [31] concluded that paramagnetic species at 
surfaces strongly affect  and Bryar et al. [32] suggested that  increases proportionally with 
the concentration of paramagnetic surface Fe
3+
 ions. 
In the present work, sands are coated with bitumen which contains additional paramagnetic 
impurities that could also enhance relaxation [28], such as
 
vanadyl porphyrins and aromatic 
radicals associated with the asphaltene fraction [33]. Although the concentration of these 
species in the bitumen film is expected to be low, the concentration of these paramagnetic 
species could be higher in the sand surface due to adsorption [34]. 
The contributions of porous media to the relaxation rate of fluids in the pores make possible 
the use of NMR relaxation to characterise COBR systems [29, 35] and therefore have the 
potential to probe the wettability of surfaces. In a sand-pack saturated with water, relaxation 
of bulk liquids generally occurs more slowly than the relaxation of liquid in contact with solid 
surfaces [29] which allows characterisation of sand surfaces. 
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4.1.3 Monitoring Solid Wettability Using NMR 
NMR methods to determine wettability of COBR systems were initially reported around 
1956. Guan et al. [35] presented a selection of NMR literature on analysis of core wettability.  
Even though wettability is of great importance in crude oil recovery, only a limited number of 
reports on the use of NMR relaxation for wettability determination existed before 2002 [35]. 
Despite the advancements in the research of this area in more recent years, further progress is 
still needed to monitor wettability changes with optimised injection fluids. 
For example, Howard and Spinler [36] demonstrated that T1 NMR relaxometry could be used 
as a fast and accurate technique to estimate the wettability of chalk cores. Zhang et al. [37] 
evaluated wettability alteration in three types of sandstones using T1 relaxation time 
distributions. Al-Mahrooqi et al. [29] used NMR T2 and T1 measurements for wettability 
determinations of sandstone core plugs, which were compared with Amott and USBM 
wettability determinations and concluded that both relaxation times (T1 and T2) provide 
similar results on wettability. Hum and Kantzas [38] also monitored wettability changes using 
T2 relaxation measurements for humic acid and asphaltene-coated sands in contact with 
distilled water or kerosene. 
Although T1 relaxation time measurements are more time-consuming than T2 measurements, 
the use of T1 has been more popular for wettability analysis [35]. However, in the present 
work, T2 has been explored as a more rapid approach. 
4.2. Experimental Methods 
4.2.1 Optical Microscopic Examination of Bitumen-Water Interfaces 
Examination of the effect of salt solutions (high and low concentrations) on bitumen-water 
interfaces involved using optical microscopy (Ceti, Triton II, UK). A simple cell was 
constructed, consisting of a thin film of JACOS bitumen sandwiched between a glass 
microscope slide and a glass coverslip. This was designed to model the case of oil held 
between two adjacent sand grains. Samples of bitumen were heated for two minutes, followed 
by injection of aqueous solutions to the cell, including deionised water and solutions of LiCl, 
KCl, NaCl, CaCl2 and MgCl2 at low (950 ppm) and high (100,000 ppm) concentrations.  
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4.2.2 Sample Preparation 
4.2.2.1 Preparation of Coated Sands 
Effects on wettability were monitored for three sets of coated sand samples, each containing 
10 or 20 mg/g of the coating agent. Samples A and B were prepared with JACOS bitumen, 
samples C and D with Glissopal 1000, and samples E and F with Glissopal 2300. 
Bitumen-coated sand was prepared with JACOS bitumen and relevant properties of this oil 
are given in Chapter 2. Other properties include: 55 ppm (55 mg/L) water content, 79 g/m
3
 
(79 mg/L) salt content and 2.96 mgKOH/g total acid number. 
Properties for viscous polyisobutylenes Glissopal 1000 and 2300 grades are also found in 
Chapter 2. Samples coated with Glissopal polyisobutylenes (which are cleaner viscous 
hydrocarbons compared with bitumen) are included for comparison. 
Coated sands were prepared by dissolving the oil in toluene and adding the sand (50-70#, 
mean diameter ∼250 μm, Sigma-Aldrich, UK). This was mixed and left for the solvent to 
evaporate. Flotation tests on a water surface [39] were performed for the coated and uncoated 
sands. Comparing both sets of observations were used to verify and compare the 
characteristics of the coated and uncoated sands (hydrophobic sand is capable of floating on a 
water surface). 
Coated sands were originally used within a week in order to avoid excessive of ageing. 
However, no significant changes in the behaviour of coated sand were evident after a 
measurement was repeated after two months following preparation. 
Surface area estimations were made assuming spherical particles with a mean diameter of 
~250 μm (equivalent to 60#) and a bulk density of 2250 kg/m3, leading a surface area value of 
~0.01 m
2
/g which is close to a literature value of ~0.03 m
2
/g [40]. Based on this surface area, 
the coating thicknesses for the 10 and 20 mg/g samples relate to 0.9 and 1.8 m, 
respectively. 
4.2.2.2 Preparation of Aqueous Salt Solutions 
Aqueous salt solutions were used for wettability measurements on bitumen-coated sands.  
The salts used include KCl, LiCl, NaCl, CaCl2, and MgCl2. Low (950 ppm) and high 
(100,000 ppm) salt concentrations were dissolved in deionised water.  
4.2.2.3 Preparation of Surfactant Solutions 
Surfactant solutions were used for wettability measurements on three ground and sieved (to 
40-60#, equivalent to 420-250 μm) heavy asphaltenic residues (SDA, JGC and Total, 
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described in Chapter 2). The surfactants used were non-ionic (Triton X-100), anionic (sodium 
dodecyl sulfate, SDS) and cationic (cetyltrimethylammonium bromide, CTAB).  Solutions 
were prepared with deionised water with concentrations of 0.02, 0.05 and 0.1 wt%. Critical 
micelle concentrations and surfactant chemical structures are found in Chapter 2. 
4.2.3 Monitoring Wettability Using Low-Field NMR 
The NMR experiments involved placing solid samples in contact with the respective aqueous 
phases. Three sets of experiments were performed: (a) bitumen-coated sands (A and B) and 
uncoated sand were each contacted with deionised water or aqueous salt solutions; (b) 
Glissopal-coated sands (C, D, E, and F) were contacted with deionised water for comparison; 
and (c) NMR method was extended to measurements on three heavy asphaltenic residues 
(SDA, JGC and Total) in contact with surfactant solutions.  
For each NMR sample, ∼1 g of the specific solid sample (coated sand or solid residue) was 
placed in an 8 mm NMR tube, and 0.1 mL of aqueous phase added on top of the sample. 
Since the pore volume in each sample is ∼0.25 mL, the sand (or residue) is under-saturated, 
in order to improve the surface water signal response compared with bulk water.  
Table 4-1: Acquisition parameters for the CPMG pulse sequence [2]. 
Parameter Value 
Number of echoes 256 
Echo time 20 ms 
Number of scans 64 
P90 6 µs (at -6.6 dB) 
P180 6 µs (at -3.3 dB) 
Dwell time 1 µs 
Number of echo points 16 
 
The procedure to monitor wettability involved transverse relaxation time (T2) measurements 
using a 20 MHz bench-top NMR magnet at ambient temperature. Chapter 2 contains the basic 
principles of NMR and the specifications for the equipment used in this work. A CPMG pulse 
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sequence, also shown in Chapter 2, was used to measure T2 relaxation times at regular 
intervals using the acquisition parameters given in Table 4-1. Inverse Laplace Transformation 
(ILT) was performed (using Matlab code provided by Victoria University, Wellington, New 
Zealand) to invert the acquired relaxation data in order to obtain relaxation time distributions. 
The optimum value of the smoothing parameter (alpha, α) was determined from the curve of 
2 as a function of α.  
From the T2 distributions, geometric mean T2 values (T2gm) were calculated based on equation 
4-3, in which Ai represents the amplitude of each T2 value.  
          
        
 
 
   
 
 
   (4-3) 
T2gm values provide a weighted average measure of water proton environments based on 
surface and bulk water protons. This parameter shows the affinity of water for the solid 
surface, and was used to monitor changes in wettability [37, 41], as used before by Hum and 
Kantzas [38]. 
Rate constants for the change in T2gm with time were calculated from exponential fits to the 
data with equation 4-4, where T2gm(0) and T2gm() are the initial and equilibrium T2gm values, 
respectively, and k is the first-order rate constant. 
                                        (4-4) 
4.2.4 Opto-Digital Microscopy 
An Olympus DSX500 opto-digital 3D microscope was used to analyse sand B immediately 
after preparation and following a two-week period soaking in deionised water. Polarised light 
mode was used in order to distinguish bitumen and water on the sand grains. 
4.3. Results and Discussion  
4.3.1 Bitumen-Water Microscopic Observations 
Prior to NMR measurements, the bitumen-water systems were examined using optical 
microscopy. As described above, the idea was to simulate oil held between two adjacent sand 
grains to determine whether the oil is displaced or water is emulsified by addition of aqueous 
solutions. 
At low concentrations of chloride salts (950 ppm), a fine emulsion of water-in-bitumen was 
formed for the monovalent cations. However, when the salt concentration was increased, the 
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saline solution displaced the bitumen and a few water drops were formed on the bitumen 
sample. The main difference between the chloride salts is that when monovalent salts were 
used, greater interactions appeared between the bitumen and the injected solution depending 
on the salt concentration. However, when divalent salts were used only minor interactions 
were apparent (lower extent of water-in-bitumen dispersion). Images of bitumen interfaces 
using optical microscopy are shown in Figure 4-1 for water and high and low NaCl and KCl 
concentrations. 
 
Figure 4-1: Examination of aqueous solutions on bitumen interfaces using optical 
microscopy when deionised water and low salt (950 ppm) and high salt (100,000 
ppm) KCl and NaCl solutions were injected.  
These effects generally support observations reported by Mahzari and Sohrabi [42] who 
claimed that spontaneous formation of water-in-oil dispersions (‘micro-dispersions’ with 
water droplets ~1 μm) occurs when crude oil contacts solutions containing < 2000 ppm salt. 
They quantified the amount of water content (using Karl Fischer titration) in the crude oil 
after being in contact with saline solutions, finding an increase in water uptake with 
decreasing salinity (and a reduction in water uptake with increasing salinity), an effect that is 
also dependent on the crude oil.  For example, when crude oil with 16.7 ⁰API was contacted 
with a saline solution (NaCl and CaCl2 mixed in 4:1 ratio in deionised water) of 2000 ppm, 
7998 ppm water was taken by the oil in the form of water-in-oil dispersions. However, for a 
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saline solution of 100,000 ppm, the water content was 57.2 ppm with no observed dispersion 
formation. 
4.3.2 NMR Measurements on Coated Sands 
4.3.2.1 Bitumen-Coated Sand-Deionised Water  
The NMR experiments involved placing coated sand B in contact with deionised water. For 
comparison, uncoated sand in contact with deionised water has also been included. 
The T2 distribution of water protons between different environments is indicated in Figure 4-2 
for coated sand B. The spectra show a signal amplitude peak at higher T2 values (~1 s) due to 
bulk water relaxing more slowly; and a signal amplitude peak at low T2 values (~0.1 s) 
because of water bound to the sand surface (silica) relaxing quickly . Relaxation peaks from 
the low concentration of bitumen would not interfere with interfacial water relaxation because 
relaxation from viscous hydrocarbons occurs at shorter times (~3 ms) [43]. 
 
Figure 4-2: Comparing T2 distributions for deionised water in contact with 
JACOS-coated sand (sample B) at different times. Black line indicates the 
distribution for fresh sand (uncoated) in contact with deionised water, the 
relaxation peak at ~0.4-0.5 s is typical of clean sand. 
Figure 4-2 shows a shift in both peaks to lower relaxation times as the contact time with water 
is increased due to an increment in the interactions of water protons with the sand surface. 
Additionally, Figure 4-2 also shows change in peaks amplitudes as contact time increases, 
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growing for the shortest relaxation time peak to the detriment of the bulk relaxation peak. 
This amplitude change is gradually seen between the initial and 5 day spectra. 
The spectrum for uncoated sand (fresh sand, hydrophilic) in contact with deionised water 
(black line) shows a main contribution from the surface relaxation peak (~0.1 s) than the bulk 
relaxation peak. This is because the contribution of surface relaxation (water bound to the 
sand surface) in water-wet samples is larger. However, the initial spectrum for coated sand B 
(blue line) shows a lower contribution of surface relaxation due to the hydrophobic 
characteristic of the sand. 
Comparing the surface relaxation peak positions for the initial spectrum for coated sand B 
(blue line), T2 ~0.2 s, relative to the position for uncoated sand (black line), T2 ~0.1 s, the 
surface relaxation peak shifts (from 0.2 to 0.1 s) as time increases (t = 3, 17 h). This is 
explained as a restriction in the direct contact between water and the sand surface during the 
initial stages, and a variation in wettability as the contact time increases.  Furthermore, the 
amplitude of the peak at ~0.1 s for the coated sand B for contact up to 5 days (purple line) is 
lower than for the clean sand. This suggests incomplete interaction between water and the 
sand surface.  
Geometric mean (T2gm) values extracted from each T2 distribution spectrum (using equation 4-
3) for different times for clean sand and coated sand B in contact with deionised water are 
used to construct the kinetic plot shown in Figure 4-3. Initial measurements show high T2gm 
values due to major contribution from interactions related with bulk water. With time, T2gm 
decreases following a first-order kinetic process until a plateau value is reached (after ~8 h), 
the T2gm plateau value (T2gm()) being 396 ms. An exponential fit to the experimental data 
(T2gm versus time) provides the rate constants (k) using equation 4-4. 
Figure 4-3 also shows time-invariant values of T2gm (238 ms) for uncoated sand due to 
contacting water wetting the entire sand surface. The equilibrium value found for coated sand 
B (T2gm = 396 ms), do not reach the time-invariant value found for the uncoated sand (T2gm = 
238 ms). This confirms the observations found in Figure 4-2 that the contacting water 
partially wets the sand surface in the experiment. 
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Figure 4-3: T2g m against time for deionised water in contact with coated sand B 
(filled circles) and uncoated sand (open circles). A first -order exponential is fitted 
to the coated sand data (solid line). Mean value for the uncoated sand (dashed 
line). 
4.3.2.2 Bitumen-Coated Sand-Sodium Chloride Solutions 
The NMR experiments involved placing coated sand B in contact with sodium chloride 
solutions. The effect of low (950 ppm) and high (100,000 ppm) sodium chloride 
concentration was studied, as above. 
Figure 4-4 shows the initial and equilibrium T2 distribution for aqueous salt solutions. As 
observed before for deionised water (Figure 4-2), T2 relaxation peaks shifts as contact time 
increases. Figure 4-5 shows that T2gm (T2gm profiles using equation 4-3) also follows the same 
trend as before (Figure 4-3). Comparing low and high salinity solutions (Figure 4-5), it is 
observable that the T2gm decay for low salt is similar to that found for deionised water (Figure 
4-3), achieving plateau values of T2gm ~396 ms and T2gm ~360 ms, respectively. However, 
high salinity solutions show a lower contribution from interfacial water reaching a T2gm 
equilibrium value of ~578 ms.  
Additionally, Figure 4-5 also shows that sodium chloride solutions in contact with uncoated 
sand do not change with time (T2gm ~238 ms) due to the water-wet characteristics of the sand, 
as also found for deionised water (Figure 4-3). 
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Figure 4-4: T2  distributions initial (red line) and equilibrium (black line) for 
sodium chloride solutions in contact with coated sand B: (a) 950 ppm; (b) 100,000 
ppm. 
 
Figure 4-5: T2g m against time for sodium chloride solutions, low (950 ppm-filled 
circles) and high (100,000 ppm-filled triangles) concentrations, in contact with 
coated sand B.  Pseudo-first-order exponential fits are represented by solid lines. 
Open circles and triangles are the T2 gm values for uncoated sand in contact with the 
sodium chloride solutions and the mean T2g m value is represented by the dashed 
line. 
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Bitumen coverage was also evaluated in these NMR experiments. Figures 4-6 and 4-7 
compare the behaviour of T2gm for coated sands A and B in contact with deionised water and 
low and high concentration sodium chloride solutions. In general, these plots show that the 
equilibrium T2gm value is reached faster for the lower bitumen content sand A. In the case of 
deionised water (Figure 4-6), bitumen sands A and B achieved similar T2gm equilibrium 
values (~396 ms for sand A and ~407 ms for sand B). In the case of salt solutions (Figure 4-
7), it is found that sand A contacted with sodium chloride solution achieved closer T2gm() 
values for both salt concentrations, being ~392 ms for low salinity and ~436 ms for high 
salinity. However, larger differences in the T2gm() values are found for sand B, being ~360 
ms for low salinity and ~578 ms for high salinity.  
These observations exemplify the effect of bitumen film thickness on the kinetics of the 
change in T2gm. Therefore, T2gm equilibrium values are achieved at shorter contact times for 
thinner films. Additionally, for both coated sands A and B, T2gm() values are higher than the 
equilibrium value of uncoated sand (~238 ms). This means that the sand has not returned to 
its original water-wet condition. 
 
Figure 4-6: T2g m against time for deionised water in contact with coated sand A 
(filled triangles), coated sand B (filled circles) and uncoated sand (open circles). 
Solid lines represent pseudo-first-order exponentials fits to the data. The dashed 
line represents the mean value for the uncoated sand. 
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Figure 4-7:  T2g m against time for sodium chloride solutions, low (950 ppm-filled 
circles) and high (100,000 ppm-filled triangles) concentrations, in contact with 
coated sand A (red filled icons), coated sand B (black filled  icons), and uncoated 
sand (open icons).  Pseudo-first-order exponential fits are represented by solid 
lines. The mean T2g m value is represented by the dashed line.  
Mean T2gm values obtained for uncoated sand in contact with the aqueous salt solutions or 
deionised water were approximately 238 ms (Figures 4-6 and 4-7). This suggests that the 
initial T2gm(0) for coated sands in contact with the sodium chloride solutions (or water) 
depend on the interactions between the aqueous salt solution with the bitumen film on the 
sand surface. 
4.3.2.3 Bitumen-Coated Sand-Other Alkali and Alkaline Earth 
Metal Chlorides  
The trends found in sections 4.3.2.1 and 4.3.2.2 are also shown by other alkali and alkaline 
earth metal chlorides. Table 4-2 shows the initial T2gm(0) values, the equilibrium values 
T2gm() and the rate constants (k) for the NMR experiments where coated sand A or B are 
contacted with deionised water or aqueous salt solutions.  
Appendix B shows further T2gm versus contact time plots for high and low salt concentrations 
of KCl, LiCl, CaCl2 and MgCl2 on sands A and B. 
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Table 4-2: Initial (T2gm(0)) and equilibrium (T2gm()) values and rate constants (k) calculated for 
bitumen-coated sand samples A and B. 
Salt 
Salt concentration 
(ppm) 
Sand A, 10 mg/g Sand B, 20 mg/g 
T2gm(0) 
(ms) 
T2gm() 
(ms) 
k (min
-1
) 
T2gm(0) 
(ms) 
T2gm() 
(ms) 
k (min
-1
) 
None 
(deionised 
water) 
- 
838 407 0.0847 747 396 0.0082 
LiCl 
950 
963 359 0.0862 656 350 0.0113 
LiCl 
100,000 
934 516 0.0325 1120 606 0.0050 
NaCl 
950 
1003 392 0.0625 799 360 0.0159 
NaCl 
100,000 
914 436 0.0351 1130 578 0.0093 
KCl 
950 
1084 398 0.0549 1270 405 0.0085 
KCl 
100,000 
975 449 0.0375 1180 525 0.0104 
MgCl2 950 
866 362 0.0797 790 336 0.0111 
MgCl2 100,000 
1021 463 0.0362 1050 513 0.0113 
CaCl2 950 
721 337 0.0340 959 344 0.0127 
CaCl2 100,000 757 476 0.0261 924 421 0.0165 
 
The data in Table 4-2 demonstrate that fluid and solid interactions for the aqueous salt 
solutions are dependent on bitumen thickness and the effect of salt concentration and metal 
ion type. In general, k constant values were larger for sand A than sand B, and the equilibrium 
T2gm() values were lower for low salt than for high salt. The T2gm() difference between low 
and high salt is also represented in Figure 4-8. Lower T2gm() values indicate stronger 
interactions between the aqueous salt solution with the sand surface, indicative of the sand 
becoming more water-wet. The larger effects of lower concentrations of monovalent chloride 
salts (with the exception of KCl) and divalent chloride salts with the sand surface is also 
CHAPTER 4 - OIL-SOLID INTERACTIONS 
101 
 
demonstrated when T2gm() values for low salt concentration are lower than the T2gm() 
found for water. However, this is not the case for high salt concentration where T2gm() 
values are all higher than water suggesting weaker interactions between the aqueous salt 
solution with the sand surface. The average T2gm() data (for sands A and B, and the salts 
studied) in Figure 4-9 show once again the effect of salt concentration for bitumen-coated 
sands and water; the lowest average T2gm() values are found for the low salt concentration, 
reflecting stronger interactions with the coated sand. 
Figure 4-8 (dashed-line) also shows that, although there are favorable interactions between 
the coated sands A and B and the injection fluids, the equilibrium values are still higher than 
the T2gm() of ~238 ms for uncoated sand. This suggests that the strongly water-wet nature of 
the sand was not reached. 
 
Figure 4-8: T2g m() values for deionised water or aqueous salt solutions on sands A 
(grey) and B (black). The dashed line shows the T2g m() value for water uncoated 
sand. 
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Figure 4-9: Average T2g m() values for sands A and B contacted with deionised 
water and aqueous salt solutions (950 and 100,000 ppm) used in the study. 
Studies in the literature have compared the roles of divalent ions (Ca
2+
, Mg
2+
) and 
monovalent ions (Li
+
, K
+
, Na
+
) on the wetting transition of a rock surface during low-salinity 
water injection [5, 21-24, 44]. Mugele et al. [24] found that Ca
2+
 and Mg
2+ 
ions influence 
rock wettability and that their removal increases water-wettability. This is explained in terms 
of divalent cations binding acidic oil components of the crude oil to the rock surface, which 
promotes oil-wettability [24, 27]. Evidence of the cation binding mechanism for divalent salts 
is also found in Table 4-2 and Figure 4-8. The results show that T2gm() values for MgCl2 and 
CaCl2 are slightly lower than T2gm() values for monovalent cations suggesting that divalent 
cations have slightly higher affinities for sand surfaces. 
In Table 4-2 and Figure 4-10 are shown rate constants calculated using equation 4-4 for 
coated sands A and B in contact with deionised water or aqueous salt solutions. As for the 
case of T2gm(), k is also dependent on bitumen thickness, salt concentration and metal ion 
type. 
Rate constants are larger for sand A than for sand B. This indicates that the injection fluid 
diffuses faster through the thinner bitumen film (sand A) than in the thicker film (sand B) due 
to lower surface coverage or smaller diffusion distance to the sand surface. Figure 4-6 shows 
that over time similar equilibrium values (T2gm()) are achieved independently of the bitumen 
film thickness. However, rate constant are thickness-dependent and they determine how fast 
the equilibrium values are achieved.  
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For sand A, Figure 4-10 shows much lower k values for NaCl, KCl and CaCl2 low salt 
solutions than for water. These k values are even smaller for high salt solutions. These 
suggest that the injection fluid accesses the sand surface faster for low salt than for high salt 
solutions. On the other hand, k values for sand B are not very sensitive to the type of aqueous 
salt solution.  
Figure 4-10: Rate constant values for deionised water  or aqueous salt solutions on 
sands A (grey) and B (black). The dashed lines show the k values for water on sand 
A (grey-dashed line) and sand B (black-dashed line). 
4.3.3 Possible Mechanisms for T2gm Behaviour 
There are two possible explanations for the observed T2gm results. The first is that the bitumen 
film on the surface of the sand is not uniform, or coverage is incomplete. In this case, water 
would initially contact the regions of exposed (hydrophilic) sand. The decrease of T2gm over 
time would then reflect the conversion of the bitumen-sand into water-sand surfaces as the 
water displaces the bitumen (bitumen layer displacement). The second involves water, and 
possibly ions [45], becoming solubilised in the bitumen and diffusing to the sand surface 
(water diffusion). 
Opto-digital microscope images for sand B after preparation and after being in contact with 
deionised water are shown in Figure 4-11(a) and (b), respectively. Figure 4-11(b) shows no 
indication of bitumen displacement in sand B after being soaked in deionised water for two 
weeks. However, Figure 4-11(b) shows a change in the distribution of bitumen. The 
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magnified image of Figure 4-11(b) in Figure 4-12 reveals water droplets with diameters 
between 1 - 3 μm throughout the bitumen-rich areas.  
In this case, it is apparent that the presence of water droplets provides evidence for the second 
suggestion given above, for water being solubilised in the bitumen and diffusing to the sand 
surface. These droplets can grow or coalesce into larger droplets with a consequent effect on 
the water relaxation time.    
 
Figure 4-11: Opto-digital microscope image of sand B (a) after preparation and (b) 
after sand was soaked with deionised water for two weeks. Polarised light was used 
for images acquisition and scale bars are equal to 400 μm.  
 
Figure 4-12: A close-up of opto-digital microscope image for sand B showing 
bitumen-rich regions and water droplets. The inset image shows droplets standing 
out from the bitumen surface Polarised light was used for images acquisition and 
scale bars are equal to 20 μm.  
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Mahzari and Sohrabi [42] and Sohrabi et al. [13] recently described a similar finding when 
they reported the formation of water micro-dispersions when crude oil is contacted with low-
salinity water. Sohrabi et al. [13] also suggested that micro-dispersion formation causes 
surface-active species removal (responsible for providing the oil-wet state to the rocks) from 
rock surfaces to the bulk oil. Therefore, oil-surface interactions are reduced. 
The present research suggests that water can be solubilised by bitumen surface-active species 
forming water drops which might grow into larger droplets or coalesce. The water diffuses to 
the sand surface as a result of a salinity gradient (created by bitumen residual salt), facilitated 
by bitumen surface-active components (aiding water solubilisation) and the naturally 
hydrophilic nature of the sand surface. The salt content in JACOS bitumen is 79 mg/L and 
water content equal to 55 mg/L. Using the mathematical correction of ref. [46], the mass ratio 
of salt in a saturated solution at 20 ⁰C is equal to 35.89 g NaCl per 100 g H2O, so the salt in 
bitumen is over-saturated because of 79 mg/55 mg = 143.64 g/100g in the bitumen sample 
[2]. This would provide a very effective osmotic driving force for further water uptake. 
According to the results in Table 4-2, the rates of change of T2gm (k values) are some 10 times 
faster (as for the case of deionised values) for sand A than for sand B. Based on the 
microscope image in Figure 4-12, it is suggested that this is due to water uptake by the oil 
film and subsequently diffusion through the film to the sand surface. 
Chen et al. [45] evaluated water diffusion through an oil film of h thickness in a w/o/w 
(water-in-oil-in-water) multiple emulsion. The authors suggested that ions transport via a 
reverse micelle mechanism where reverse micelles (with trapped ions and micro-emulsified 
droplets of radius ~3 nm) are formed in an oil film. Ion transport rates through the film 
depend on the film thickness. The diffusion rate is calculated using equation 4-5, 
  
 
  
 
(4-5) 
where D is the diffusion coefficient, k is the diffusion rate and h is the film thickness. The 
diffusion coefficient is given by the Stokes-Einstein equation 4-6, 
  
   
    
 
(4-6) 
where kB is the Boltzmann constant, T  is the absolute temperature, η is the film viscosity and 
r is the radius of the diffusing water species. Substituting equation 4-6 in 4-5 results in 
equation 4-7 where k is inversely proportional to h
2
. 
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(4-7) 
Equation 4-7 is used to estimate the size of the diffusing species with the k values obtained 
from NMR data. Figure 4-13 shows the plot of k versus 1/h
2
 (where h is equal to the film 
thicknesses for coated sand A and B). In this way, the radius of the diffusing water species 
was estimated (using equation 4-7) and a point in the trendline to be equal to 0.91 nm (data in 
SI units). The estimated radius of ~0.91 nm is smaller than the value calculated by Chen et al. 
[45] for reverse micelles (3 nm). However, the value is consistent with the radius of 
solubilised water droplets (0.25 - 9 nm) [47] or aggregates (e.g. asphaltene nanoaggregates, 
~2 nm) [48]. 
 
Figure 4-13:  Plot of diffusion rates  (k) from NMR data against 1/h
2
 where h is the 
film thicknesses for coated sands A and B. The error bars indicate the spread of 
data for the systems studied (deionised water and saline solutions).  
Figure 4-14 shows a diagram of the possible mechanism for the interaction between water 
and bitumen-coated sand. Water is solubilised by bitumen surface-active species in the form 
of reverse micelles that diffuse through the film (due to a salinity gradient) to the sand 
surface. Over time, droplets accumulate and coalesce onto the bitumen-sand interface without 
displacement of the bitumen film. 
T2gm() values show that the hydrophilic nature of the uncoated sand was not reached for the 
bitumen-coated sands. Therefore, T2gm() values reflect the partially-wetted condition 
achieved by sands A and B. This situation might be due to the presence of a hydrophobic 
surface film (and also the high viscosity of the bitumen) which restricts complete wetting of 
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the sand surface. The hydrophobic surface film (shown in Figure 4-14) consists of bitumen 
hydrophobic surface-active species adsorbed on the surface of the sand. 
 
Figure 4-14: Diagram of a possible mechanism for the interaction between water 
and bitumen-coated sand. An adsorbed film might prevent achieving completely 
water–wet conditions. 
4.3.4 Glissopal-Coated Sands 
In this section, the importance of bitumen surface-active species for water transport through 
the bitumen film is examined by comparing NMR measurements on sand coated with a 
viscous, relatively pure hydrocarbon. 
Two new sets of coated sands were prepared with two types of Glissopal (polyisobutylene) 
hydrocarbons: samples C and D coated with 10 and 20 mg/g of Glissopal 1000; and samples 
E and F coated with 10 and 20 mg/g of the more viscous Glissopal 2300. NMR measurements 
involved placing Glissopal-coated sands in contact with deionised water and compare T2gm() 
values with the ones for bitumen-coated sands. The absence of surface-active species in 
Glissopal-coated sands should show smaller differences in ∆T2gm (T2gm(0)-T2gm()).   
Figure 4-15 shows T2gm against time profiles for deionised water in contact with Glissopal-
coated sands, together with the previous uncoated sand data for comparison. Comparing 
Figure 4-15 with Figure 4-6 (deionised water in contact with sand A and B) it is seen that the 
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time dependence in the Glissopal profiles is reduced relative to the bitumen sands. This 
suggests that water diffusion in the Glissopal sands is much less than for the bitumen-coated 
sands. This is also evident from the smaller values of ∆T2gm found for Glissopal sands in 
Table 4-3.  epending of the Glissopal grade, for a surface coverage of 10 mg/g, ∆T2gm values 
are ~4 - 8 times smaller than for bitumen-coated sand A. Additionally, for a surface coverage 
of 20 mg/g, ∆T2gm values for Glissopal-coated sands are ~2- 4 times smaller than for bitumen-
coated sand B. The lowest ∆T2gm values are found for Glissopal 1000 (lower viscosity) sands 
due to larger interaction between water and the sand surface. For the more viscous Glissopal 
2300 sands, there is a greater barrier for water to reach the sand surface.  
The reduced T2gm time dependence for Glissopal-coated sands compared with bitumen-coated 
sands suggests that the extent of water diffusion in Glissopal sands is lower than for bitumen 
sands, and presumably due to the absence of surface-active components in the former. 
Additionally, no evidence from optical microscopy of the presence of water droplets on the 
Glissopal sand surfaces was found after being exposed to deionised water for two weeks. 
 
Figure 4-15: T2g m against time for deionised water in contact with sands C (red 
circles), D (red triangles), E (blue circles) and F (blue triangles). Pseudo-first-
order exponential fits are represented by solid lines. The mean T2g m value is 
represented by the dashed line. 
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Table 4-3: Calculated ∆T2gms (T2gm(0)-T2gm()) values for the three sets of coated sands studied 
contacted with deionised water. 
Sample name Oil coating Sand coverage (mg/g) ∆T2gms (ms) 
A JACOS bitumen 10 431 
B JACOS bitumen 20 351 
C Glissopal 1000 10 54 
D Glissopal 1000 20 86 
E Glissopal 2300 10 116 
F Glissopal 2300 20 170 
 
Figure 4-16 shows the relationship between T2gm() and the surface coverage of Glissopal 
1000 and 2300 used for sand coating. The effect of Glissopal coating density is consistent 
with the interaction of water with sand surface. As coating density and surface coverage 
increase, the T2gm() value increases. Therefore, the maximum interaction is found for 
Glissopal 2300 and a surface coverage of 20 mg/g and the lowest interaction is found for the 
less viscous Glissopal 1000 and a surface coverage of 10 mg/g. 
 
Figure 4-16: Plot showing T2 g m() versus surface coverage (mg/g) for sands C and 
D (Glissopal 1000, red circles) and for sands D and E (Glissopal 2300, blue circles). 
Error bars are the standard deviations for contact times higher than 45 min (from 
Figure 4-15). 
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4.3.5 Summary and Relevance of NMR Relaxation Measurements to 
COBR Systems  
In this chapter, T2gm relaxation measurements have been used to detect surface interactions 
between oil-coated sand and different aqueous injection fluids in order to detect changes in 
sand wettability. Similar approaches have been considered useful in the study of COBR 
systems by Hum and Kantzas [38].  
In the present work, the time dependence of T2gm has been explained for bitumen-coated 
sands through two possible mechanisms: bitumen layer displacement or water diffusion.  
However, optical microscopy showed evidence for bitumen redistribution and of water 
droplet formation (emulsified water droplets ~1-3 μm) in these bitumen rich regions with no 
indications of bitumen displacement. Therefore, the principal mechanism leading to the 
observed T2gm reduction (indicating an increase in water-wettability) was attributed to water 
diffusing into the bitumen layer. The factor that leads to water mobilisation (diffusion) 
through the bitumen film to the sand surface was explained to be due to the presence of 
surface-active species in the crude oil and an osmotic driving force (related to the salinity of 
internal water present in the bitumen). Additionally, optical microscopy of bitumen interfaces 
in contact with low salt solutions showed rapid formation of micro-dispersions which is 
reduced for high salt concentrations. This is consistent with the observations of Mahzari and 
Sohrabi [42] where the amount of water picked up by the oil is lower as salt concentration is 
increased and water picked up by the oil is higher as salt concentration is decreased.  
Thus, the decrease in T2gm with time reflects not only water transport to the sand surface but 
also water uptake by the bitumen film (as a consequence of low or high salt injection). 
Consequently, as more water is taken up by the bitumen (low salt injection) more water is 
transported to the sand surface and therefore more water-wet conditions could be achieved in 
the sand surface. 
Data analysis showed that T2gm depended on salt concentration and ionic composition, lower 
T2gm() values being found for low salt concentrations. Additionally, lower T2gm() values 
were found for divalent cations compared with monovalent cations, which suggests slightly 
greater affinities of the former for sand surfaces. 
The original T2gm() values for the uncoated sands were not restored for any measurement on 
coated sand samples contacted with water or salt solutions. A hydrophobic bitumen film 
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adsorbed on the sand surfaces might restrict the complete wetting of the sand. Paramagnetic 
species can also be concentrated in this film which could influence surface relaxivity, leading 
to higher T2 values, according to equation 4-1. This decrease in surface relaxivity was 
reported elsewhere for quartz sand in presence of bitumen [28].   
To investigate whether surface-active species were responsible for water diffusion in bitumen 
films, further experiments were conducted for sands coated with the viscous, relatively pure 
hydrocarbons Glissopal 1000 and 2300. Corresponding T2gm analyses showed that there was a 
reduced time dependence of T2gm in the Glissopal hydrocarbons, most likely due to the 
absence of surface-active species. Additionally, comparing T2gm() values with the two 
Glissopals it was apparent that as the coating viscosity increases, the T2gm() value increases. 
Due to the reduced time dependence of T2gm and microscopic observations, there was no 
evidence for Glissopal film rearrangement and for the formation of water droplets.  
The relevance of these observations to COBR systems is therefore considered to be: 
 The NMR method can be implemented to make rapid measurements of the effects of 
changing salinity and ionic composition on COBR systems. This can be used to 
optimise salt concentration and ionic composition before core-flooding experiments 
which are expensive, complex and time-consuming. 
 The formation of water droplets influences the distribution of surface-active species 
adsorbed on the sand surface due to a tendency to compete and align at the droplet 
interfaces. 
 The influence of low-salt injection in oil recovery due to the formation of water-in-oil 
dispersions and their diffusion through the bitumen film towards the solid surface 
where water coalesces. As more water reaches the sand surface, sand surface 
wettability changes to more water-wet conditions, potentially increasing oil recovery.  
4.3.6 Applying NMR Relaxation to Probe the Wettability of Heavy 
Asphaltenic Residues 
In this section, the NMR approach for estimating wettability changes on solid surfaces has 
been extended to include three different heavy asphaltenic residues (shown in Chapter 2). The 
idea is to use the same NMR approach to detect the effectiveness of surfactants to change the 
wettability of residue surfaces. This is important industrially in the production of aqueous 
dispersion fuels containing refinery residues (residue-water dispersions). In these cases, water 
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should adequately wet the solid organic surfaces in the presence of surfactants. To date, such 
approaches to the determination of the wettability of residues have not been described. The 
method could be used to identify surfactants (and effective concentrations) which produce an 
optimal water-wet surface for the stablilisation of aqueous solid suspensions. This method 
may also complement other ways of determining the wettability of powders (such as contact 
angle measurements).  
Heavy refinery residues are organic solids mainly composed of asphaltenes. The residues 
SDA, JGC and Total were studied in contact with three surfactants: Triton X-100 (non-ionic), 
SDS (anionic) and CTAB (cationic surfactant). Deionised water was also use for comparison. 
Figure 4-17 shows the time dependence of T2gm for the SDA residue using aqueous surfactant 
solutions at three concentrations 0.02, 0.05 and 0.1 wt%. T2gm plots for JGC and Total 
residues are shown in Appendix C. At a concentration of 0.02 wt%, Figure 4-17(a) shows the 
T2gm time dependence decreasing for Triton X-100, SDS and water. However, an increase in 
T2gm is seen for CTAB. As the surfactant concentration is increased to 0.05 wt%, T2gm 
decreases for the three surfactants and a plateau value of 550 ms is reached for Triton X-100. 
At this concentration, the T2gm increasing trend for CTAB is reversed and a decreasing trend is 
seen. Finally, at a concentration of 0.1 wt%, all three surfactants attain similar plateau values 
of  400 - 490 ms. The equilibrium T2gm values for the three surfactants were all lower than the 
water value of 640 ms indicating that the surfactants increased the water-wettability of the 
residue surface.   
The initial increase in T2gm seen for CTAB at low concentration (0.02 wt%) can be attributed 
as an initial increase in the residue hydrophobicity, resulting from the adsorption of CTAB to 
hydrophilic surface sites (SDA residue might have some anionic character).  
Appendix C shows the time dependence of T2gm for Total and JGC residues. Comparing the 
three residues, the majority of the T2gm() reached for all residues in contact with the 
surfactants were lower than the water value of 650 ms. Therefore, water-wettability of the 
residue surface is increased with the surfactants.  
Figure C-3 (Appendix C) shows T2gm(0) profiles for the residues in contact with the three 
surfactants. The critical micelle concentration (CMC) for Triton X-100 (0.021 wt%) and 
CTAB (0.036 wt%) are indicated in the graphs. Concentrations used for SDS were below its 
CMC (0.236 wt%). These plots suggest that the initial reduction in T2gm is more effective 
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using surfactant concentrations higher than the respective CMC, as seen for Triton X-100 and 
CTAB. The non-ionic surfactant Triton X-100 showed the most consistent effects for the 
three residues, followed by CTAB. However, SDS effects appear to be residue-dependent.  
 
Figure 4-17: T2g m against time for surfactant solutions at concentrations (a) 0.02, 
(b) 0.05, and (c) 0.1 wt% in contact with SDA residue.  
4.4. Conclusions 
The study of wettability in two different systems (inorganic solid coated with an organic film 
and organic solid) has been undertaken using an NMR method. The method was applied to 
bitumen-coated sand contacted with aqueous solutions and a mechanism has been suggested 
for the dependence of T2gm with time linked to an increase in water-wet characteristics. The 
T2gm effects are dependent on salt concentration and ionic composition of the salt solutions, 
and also on the formation of micro-dispersions of water-in-oil. Optical microscopic 
comparisons of bitumen-coated and Glissopal-coated sands indicate that the T2gm decrease 
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with time reflects a wettability change as a consequence of water immobilised in the bitumen 
film. In the case of bitumen-coated sands, water transport to the sand surface depends on both 
the presence of surface-active species in the oil and an osmotic driving force. In the case of 
Glissopal-coated sands, the T2gm time dependence is reduced, suggesting a reduced effect of 
water transportation through the oil film due to the absence of the above driving forces. 
The NMR method has also been applied to heavy residues to detect surfactant type and 
surfactant concentration effects on a residue surface. The method is able to detect interactions 
between residues and surfactants and therefore an increase in water-wettability of the residue 
surface. Therefore, the NMR method can be implemented industrially to detect the 
effectiveness of surfactants to change the wettability of residue surfaces for the production of 
aqueous solid suspensions.  
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5. ASPHALTENE-SOLID INTERACTIONS 
5.1 Introduction 
The study of asphaltenes has been an important topic in the oil industry due to their tendency 
to aggregate, flocculate, precipitate and adsorb on interfaces [1]. Asphaltenes are the heaviest 
and most polar crude oil fraction [1] and are defined as the oil fractions soluble in aromatic 
solvents (toluene) but insoluble in alkane solvents (n-heptane or n-pentane) [1, 2]. 
Asphaltenes are known to deposit on solid surfaces within the oil well and during crude oil 
extraction and refining. Asphaltene adsorption is associated with costly operational problems 
in pipelines and equipment failure during oil production and refining [2].  
In order to understand the adsorption of asphaltenes at oil-water or oil-solid interfaces, 
previous studies have considered asphaltene interactions with other oil components and the 
effect of temperature [2, 3]. The review of Adams [2] identified that asphaltene adsorption 
studies at solid surfaces included a range of sorbents (e.g. clays, rock surfaces, glass, silica, 
alumina, metal oxides), asphaltene sources (e.g. light and heavy crude oil, oil sands, vacuum 
residue) and selective adsorption experiments (with mixtures such as asphaltenes+maltenes, 
asphaltenes+resins, and asphaltenes+oils). 
The influence of water on the aggregation structure of asphaltenes has also been reported [2]. 
The presence of water was suggested to reduce asphaltene adsorption due to altering 
hydrogen-bonding interactions, since water strongly competes with asphaltenes for surface 
adsorption [2, 4]. However, the reduction in asphaltene adsorption has not been quantified for 
the presence of pre-adsorbed water, e.g. in different relative humidity (RH) environments. 
Therefore, a main aim of this chapter is the quantification of asphaltene adsorption on sand 
which had been exposed to different RH atmospheres. In support of the adsorption 
experiments, the resultant sand has been further analysed by AFM and by wettability 
measurements using low-field NMR. 
Silica is the most abundant mineral in many crude oil reservoirs and in oil sands, indicating 
the importance of silica-water-oil interfacial chemistry. This study therefore considers 
asphaltene adsorption on reservoir rocks that could alter rock wettability and therefore impact 
oil recovery. The results of this study may also help to explain differences in asphaltene 
adsorption data found in the literature and could be relevant to future simulation studies of 
the effect of water on oil component adsorption [5, 6]. Additionally, the presence of water on 
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sand could contribute to understanding systems such as oil sands where a water layer is 
believed to separate bitumen from the sand surface [7-10]. The results presented in this 
chapter and the corresponding procedure to determine asphaltenes adsorption on quartz sand 
in the presence of pre-adsorbed water have been published in ref. [11]. 
5.1.1 Asphaltene Aggregation and Adsorption  
Asphaltene adsorption has been implicated in many aspects of surface chemistry underlying 
the production and processing of crude oil, and as a consequence has received considerable 
attention in the literature, as recently reviewed by Adams in ref. [2]. Of particular interest to 
crude oil production has been adsorption at aqueous interfaces, where asphaltenes are 
considered to contribute to the stability of water-in-crude oil emulsions [12-15], and on 
reservoir rocks, in which the presence of asphaltenes affects wettability, of relevance to oil 
recovery [16-18]. Asphaltene deposition on metal surfaces has been known to contribute to 
upstream and downstream problems, including fouling and blockage of production facilities 
[19]. 
The most important feature of asphaltenes is their tendency to self-aggregate, which is also 
relevant for their adsorption behaviour at oil-water or oil-solid interfaces [20]. This is 
explained in terms of their molecular structure [2, 20, 21]. Therefore, experimental analytical 
approaches, coupled with molecular modelling, have been used in the literature to understand 
asphaltene behaviour and structure [19, 22-24]. 
It has long been considered that asphaltene composition varies from one crude oil to another, 
in the same way as crude oil composition changes [2, 25, 12]. Asphaltene structure has been 
subjected to debate over the years, but is generally accepted that asphaltenes are composed of 
carbon, hydrogen, oxygen, nitrogen, and sulfur. According to Mullins et al. [21] and a recent 
review of crude oil interfacial science [20], asphaltenes are most likely to have a 
polyaromatic core with peripheral alkyl substituents, referred to as the ‘island’ molecular 
architecture [20, 21], with heteroatoms (nitrogen, sulfur and oxygen) being associated with 
the aromatic ring system [21]. Asphaltene tendency towards self-aggregation results from a 
combination of intermolecular acid-base, hydrogen bonding, and π-π stacking interactions 
involving planar structures [2, 19, 26]. These forces are important in asphaltene-surface and 
asphaltene-asphaltene interactions, and therefore in asphaltene adsorption [2].  
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Asphaltene aggregation and adsorption in oil-water or oil-solid interfaces is one of the main 
focuses in the literature. In toluene solution, asphaltene molecules aggregate and form 
nanoaggregates (size ~2 nm) at concentrations of ~20-100 mg/L [2]. An increase in 
asphaltene concentrations to ~2000-5000 mg/L causes nanoaggregates to form clusters of ~5 
nm in diameter. The organisation of asphaltene structures is explained by the Yen-Mullins 
model [21] discussed in Chapter 3.  
The formation of asphaltene aggregates is not only related to their concentration. Other 
factors also control aggregation, including pressure, temperature, resins-asphaltene ratio and 
solvent [2, 27]. For example, pressure changes during crude oil extraction often lead to 
asphaltene destabilisation and their precipitation in the well and in production equipment [2, 
25].   
The crude oil literature has mainly focussed on understanding asphaltene interactions with 
resins, which was considered to play a role in asphaltene dispersion [3, 20]. However, the 
theory of asphaltene-resin ‘micelle’ formation which was favoured for decades is no longer 
held, owing to several contradictions in the literature [2] as for example the formation of 
asphaltenes aggregates in toluene solutions in the absence of resins [20].  
In general, asphaltene aggregation can lead to higher asphaltene adsorption [2]. Asphaltene 
adsorption depends of several variables, such as its source and concentration, type of 
substrate and the procedure used for isolating the asphaltenes from the crude oil  (asphaltenes 
extracted using n-pentane are known to contain more resins than asphaltenes extracted using 
n-heptane [2]). Additionally, the solvent is also important, because strong solvents can 
compete with asphaltenes for adsorption (or break aggregates), and weak solvents can 
increase aggregation [2]. Static and dynamic flow conditions also influence the structure of 
the adsorbed asphaltene film. The time of adsorption is also important and can also be related 
to the formation of monolayer or multilayers. The formation of multilayers depends on other 
factors, including asphaltene structure, aggregation state and colloidal stability [2]. 
5.1.2 General Features of Asphaltene Adsorption on Solid Surfaces 
Asphaltenes are composed of polar and non-polar groups where the former are responsible 
for adsorption on mineral surfaces, which can change the wettability of crude oil reservoirs 
[28-30]. Studies in the literature have reported that asphaltene polar fractions (consisting of 
NSO containing species) have a greater tendency to precipitate [25, 31, 32]. For example, 
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Abdallah and Taylor [25] characterised an adsorbed layer of asphaltenes on a metallic surface 
and identified the presence of C, O, S and N using ToF-SIMS analysis. 
The process of selectively removing asphaltene by adsorption on a suitable substrate has been 
suggested as a means of upgrading crude oil, thereby producing oil which would be less 
likely to precipitate [2]. This concept was demonstrated by Cortes et al. [33] who used metal 
oxide nanoparticles supported on silica gel to adsorb asphaltenes inside the well to reduce 
subsequent asphaltene deposition.  
Asphaltene adsorption studies have considered surfaces, such as silica, clays, glass, alumina, 
metals and metal oxides [2]. The main findings were that the amount of asphaltenes adsorbed 
depends of several factors, including the type of sorbent, sorbent characteristics (surface area, 
structure), cation exchange capacity (clays), water content (on the sorbent surface and in the 
solvent), acid-base character, asphaltene chemical composition, and size of asphaltenes 
aggregates [2, 4, 12, 21, 29, 30, 34-36].    
Marczewski and Szymula [12] contacted various hydrophilic surfaces (Brazilian quartz, 
dolomite, calcite, kaolin, Fe2O3 and TiO2) with toluene solutions of asphaltenes and found 
that the particles adsorbed asphaltenes and changed their wettability. Acevedo et al. [34] 
reported Langmuir monolayer adsorption behaviour on mineral surfaces, and suggested that 
asphaltene adsorption involves asphaltene aggregates, change of adsorption with time and 
multilayers formation [21, 34].  
Dubey and Waxman [29] reported asphaltene adsorption and desorption on clay minerals, 
silica and carbonates. They claimed that the presence, stability and thickness of water films 
on the mineral surfaces could control asphaltene and resin adsorption.  udášová et al. [37] 
studied asphaltene adsorption onto silica, titanium and alumina from toluene solutions. They 
found a correlation between asphaltene aggregate size in toluene and the amount of 
asphaltene adsorbed on the surfaces, where an increase in aggregate size leads to an increase 
in asphaltene adsorption. 
5.1.3 Influence of Water on Asphaltene Adsorption 
Water is fundamental to crude oil reservoirs and therefore has to be considered in surface and 
colloid chemical aspects of petroleum recovery and processing. Water has been reported to 
influence asphaltene aggregation [2], for example, as Murgich et al. [38] demonstrated the 
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interaction of asphaltene and water molecules in toluene solution. It was concluded that 
asphaltene nanoaggregation is promoted by low concentrations of water because water forms 
hydrogen bonded water bridges between asphaltene heteroatoms. 
When an asphaltene film on glass was exposed to water, Akhlaq et al. [39] found that water 
preferentially adsorbed over the film. However, contacting the particle surfaces with water 
prior to asphaltene adsorption caused the water layer to become more organised which 
decreased asphaltene adsorption [2]. This was explained by the presence of water modifying 
hydrogen bonding interactions, leading to competition between asphaltenes and water 
molecules for the sorbent [2]. Other studies showed similar behaviour. Dean and McAtee 
[40] and Gillot and Czarnecka [4] each reported a decrease in asphaltene adsorption on clays 
which had been previously exposed to moisture, as a result of competition for surface 
adsorption sites. A similar reduction in adsorption was found by Jeon et al. [41] when 
comparing dry and moist goethite (FeOOH) surfaces.  
5.2 Experimental Methods 
5.2.1 Procedure for Precipitation of n-Heptane Asphaltenes  
Compositional details of the oil sand sample used in this study are given in Chapter 2. The 
core sample was dried at 60 ⁰C for several days. Bitumen was then recovered by Soxhlet 
extraction with toluene. Once extraction was complete, the solvent remaining in the solid (in 
the Soxhlet thimble) was removed under a stream of dry nitrogen. Micro-sieve analysis was 
used to determine particle size distribution of the solids and the resultant distribution of the 
solids are shown in Figure 5-1. The most abundant diameters of the extracted solids are found 
to be in the range 250-354 μm.  
The bitumen solution was filtered (Whatman #1 filter paper), and the solvent removed by 
evaporation. Asphaltenes were precipitated by adding 40 volumes of n-heptane to the isolated 
bitumen. This was stirred overnight (∼12 h) to allow complete destabilisation of the 
asphaltenes which were then vacuum filtered (Whatman #1 filter paper) to produce solid n-
heptane asphaltenes (C7-asphaltenes) and the n-heptane maltenes fraction (C7-maltenes) after 
solvent evaporation. 
In order to remove any inorganic material, the C7-asphaltene was re-dissolved in toluene and 
centrifuged at 10,000 rpm. Once again, solvent was removed by evaporation.  
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Figure 5-1: Particle size distribution from sieve analysis of the oil sand sample 
used in this study (Original diagram from Gonzalez and Taylor [11]). 
5.2.2 Sand Equilibration under Different Relative Humidity (RH) 
Conditions 
Quartz sand (50-70#, mean diameter ∼250 μm, Sigma-Aldrich, UK) was the sorbent used for 
asphaltenes adsorption. Untreated clean sand was weighed and equilibrated for four weeks at 
22  2 ⁰C in the atmosphere above saturated RH solutions contained in sealed 2 L glass jars. 
Table 5-1 shows the corresponding RH value for each salt solution used.  
Table 5-1: RH values of the saturated salt solutions interpolated to 22.5 ⁰C. Data at 20⁰ and 25 
⁰C are found in Greenspan [42]. Salts are from Sigma-Aldrich, UK (refer to Chapter 2). 
Salt RH (%) 
None (water) 100 
(NH4)2SO4 81.2  0.3 
Mg(NO3)2 53.6  0.2 
MgCl2 32.9  0.2 
None (dry sample) 0 
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In the case of ‘dry’ sand (0% R ), the sample was maintained in an oven at 130 C (higher 
temperatures were avoided in order to prevent possible changes to sand structure) for four 
weeks. Prior to adsorption, the sand was placed (together with its corresponding asphaltene 
solution) in a desiccator containing silica gel desiccant 12 h before the start of the 
experiments. 
5.2.3 Asphaltene Adsorption on Sand 
A stock C7-asphaltene solution with a concentration of 135 mg/L was prepared in dry 
toluene. Toluene (water content 50 ppm) was dried to < 5 ppm water using a PureSolv 
Micro solvent purification system (Inert Technology Inc. MA, USA). The system uses dry 
nitrogen to push toluene towards a 304 stainless steel column containing alumina [11]. 
Asphaltene solutions were analysed by UV-visible spectroscopy in the range 300 to 800 nm. 
Chapter 2 contains the basic principles of absorption spectroscopy and the specifications for 
the equipment used in this work. 
Prior to the adsorption experiments, 10 mL samples of the asphaltene solutions were placed 
in the corresponding RH atmospheres and left overnight. Pre-equilibrated sand (from the 
corresponding RH atmosphere, Table 5-1) was incorporated rapidly in a 50 mL centrifuge 
tubes with each pre-equilibrated asphaltene solution. 
The tubes were capped and placed on a Stuart roller mixer for 24 h. After this, the solution 
was centrifuged (Hettich Lab Technology Rotina 380 centrifuge at 10,000 rpm) and the 
reduction of asphaltene concentration was determined by UV-visible spectroscopy from 
absorbance measurements at 500 nm with reference to the initial solution. The sand was 
retained for further analysis. 
The adsorbed amount of asphaltenes ( ) in mg/g was determined using, 
  
      
    
 
   
    
 
(5-1) 
where A0 is the initial and A is the final absorbance at 500 nm wavelength, C0 is the original 
asphaltene concentration in the solution (mg/L) and V is the volume (in mL) of the asphaltene 
solution equilibrated with sand (ms) in g. 
In order to calculate the specific adsorption of asphaltenes (mg/m
2
), the surface area of the 
quartz sand is required. BET surface area analysis measured using a Belsorp-Mini II (Bel 
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Japan Inc.) with nitrogen as the sorption gas produced a surface area value of 0.09  0.02 
m
2
/g. 
A previously determined adsorption isotherm for sand (asphaltenes concentration varied from 
0 to 80 mg/L) at ambient conditions (22 ± 2 ⁰C and ∼60% RH) from Tsiamis [43] was used 
as a guide to estimate adsorption levels on the substrate and the form of the isotherm.  
5.2.4 DOSY NMR Measurements 
Diffusion coefficients (D) for the C7-asphaltenes were estimated using DOSY NMR 
measurements for 2.7 mg of asphaltenes dissolved in 1 mL toluene-d8. Details and parameters 
for DOSY measurements are given in Chapter 3. The Stokes-Einstein equation 3-1 was used 
in order to estimate asphaltene diameter (d) assuming a sphere model. 
5.2.5 Monitoring Wettability using Low-Field NMR 
Transverse relaxation time (T2) measurements were performed using a 20 MHz bench-top 
NMR magnet. Chapter 2 contains the basic principles of NMR and the specifications for the 
equipment used in this work. The CPMG pulse sequence used to measure T2 relaxation times 
is also described in Chapter 2. Acquisition parameters for CPMG pulse sequence are shown 
in Table 5-2. Inverse Laplace Transform (ILT) was performed using Matlab code (provided 
by Victoria University, Wellington, New Zealand) to invert the acquired relaxation data in 
order to obtain relaxation time distributions.  
Table 5-2: Acquisition parameters for the CPMG pulse sequence [11, 44]. 
Parameter Value 
Number of echoes 256 
Echo time 20 ms 
Number of scans 64 
P90 6 µs (at -6.6 dB) 
P180 6 µs (at -3.3 dB) 
Dwell time 1 µs 
Number of echo points 16 
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The low-field NMR method explained in Chapter 4 was used this time to evaluate change in 
sand wettability due to asphaltene adsorption. Dried sand (~1 g) from the adsorption 
experiments was placed in 8 mm NMR tubes and 0.1 mL of deionised water was added to the 
top of each sample. For comparison, hydrophilic uncoated sand (before adsorption) has also 
been included. From the T2 distributions, geometric mean T2 values (T2gm) were calculated 
based on equation 4-3 given in Chapter 4. 
5.2.6 AFM Imaging 
AFM was used in the surfaces of sand grains taken from post-adsorption at 0% and 81% RH. 
AFM imaging basics and equipment details are presented in Chapter 2. Images were recorded 
under ambient conditions using tapping mode. A clean sand grain was included for 
comparison.  
5.3 Results and Discussion 
5.3.1 C7-Asphaltene Adsorption on Quartz Sand 
The asphaltene adsorption isotherm in Figure 5-2 was used to obtain adsorption affinity and 
capacity information for different bulk asphaltene concentrations (10-80 mg/L) on quartz 
sand at ambient temperature. The data follow the Langmuir isotherm, 
  
       
       
 
(5-2) 
where Γmax is the maximum adsorption capacity (0.20 mg/g), KL is the Langmuir constant 
(0.142 L/mg) and C is the solution asphaltene concentration before adsorption. 
The adsorption capacity for quartz sand of ~2.2 mg/m
2
 (equivalent to 0.20 mg/g) indicates a 
high affinity of asphaltenes for the sand surface. This value is in the range of adsorption 
capacity values quoted for quartz/silica in the literature (1-7 mg/m
2
) [2]. 
A monolayer coverage of asphaltenes is consistent with asphaltene solutions in the range of 
0-250 mg/L [2]. For asphaltene concentrations below the Langmuir plateau value (e.g. < 50 
mg/L), the major species in toluene solutions are asphaltene molecules or dimers [2]. 
Therefore, asphaltene adsorption for the RH experiments used an initial asphaltene 
concentration of 135 mg/L, which is higher than the reported critical nanoaggregate 
concentration (CNAC) in toluene of 50 mg/L [21] and 100 mg/L [45], depending on the 
asphaltene sources. Additionally, the asphaltene concentration in this study is much lower 
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than the reported critical cluster concentration (CCC) of ~2000-5000 mg/L [21] to exclude 
contributions from larger aggregates. 
The most probable asphaltene molecular weight, reported by Mullins et al. [21], is ~750 
g/mol. Using this molecular weight and an adsorption capacity of 2.2 mg/m
2
, an adsorbed 
area of 57 Å
2
/molecule is calculated. When using an asphaltene bulk density of 1200 kg/m
3
 
[2], the asphaltene surface coverage is therefore ~1.8 nm, which compares well with 
nanoaggregate sizes of ~2-5 nm [2, 21] in the Yen-Mullins model, suggesting that adsorption 
may actually be due to nanoaggregates. 
 
Figure 5-2: C7-asphaltenes adsorption isotherm on quartz sand for ambient 
conditions (modified from the original diagram from Gonzalez and Taylor [11] 
using data from Tsiamis [43]).  
5.3.2 Effect of Relative Humidity on C7-Asphaltene Adsorption 
Moisture on the sand surface was controlled by exposing the sand to different RH 
environments prior to asphaltene adsorption from toluene solutions.  
The diameter of asphaltenes in bulk toluene was determined using equation 3-1 and diffusion 
coefficients from DOSY NMR. Two diffusion coefficients were obtained in the range (2.1- 
2.3)  10-10 m2/s, which correspond to diameters of 3.7-3.4 nm. The diffusion coefficients of 
~10
-10
 m
2
/s agree with reported values [37, 46]. As described in the previous section, 
diameters of ~3.7-3.4 nm are consistent with the presence of Yen-Mullins nanoaggregates [2, 
21]. 
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Figure 5-3: Adsorbed C7-asphaltenes on quartz sand versus relative humidity for 
two sets of experiments. The line represents the average values. 
Figure 5-3 shows C7-asphaltene adsorption as a function of RH. It can be seen that there is 
approximately four times more adsorption for completely dry sand (0% RH) than for water-
saturated sand (100% RH). The decrease in asphaltene adsorption as RH increases is not 
uniform and a region of constant asphaltene adsorption of ~0.3 mg/g is seen in the range 40-
80% RH. 
Although direct comparison is not possible, the adsorption value of ~3 mg/m
2 
(~0.3 mg/g) is 
similar to values found by Dudášová et al. [37] (between 2 and 8 mg/m2), and by Hannisdal 
et al. [47] (5.6 mg/m
2
), both on silica surfaces. As mentioned above, differences in the values 
may be due to factors such as the asphaltene source and the substrate.  
Figure 5-4 shows a comparison between asphaltene adsorption data of this study (Figure 5-3) 
and water adsorption data for quartz sand made by Goss [48], both presented on a molar 
basis. Although the two sand samples are quartz sand, it should be emphasised that they 
should not be expected to be identical.  
The comparison of asphaltene and water vapour adsorption on quartz sand shown in Figure 5-
4 as a function of RH, indicates that the isotherms are essentially complementary. Therefore, 
for high water adsorption on the sand surface, asphaltene adsorption is low; and when water 
adsorption on the sand surface is low, asphaltene adsorption is high. 
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Figure 5-4: Comparison between molar adsorption isotherms for C7 -asphaltenes 
(black curve from Figure 5-3) and water vapour (blue curve). The water data are 
from Goss [48]. 
The results in Figure 5-4 suggest the importance of the hydrated state of the sand surface 
prior to asphaltene adsorption. Silica surfaces contain siloxane and silanol groups, including 
hydrogen-bonded hydroxyl groups and free hydroxyl groups (single or geminal) [11, 49]. 
Silanol hydroxyl groups have been reported to be the major adsorption sites for hydrogen and 
π-bonding [11, 50]. The decrease in asphaltenes adsorption as relative humidity increases is 
due to alteration in hydrogen bonding interactions where water strongly competes with 
asphaltenes for surface adsorption [2, 4]. 
Figure 5-5 shows data reported by Asay and Kim [51] on silica, relating the thickness of the 
adsorbed water layers to RH. The authors identified three regions: ice-like water growth, 
transitional growth and liquid water growth. For RH up to 30%, the thickness of the adsorbed 
water increases rapidly (~3 molecular layers) forming an ice-like configuration. In the RH 
range 30-60%, water thickness increases more slowly with ~3-4 molecular layers being 
formed. For RH values higher than 60%, a more rapid increase in the water thickness and 
number of monolayers (~6 at 80% RH) occurs as a liquid-like film [51]. 
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Figure 5-5: Thickness of water layer and number of water monolayers versus 
relative humidity from Asay and Kim [51]. Three water growth regions are 
indicated. 
With reference to Figures 5-4 and 5-5, maximum asphaltene adsorption occurs at 0% RH 
where no water layer is on the sand surface. Approximately 3 water molecular layers (ice-like 
water growth) region are found at low humidities (30% RH) which causes a decrease in 
asphaltene adsorption. For medium humidities (transitional growth region), constant water 
adsorption (~3-4 monolayers) [51] and constant asphaltene adsorption are seen. At higher RH 
(liquid water growth region) a more rapid reduction in asphaltene adsorption occurs, 
corresponding to the growth of water molecular layers (10 at 100% RH). Although, there are 
multiple layers of water at high RH, asphaltene adsorption is not suppressed, as also found by 
Collins and Melrose [7] for adsorption on kaolinite. 
Figure 5-6 shows the relationship between the thickness of adsorbed water reported by Asay 
and Kim [51] and the corresponding C7-asphaltenes adsorption from this study. This 
highlights that as the water thickness increases, asphaltenes adsorption decreases linearly. 
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Figure 5-6: Thickness of water layer data reported by Asay and Kim [51] and the 
effect on C7-asphaltenes adsorption from this study.  
The interaction between silica and asphaltenes depends on the available amount of silanol 
adsorption sites. For 0% RH (dry silica), the maximum number of adsorption sites is 
available resulting in higher asphaltenes adsorption due to hydrogen-bonding (through 
hetero-groups) and π-bonding (via aromatic centres) to the silanol groups. In the absence of 
water, adsorption at silica-toluene interfaces could also be influenced by electric field effects 
[52] where precipitation of dispersed asphaltenes on the silica surface is due to electrostatic 
attraction. This is because asphaltene dispersions (clusters or larger nanoaggregates) in pure 
solvents and in the absence of surface-active species are positively charged [31, 53]. 
Additionally, dissociation of silanol groups of silica in toluene produces negative charge 
surfaces [54, 55]. Therefore, this electrostatic attraction could contribute to asphaltene 
adsorption for dry sand. 
As RH increases up to 60%, water forms hydrogen bonds with the substrate hydroxyl groups 
forming the hydrogen bonded ice-like structures [51]. This suggests that water competes with 
asphaltenes for substrate binding sites as well as reducing electrostatic attraction (through 
charge dissipation). The influence of the substrate surface is reduced at higher RH values (> 
60%) due to the increase in the water layer thickness and asphaltene adsorption in a more 
water-like interface.  
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5.3.3 Evaluation of Wettability in Asphaltene-Coated Sand using NMR 
Measurements  
The low-field NMR method explained in Chapter 4 was used in this study to evaluate 
changes in sand wettability due to asphaltene adsorption. The NMR experiments involved 
placing asphaltene-coated sands (from the RH adsorption experiments) in contact with 
deionised water. For comparison, uncoated sand is also included. The relaxation spectra 
allow the distribution of water protons in different environments to be determined. These 
include mobile bulk water (long relaxation times) and bound surface water (shorter relaxation 
times).  
T2 distribution of water protons between different water environments is shown in Figure 5-7 
for asphaltenes-coated sand 0% RH (blue line) and 100% RH (red line). Both spectra show a 
signal amplitude peak at higher T2 values (~1 s) due to bulk water relaxing more slowly; and 
a signal amplitude peak at low T2 values (~0.1 s) because of water bound to the sand surface 
relaxing quickly. Relaxation peaks from the low concentration of asphaltenes would not 
interfere with interfacial water relaxation because relaxation from viscous hydrocarbons 
occurs at shorter times. Figure 5-7 also shows a shift in both peaks to lower relaxation times 
as the contact time with water increases (dashed lines) due to an increment in the interactions 
of water protons with the sand surface.  
Comparing the spectra of asphaltene-coated sand with the hydrophilic uncoated sand (black 
line), a main contribution from the surface relaxation peak (~0.1 s) than the bulk relaxation 
peak is found for the uncoated sand. This is because the contribution of surface relaxation 
(water bound to the sand surface) in water-wet samples is larger. 
Comparing the surface relaxation peaks position for the initial spectra for asphaltene-coated 
sand (blue and red solid lines) T2 ~0.2 s relative to the position for uncoated sand (black solid 
line) T2 ~0.1 s, surface relaxation peak shifts (to lower times) as time increases (dashed lines). 
This is explained as a restriction in the direct contact between water and the asphaltene-
coated sand surface during the initial stage, and a variation in wettability as contact time 
increases.   
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Figure 5-7: (a) T2  distributions for asphaltene-coated sand 0% RH (blue lines), (b) 
T2  distributions for asphaltene-coated sand 100% RH (red lines). Solid lines 
indicate initial T2 distributions, dashed lines indicate equilibrium T2 distributions, 
and black lines represent the distribution s for uncoated sand. 
Geometric mean T2 values (T2gm) from each T2 distribution spectrum (using equation 4-3) are 
plotted against experimental time in Figure 5-8 for uncoated sand and for asphaltene-coated 
pre-conditioned sand samples in contact with deionised water. Initial measurements for 
asphaltene-coated sands show high T2gm values due to major contributions from bulk water, 
which decreases with time. Time-invariant values of T2gm (238 ms) were found for uncoated 
sand due to the contacting water wetting the entire sand surfaces.  
With the exception of 100% RH pre-conditioning, the minimum T2gm values for asphaltene-
coated sands after 130 min, do not reach the time-invariant value found for the uncoated sand 
(T2gm ~238 ms), indicating that water only partially wets the sand surface due to the 
hydrophobic character of the adsorbed asphaltene. Similar T2gm and T2gm decay rates are 
found for asphaltene-coated sands pre-conditioned at 32.8% and 81% RH, consistent with 
asphaltene adsorption of 0.38 and 0.33 mg/g, respectively. A higher T2gm is found for 
asphaltene-coated sand from 0% RH which has a higher adsorbed asphaltene content of 0.46 
mg/g. 
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For asphaltene-coated sand produced from 100% RH pre-conditioning, T2gm values rapidly 
decrease to the time-invariant value found for the uncoated sand (T2gm ~238 ms), Figure 5-8. 
This suggests that the contacting water completely wets the sand surface due to the lower 
extent of asphaltene adsorption (0.12 mg/g, weakly hydrophobic), and the hydrophilic nature 
of the sand is more completely recovered when contacted by water.  
In summary, the T2gm observations indicate that asphaltene adsorption changes the wettability 
of sand which reflects differences in adsorption. Higher T2gm (and slower rates of T2gm 
decrease with time) are seen with sands with higher asphaltene content, indicating a greater 
hydrophobic barrier against the added water. Lower T2gm values (and faster rates of T2gm 
decrease with time) are seen for sands with lower asphaltene content, reflecting a weaker 
barrier against the added water, and more complete recovery of the hydrophilic nature of the 
sand. 
 
Figure 5-8: T2g m against time for deionised water in contact with: asphaltene-
coated sand 0% RH (triangles);  asphaltene-coated sand 32.8% RH (squares);  
asphaltene-coated sand 81% RH (filled circles); asphaltene-coated sand 100% RH 
(diamonds); and uncoated sand (open circles).  
5.3.4 AFM Analysis 
AFM images have been used to confirm differences in asphaltene adsorption at 0% and 81% 
RH pre-conditioning. Imaging uncoated sand was used for comparison. Thus, Figure 5-9 
shows a smoother and more uniform layer on 0% RH sand than for 81% RH sand. For a 0.5 
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m  0.5 m scale, the thickness of the layer adsorbed on 0% RH is approximately 6 nm 
relative to 4 nm for the 81% RH, whereas uncoated sand shows a baseline value of 0.5 nm. 
These observations are consistent with the greater asphaltene coverage at 0% RH than at 81% 
RH.  
The thickness of the adsorbed asphaltene layer is also consistent with a previous AFM study 
where asphaltene aggregates adsorbed onto a gold surface produced thicknesses in the range 
3-8 nm [56]. 
 
Figure 5-9: 0.5 m  0.5 m AFM images for (a) uncoated sand, (b)  asphaltene-
coated sand (0% RH), and (c) asphaltene-coated sand (81% RH).  AFM images 
were made at ambient conditions (original images from Gonzalez and Taylor [11]). 
5.4 Conclusions 
The sizes of asphaltene species in bulk toluene were calculated from diffusion coefficients 
determined using DOSY NMR measurements. Calculated diameters of ~3.7-3.4 nm 
confirmed the presence of asphaltene nanoaggregates, consistent with the Yen-Mullins model 
values of ~2-5 nm [2, 21].  
This study investigates the extent of asphaltene adsorption on sand surfaces that were 
exposed to controlled RH atmospheres. The results demonstrate that asphaltene adsorption is 
strongly influenced by the presence of pre-adsorbed water on the sand surface.   
There was a reduction in asphaltene adsorption of ~4 times when RH was increased from 0 to 
100%. It was found that asphaltene adsorption as a function of RH follows the inverse trend 
of literature water adsorption, which implies a close connection between the two processes. 
Based on water adsorption behaviour identified by Asay and Kim [51], three regions of 
asphaltene adsorption have also been identified: the highest asphaltene adsorption region at 
low RH, the constant asphaltene adsorption region of ~3 mg/m
2 
(~0.3 mg/g) for 40-80% RH, 
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and a reduced adsorption after 80% RH. Additionally, asphaltene adsorption data followed a 
linear decrease when data was compared with the thickness of the adsorbed water film.  
High asphaltene adsorption at 0% RH is possibly assisted by electric field effects as proposed 
by Acevedo et al. [52]. For RH > 0%, the competition between asphaltenes and water for 
silica adsorption sites is considered as the mechanism to explain the reduction in asphaltene 
adsorption [2]. However, this study and the data of Assay and Kim [51] also suggests that the 
change of silica structure during hydration is also relevant when study asphaltene adsorption 
at RH.  
Evidence for asphaltene adsorption was supported by AFM imaging. The literature suggests 
that asphaltene adsorption involves asphaltene aggregates [2, 21, 34]. The AFM images 
indicate adsorbed layers of 4-6 nm, similar to dimensions determined in toluene solutions 
(3.7-3.4 nm).  
Estimation of the resultant asphaltene-coated sand wettability was performed using T2 NMR 
measurements. The initial T2gm values indicate the thickness of the asphaltene film, where 
higher T2gm values were found as RH decreased. Additionally, a slower rate of change was 
also found for thicker asphaltene films on the sand (more hydrophobic sands). The lowest 
T2gm value and fastest decrease with time was found for asphaltene-coated sand (100% RH), 
indicating the lowest adsorbed amount of asphaltene. 
The results of this study could provide evidence for earlier proposals for the structure of oil 
sands where water films separate bitumen from sand surfaces [7-10]. They could also help to 
explain differences in literature asphaltene adsorption data and provide input to simulation 
studies on the effect of water on adsorption [5, 6]. 
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6. CRUDE OIL EMULSIONS 
6.1 Introduction 
Emulsions are formed when two or more immiscible liquids are dispersed in the presence of 
suitable surface-active stabilisers which accumulate at the liquid-liquid interfaces forming 
interfacial barriers to prevent or reduce coalescence [1]. Naturally occurring emulsifiers in 
crude oil (such as resins, asphaltenes and organic acids) are responsible for the formation of 
rigid, stable interfacial films and the concomitant stability of emulsions. Other emulsifiers 
can include chemicals injected in the reservoir and fine solids.  
Characterisation of crude oil emulsions has been an important area of study in the oil 
industry. Predicting the behaviour of crude oil emulsions contribute to improving the 
selection of oil recovery methods and water separation efficiency. However, the 
understanding of these emulsions depends of many factors, such as crude oil and produced 
water composition, the presence of fine solids and temperature [2-4]. The adsorption of 
colloidal particles at liquid-liquid interfaces can lead to the formation of undesirable solid-
stabilised emulsions. During crude oil production, for example, emulsions can be formed 
whenever fine solids (e.g. clays, sand, asphaltenes, waxes, corrosion products, and mineral 
scales) with the correct wettability characteristics are present together with appropriate shear 
conditions. However, solids with strongly water-wet or partially-oil wet conditions have been 
reported to promote emulsion separation [5, 6].  
The droplet size distribution (DSD) is an important parameter in emulsion studies, which 
influences emulsion properties, such as their stability and rheology [1]. The stability of 
emulsions is reflected in their DSDs, which depends on the nature of the interfacial films 
surrounding the droplets (e.g. rigid films reduce the coalescence of droplets, and flexible 
films are easier to break during demulsification).  
Demulsification is the separation of an emulsion into the original phases. This separation 
process happens in two consecutive stages, flocculation (or aggregation) and coalescence. 
Bottle testing is the procedure commonly used to monitor emulsion separation. However, this 
method can be difficult to observe due to the dark colour of crude oils.  
In this thesis, the effect of untreated and surface-modified clay (by silanisation) on emulsion 
destabilisation is considered. DSDs were determined using NMR due to the measurement of 
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restricted molecular self-diffusion by PFG techniques. Optical microscopy was also used to 
determine DSDs and for comparison with NMR distributions.  
The potential of MRI to investigate different crude oil emulsions (including water-in-oil 
emulsions with and without solids, oil-in-water emulsions with surfactant, oil-in-water 
emulsion produced from SAGD, and hard and soft residues-in-water) has been evaluated, and 
in particular the extent of phase separation. The 2D images are believed to be able to detect 
sedimentation or creaming of the analysed systems. 
6.1.1 Factors Influencing Emulsion Stability 
The stability of an emulsion is characterised by, for example, monitoring the DSD or the 
extent of phase separation (the dispersed phase) following bottle test procedures [2]. 
Petroleum emulsions are kinetically stable, often over a long period of time, due to the 
formation of strong interfacial films at oil-water interface [7]. Factors that influence the 
stability of emulsion interfacial films include the crude oil composition, the presence of 
externally added surfactants (sometimes used during unconventional crude oil production to 
emulsify the oil and stabilise oil-in-water emulsions), solids (clays and scales), temperature, 
ageing processes, and aqueous phase composition [2, 3, 7, 8]. There are numerous previous 
investigations that evaluate the properties of interfacial films to understand or control 
emulsion stability or demulsification. Some examples of these studies are mentioned below. 
The effect of aqueous phase ionic strength on water-in-oil emulsion stability was considered 
by Moradi et al. [9] through DSD analyses. The authors found that emulsions were more 
stable at lower ionic strength and unstable at higher ionic strength. They attributed these 
differences to cations altering the polarisation state at the interface, influencing the 
accumulation of asphaltenes at interface. Additionally, the authors studied the stability of 
water-in-oil emulsions over time based on the DSD and found that high salinity emulsions 
showed an increase in larger droplets and a decrease in smaller droplets, whereas low salinity 
emulsions showed minor changes in the DSD over time. Strassner [10] considered the effect 
of pH on interfacial films in pendant drop tests and found rigid interfacial films at acidic pH, 
medium strength in the films at neutral pH and mobile films at basic pH. This is due to 
surface-active species containing ionisable groups that are affected by the pH of the water 
phase [11].  
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Maia Filho et al. [12] studied the connection between ageing and stability in petroleum 
emulsions (water-in-crude oil emulsions) and in model systems (containing different 
asphaltene concentrations). For the petroleum emulsions, a change in DSD of the larger 
droplets in the aged emulsions was ascribed to Ostwald ripening (larger droplets growing at 
the expense of the smaller ones), as well as coalescence. However, no changes were reported 
in the DSD for synthetic emulsions, suggesting lower sensitivity to ageing. This was 
attributed to differences in aromaticity and resins/asphaltene ratio between the synthetic 
emulsions and the petroleum emulsions.  
Asphaltenes are believed to be the primary cause of emulsion stability due to the formation of 
a viscoelastic film at the oil-water interface [13-15]. In general, asphaltene molecules diffuse 
slowly to oil-water interfaces to form rigid interfacial films with thicknesses between 8 and 
20 nm which could, for example, grow over time to 300 nm after 2.5 h [16]. 
The influence of resins on asphaltene aggregation and in water-in-oil emulsion formation and 
stability has also been considered [14, 15, 17-19]. However, their precise role has been a 
subject of debate, as resins on their own are able to stabilise emulsions, but with lower 
stability. The adsorption of resins at oil-water interfaces is a reversible process while 
asphaltene adsorption is reported as being irreversible [7, 20]. Regarding the adsorption 
kinetics, resins are reported to migrate rapidly to the oil-water interface and provide 
temporary stability to the emulsion while asphaltenes migrate slowly to the interface [7, 15].  
The role of asphaltenes in the formation of viscoelastic films does not mean that all 
asphaltene molecules are present at the interface (due to the huge range of chemically 
different molecules forming the asphaltene fraction), but more likely a subfraction as reported 
by several authors [8, 21-24]. Therefore, understanding the chemical composition of this 
subfraction is important for the understanding of emulsion interfacial films. 
Alvarado et al. [20] suggests that natural organic acids (e.g. naphthenic acids) in the crude oil 
and asphaltenes are both responsible for emulsion stability. Pauchard et al. [25] studied the 
influence of organic acids in emulsion stability and reported a strong interaction between 
asphaltenes and acids. The authors proposed two mechanisms where unsaturated 
monocarboxylic acids could precipitate with asphaltenes and co-adsorb at the emulsion 
interface; or dicarboxylic acids in the form of a naphthenate salt could adsorb at water-oil 
interfaces and generate a layer which would favour more asphaltene adsorption. Gao et al. 
[26] reported that naphthenic acids in bitumen could contribute to destabilisation of 
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emulsions by lowering interfacial tension and reducing the rigidity of the interfacial film 
(favouring emulsion coalescence). Therefore, it was considered naphthenic acid could replace 
asphaltenes at the interface and the removal of these acids would enhance the role of 
asphaltenes in stabilising emulsions.  
The effect of pH on emulsion stability in the presence of naphthenic acids has been reported 
in many previous studies [7, 17, 20, 26-28]. Additionally, naphthenic acids are known to 
interact with asphaltenes [17, 25, 29], although the nature of the interactions is not clear [30].  
In reality, the stability of crude oil emulsions is likely to be a complex process where several 
crude oil fractions compete for adsorption at the oil-water interface and form interfacial films.  
For example, Muller et al. [29] reported that the composition of interfacial film extracted 
from crude oil emulsions is mainly composed of asphaltenes, together with a high proportion 
of naphthenic acids and aromatic molecules containing sulfur and oxygen. Chemical 
characterisation of interfacial films is studied in Chapter 7. 
Small inorganic solid particles are also associated with enhancing emulsion stability [8, 31, 
32]. This is due to the surface modification of inorganic solids for the adsorption of crude oil 
polar components (asphaltenes, resins) which produce interfacially-active solids that 
concentrate at oil-water interfaces and in some systems can lead to very stable emulsions 
(solid-stabilised or Pickering emulsions) [8, 33]. This modification of solid wettability is a 
process that occurs inside crude oil reservoirs due to the tendency of natural surfactants to 
increase the hydrophobicity of mineral surfaces [34]. 
There is a variety of solids which accompany crude oil recovery and their effects on emulsion 
stability have been considered in number of studies. These solids include clay particles, sand, 
asphaltenes, waxes, corrosion products, and mineral scales. However, the clays kaolinite, 
illite, chlorite and montmorillonite, are the most frequently encountered natural fine particles 
in heavy oil reservoirs, where kaolinite is the most abundant [34]. Several variables have 
been attributed to solid-stabilised emulsion stability, such as oil phase volume and 
composition, water phase volume and composition, particle size and shape, pH, ionic 
composition, and solid wettability [33-36]. 
Clays in the oil phase adsorb crude oil components and create partially oil-wet solids that can 
enhance emulsion stability [33]. These solids could also entrap oil droplets and form 
aggregates [5]. Partially-wet solids can destabilise emulsions if they become water-wet (the 
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adsorbed oil could be displaced by water). In this case, the solid would remain in the water 
phase than adsorbed at the oil-water interface, reducing emulsion stability [5].  
6.1.2 Characterisation of Emulsions by NMR  
NMR restricted molecular self-diffusion has been applied to the determination of petroleum, 
food and pharmaceutical emulsion DSDs [1, 37-40]. The DSD is an important feature in 
understanding emulsion formation and stability, because this will allow the manipulation of 
emulsions to required standards in order to improve production processes or final products. 
In 1972, Packer and Rees [37] proposed that the attenuation ratio of the drop phase can be 
modelled by the sum of the attenuation ratios for a fluid confined in droplets with radius r 
and by the probability of finding drops with those sizes in the emulsion. This procedure is 
commonly used to determine DSDs via NMR and is based mainly on the assumptions that the 
shape of DSD must be assumed (log-normal) and that the amplitude of the spin-echo signal 
only arises from the dispersed phase [37] NMR studies on emulsions were reviewed by Johns 
[41], where the limitations and advantages of NMR techniques for the quantification of DSDs 
were highlighted. 
One of the first studies to characterise crude oil emulsions using NMR self-diffusion 
technique was made by Balinov et al. in 1994 [42]. These authors considered the effects of 
ageing, water and alcohol content on DSD. Peña et al. [43] analysed the change in the DSD 
and determine coalescence and flocculation of the droplets after the addition of demulsifiers.  
One of the limitations of the procedure proposed by Packer and Rees [37] is the assumption 
that the experimental data follow a log-normal distribution prior to DSD calculations. In 
order to overcome this constraint, new procedures have been proposed. For example, 
Hollingsworth and Johns [31] used PFG NMR and regularisation methods, although this 
procedure presents several complications in the selection of the method for choosing the 
optimum regularisation parameter. Aichele et al. [44] used 2D correlation PFG-DE (PFG 
with Diffusion Editing) to measure simultaneously T2 and DSDs for more complex emulsions 
(e.g. bimodal distributions). The authors validated the PFG-DE technique by comparing DSD 
results obtained by PFG-DE with those obtained by the traditional PFG, and described an 
algorithm for the selection of PFG-DE optimal parameters (time between gradient pulses, 
gradient duration, and gradient strength). 
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 Peña and Hirasaki [1] used CPMG, PFG and combined CPMG-PFG to calculate DSDs of 
oilfield emulsions. In the CPMG method, T2 is related to the drop radius (  ) by,  
      
 
    
 
 
       
 
  
 
(6-1) 
where ρ is the surface relaxivity and 1/T2,bulk is the bulk relaxivity. The advantage of the 
CPMG method is that it is fast to record data and cover a broad range of drop sizes, between 
0.01 and 300 μm [1].  owever, the limitations of this method include the complex 
calculation of ρ, the overlapping of oil and water signals in the T2 distribution for some crude 
oil emulsions, and the model is only valid in the fast diffusion limit, given by 
   
 
    (6-2) 
where D is the self-diffusion coefficient of the drop phase.  
The PFG method (discussed in Chapter 2) has the limitation of being slow compared with the 
CPMG method, and covers a narrower range of droplet sizes, between 1 and 50 μm [1]. 
However, the advantages of this method are that calculation of ρ is not necessary and 
separation of water and oil signals is possible using a high-field spectrometer. 
The combined CPMG-PFG method overcomes some limitations of the CPMG and PFG 
methods. However, this method requires of more complex computational procedures and the 
assumption of a ρ value.  
Other methods to resolve DSDs using NMR are focussed on overcoming the limitation of 
water and oil phase signal overlap in the T2 distribution when a low-field spectrometer is 
used. For example, Opedal et al. [45] optimised the PFG method to measure DSDs of water-
in-oil emulsions using a 23 MHz NMR spectrometer. The NMR technique used combined 
PFG-STE and CPMG sequences with a ‘z-storage interval’ to separate oil and water signals. 
The crude oils used had viscosities of 53, 220 and 2500 mPas, and the authors concluded that 
separation of oil and water signals is dependent on the viscosity. For viscous oils, the cut-off 
between water and oil signals is evident in the T2 distribution. In the case of lighter oils, 
where signals overlap, the inclusion or exclusion of signals is dependent on the delay time 
(where the signal recording starts). Additionally, the authors fitted DSDs with a log-normal 
distribution for the combined PFG-STE and CPMG method and for the optical microscope 
method. Fridjonsson et al. [46] separated oil and water signals by eliminating the contribution 
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of the oil signal in the T1 distribution using an optimisation procedure (adjusting diffusion 
time, Δ, and inversion time, Tinv). 
6.1.3 Other NMR Methods to Characterise Crude Oil Systems 
Relaxation times are another useful NMR parameter to characterise emulsion stability and 
predict physical and chemical properties of crude oils. Changes in T2 distributions are 
expected when new variables are introduced in an emulsion system, such as increasing water 
content or change of water chemistry, and addition of solids, or surfactants. For example, 
Jiang et al. [38] used T2 distributions to evaluate the effect of a coalescer and solids on 
emulsions stability. 
Jiang et al. [38] also measured the sedimentation rate of diluted bitumen water-in-oil 
emulsions and water droplet sedimentation velocity by one-dimensional (1-D) NMR T1 
weighted profile measurement. McDonald et al. [47] combined PFG and NMR imaging to 
determine the spatial dependence of the DSD in the cream layer of oil-in-water emulsions, 
with decane and toluene as the oil phase. Carneiro et al. [48] used a two-dimensional (2D) 
low-field NMR technique in order to characterise the performance of three commercial 
demulsifiers on water-in-crude oil emulsions. 2D D-T2 plots (diffusion coefficient versus T2 
relaxation time) enabled the separation of oil and water phases to be monitored when 
demulsifiers are injected in emulsions. 
MRI is based on measuring the intensity of the NMR signal from a selected region of the 
sample. Therefore, this approach is based on creating a 2D map of the signal intensity 
distribution which is related to local relaxation times. Gabrienko et al. [49] used MRI to 
monitor asphaltene precipitation in which the NMR image contrast was adjusted by changing 
the measuring range of T2 (using different echo times). MRI has also been identified as a 
powerful method to visualise phase separation (creaming) in food, cosmetic and 
pharmaceutical emulsions [41, 47, 50, 51].  
6.2 Experimental Methods 
In this thesis, the effect of solid wettability alteration was studied with relation to emulsion 
destabilisation. Emulsions prepared with clays were compared with crude oil emulsions 
stabilised by natural surfactants present in the oil. The first part of the experimental section 
focuses in the changes in solids wettability and evaluation of their performance in forming 
emulsions, followed by preparation and characterisation of emulsions. 
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6.2.1 Modification of Solid Wettability 
The clays used in this study are halloysite nanoclay (Al2Si2O5(OH)4·2 H2O) and kaolinite 
clay (Al2O7Si2∙2 H2O), both from  Sigma-Aldrich. The as-received natural hydrophilic clays 
were treated by silanisation with trichloro(octadecyl)silane (OTS) to increase their 
hydrophobicity. OTS (0.10, 0.15, 0.30, 1 g) was dissolved in 40 mL of toluene and added to 
the dry clay (10 g) and stirred for 2 hours in a closed container. Table 6-1 contains details of 
the relative amounts of clay and OTS used. The clay was then filtered, washed with toluene 
and dried at 50 C until the solvent evaporated completely.  
Table 6-1: OTS-modified clays (K = kaolinite; H = halloysite). 
Sample 
Wt. ratio OTS/clay used in 
preparation (g/g) 
K1 0.01 
K2 0.015 
K3 0.03 
K4 0.1 
H1 0.01 
H2 0.03 
H3 0.1 
 
6.2.2 Characterisation of Clays 
6.2.2.1 SEM analysis 
SEM analysis was used to extract structural information from untreated kaolinite (K) and 
halloysite (H) clays. Experiments were done using SEM (JEOL JSM-7100F, JEOL USA Inc., 
USA), with spatial resolution of 1.2 nm at 30 kV, equipped with secondary and backscattered 
imaging coupled with Ultradry energy dispersive X-ray (EDX) for elemental analysis. Dry 
clay was attached to an aluminium stub and coated with ~3 nm of conductive gold layer. 
6.2.2.2 Contact Angle Measurements 
The resultant clays from sections 6.2.1 were characterised by contact angle measurements as 
compressed discs. The discs (1 mm thick and 1 cm diameter) were prepared from each 
clay sample (0.5 g) using a pellet press under a 2-tonne load held for 3 minutes. Advancing 
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water contact angle measurements were made using a FTÅ-1000B Drop Shape Analyzer 
(First Ten Ångstroms Inc., Portsmouth, VA, USA). 
Images were recorded immediately after applying the water drop (on both sides of each drop) 
to enable contact angles to be determined before significant absorption of water into the disc 
occurred for the more hydrophilic samples. Contact angles were taken three times on 
different areas of the discs and the average value recorded. The image of the droplet on the 
substrate was captured by the FTÅ image analyser. 
6.2.2.3 ATR-IR Spectroscopy 
Untreated clays and treated clays (from section 6.2.1) were also characterised using ATR-IR 
spectroscopy (Bruker Alpha). The spectra were recorded in the range 4000 - 400 cm
-1
. The 
degree of silanisation was evident between 3200 and 2700 cm
-1
, which encompasses the C-H 
stretching vibrations of the surface octadecyl chains [52, 53].   
6.2.3 Emulsion Preparation 
6.2.3.1 Emulsions Stabilised by Natural Emulsifiers 
Batch addition was used for emulsion preparation [54]. Using this method, the appropriate 
weights of oil and aqueous phases were mixed for five minutes using a hand-held mixer 
operating at 800 rpm. Water content was varied between 5 and 20%. The water phases were 
deionised water and oil phases were crude oils A and F. Droplet size distributions were 
determined by diffusion NMR and optical microscopy. 
6.2.3.2 Emulsions Stabilised by Solids 
1% or 5% solids (untreated clay or OTS-modified clays) were kept suspended in the 
corresponding weight of crude oil for five minutes. For the preparation of solid-stabilised 
emulsions, clays were dispersed in the oil using a hand-held mixer operating at 800 rpm for 
two minutes. After this, the aqueous phase was incorporated and mixed for a further five 
minutes. 
The dispersion of untreated hydrophilic clays in the oil phase could generate partially oil-wet 
solids due to their tendency to adsorb crude oil components (oil drops could also be 
entrapped in the clay) [34]. 
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6.2.4 Emulsion Characterisation 
6.2.4.1 Opto-Digital Microscopy 
Emulsions were examined using an Olympus DSX500 opto-digital 3D microscope. Bright 
field (or polarised light) microscopy was used to differentiate water droplets in a continuous 
oil medium. 
Diameters of 250-300 droplets were measured using ImageJ software and number-based size 
histograms were generated. In order to compare microscopic DSDs with the NMR method 
(which results in volume-based drop size distributions [45]), number-based size data were 
transformed into volume-based size data and fitted to log-normal distributions (equation 2-
26) with the mean diameter, d0, and standard deviation, σ, as the fitting parameters. 
6.2.4.2 Low-Field NMR 
Transverse Relaxation (T2) Measurements 
Samples were placed in 8 mm NMR tubes. T2 distributions were measured for bulk crude 
oils, water and crude oil contacted as bulk fluids (not emulsified) and emulsion in a 20 MHz 
bench-top NMR magnet at ambient temperature. Chapter 2 contains the basic principles of 
NMR and the specifications for the equipment used in this work. 
A CPMG pulse sequence was used to measure T2 relaxation times with typical echo times of 
5000-7000 μs and 256 echoes. Inverse Laplace Transforms (ILTs) were performed (using 
Matlab code provided by Victoria University, Wellington, New Zealand) to invert the 
acquired relaxation data in order to obtain relaxation time distributions.  
Diffusion Measurements 
Diffusion measurements were performed in an horizontal 60 MHz instrument with fast rise-
time gradient coils (x,y,z) from Magnex Scientific Limited. The PFG-STE sequence has been 
used in the literature to characterise emulsion drop size distributions [41] and is also used in 
this thesis. PFG-STE sequence was modified in order to improve data acquisition. The 
modified PFG-STE pulse sequence (Figure 2-18) and the basic principles of diffusion NMR 
can be found in Chapter 2.  
Samples were contained in 20 mL capped glass vials and placed in the horizontal magnet 
(ambient temperature within this region is ~15 ⁰C). For each experiment, shimming was used 
to achieve homogeneity in the field for spectroscopic resolution and separate NMR signals 
for oil and water. Water amplitude for the experimental attenuation was used in the restricted 
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diffusion model. PFG-STE experiments are based on attenuation of the signal as a function of 
the gradient strength (gradient strength was increased in order to attenuate the emulsion 
signal) and the fitting of the experimental attenuation to the theoretical attenuation (based on 
the restricted model, equation 2-25) [44] using do and σ as the fitting parameters. The 
volume-weight drop size distribution was calculated assuming a log-normal probability 
distribution function (equation 2-26). 
According to the gradient amplifier manufacturer, a maximum gradient strength of 0.33 T/m 
cannot exceed a duty cycle of 10% (δ/∆ < 0.1) and a maximum current of 89 A. Cooling 
water flow was used when gradients were operating and a temperature control system was 
connected to the equipment in order to monitor the temperature which must remain below 36 
⁰C. 
Diffusion experiments were performed with constant gradient duration (δ) and diffusion time 
(∆) and varying gradient strength (g = 0 - 0.33 T/m, 15 gradient steps). Maximum and 
minimum droplet sizes were estimated using [1, 55], 
              
    (6-3) 
           
  
        
 
   
 
 
(6-4) 
where λ = 1-Rsp (likely values are between 0.05 and 0.01 [1] with λ = 0.02 being used in this 
work), D0 is dispersed phase diffusion coefficient (2.3  10
-9
 m
2
/s), g = 0.33 T/m and  is the 
gyromagnetic ratio. The ∆max value, where the signal is higher than noise, is equal to 170 ms. 
For a gmax of 0.33 T/m, δ = 7000 μs and ∆ = 150 - 170 ms drop sizes between 2 and 40 μm 
are measurable. 
Other acquisition parameters include P90 (65 µs at -5.8 dB), P180 (65 µs at -0.8 dB), number of 
scans (32), number of dummy gradients (2), dwell time (50 µs), number of acquisition echo 
data points (1024), repetition time (3000 ms) and number of gradient steps (15).  
MRI Experiments 
MRI was used to image different types of emulsions: 20% water-in-crude oil (A and F) 
emulsions with and without solids, 20% oil (crude oils A and F)-in-water emulsions with 5% 
Triton-X-100 as emulsifier, an oil-in-water emulsion produced from SAGD operation 
(supplied by a major operator in Alberta, Canada), ~68% hard residue-in-water and ~68% 
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soft residue-in-water emulsions supplied by Quadrise International Limited. All residue 
emulsions and SAGD fluids were re-dispersed before testing.  
Table 6-2: Typical acquisition parameters for slice selection pulse sequence. 
Parameter Value 
Echo time 16-80 ms 
Number of scans 32 
Sinc pulse (soft RF pulse)  1200 µs (at -10 dB) 
P180 120 µs (at -6.2 dB) 
Field of view 40 mm 
Number of echo points 128  128 
Relaxation delay 1000 ms 
Slice thickness 5 mm 
Slice direction z 
Imaging plane xy 
 
MRI experiments were carried out in the horizontal 60 MHz magnet used for diffusion 
measurements (above) with the samples also contained in 20 mL capped glass vials. Slice-
selective 2D NMR images were obtained using the slice selection pulse sequence given in 
Chapter 2. Resolution tests and refinement of acquisition parameters were performed on a 
glass bead pack saturated with water, as shown in Figure 6-1. Typical parameters used in 
MRI experiments are shown in Table 6-2. 
Generally, reports of the use of MRI to evaluate the stability of disperse systems have been 
limited. Related to crude oil, this has been restricted to the monitoring of asphaltene 
precipitation and the formation of deposits [49]. The work reported in this thesis attempts to 
explore other possibilities. As part of this, a concentrated hard residue-in-water emulsion, 
subsequently diluted with water, was also considered as a resolution test in order to evaluate 
if sedimentation could be observed by 2D NMR images. For this particular experiment, 
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sample preparation involved gently diluting a 65% (by volume) hard residue-in-water 
emulsion with water. The sample was analysed after 15 minutes and after 24 h using echo 
times of 16 and 25 ms. The resultant set of images in Figure 6-2 shows phase separation 
(sedimentation) in the emulsion. 
 
Figure 6-1: Resolution test performed on a water-saturated glass bead pack (echo 
time 16 ms). Field of view (FOV) is 40 mm. 
 
Figure 6-2: Resolution tests to monitor diluted hard residue-in-water emulsion 
sedimentation using MRI. (a) and (b) are the first measurements with echo time s 
of 16 and 25 ms, respectively; (c) and (d) images recorded after 24 h with echo 
times of 16 and 25 ms, respectively. FOV for each image is 40 mm. 
Changing echo times allowed the adjustment of the NMR image contrast; short echo times 
provide a good contrast for the oil phase and longer echo times improve the water phase 
contrast. This is known as T2 weighting [49]. Therefore, images were normally recorded with 
(a) (b)
(c) (d)
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echo times of 16 and 25 ms where the acquired images would show one or two regions 
separated by interfaces. Further increase in echo time (e.g. 50, 80 ms) was also considered 
with these images mainly highlighting the water signal. The regions in the image are known 
as phases in a spatial domain, indicating that pixels inside a phase would have similar 
behaviour of T2 times which allows the description of interface dynamics instead of separate 
pixels on the image [49].    
The sedimented areas are calculated using the area of a circular segment (A) given by, 
  
  
 
         
(6-5) 
where r is the radius of the circle. θ is the angle (in radians) given by, 
              
 
 
  
(6-6) 
where h is the height of the sediment layer which is estimated using ImageJ software. The 
sediment volume fraction (ϕ) is calculated using equation 6-7. 
  
 
  
         
(6-7) 
  
6.3 Results and Discussion 
6.3.1 Characterisation of Solids 
Both clays used are 1:1 aluminosilicates, but with different structures. Kaolinite consists of 
1.5 - 2 µm hexagonal plate-like crystals which are uniform in size and shape [56, 57]. On the 
other hand, halloysite nanoclay has a hollow nanotubular structure of 30 - 70 nm across [58]. 
Each treated particle would be expected to contain sites possessing different wettability 
characteristics, and therefore are potentially good candidates as emulsion particulate 
stabilisers. Figure 6-3 shows SEM images of these two clays. 
The extent of silanisation of the clays is revealed in both the infrared absorption spectra and 
contact angle measurements. Figure 6-4 shows infrared spectra for kaolinite and halloysite, 
from which it is evident from the increase in alkyl groups, that silanisation increases for 
kaolinite in the order K1 < K2 < K3 < K4, and for halloysite H1 < H2 < H3, as expected 
based on the relative quantities of the silanising agent OTS used in each case.  
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Figure 6-3: SEM images of kaolinite (left) and halloysite (right) clays.  
 
 
Figure 6-4: IR spectra for (a) silanised kaolinite K (black line), K1 (blue line),  K2 
(red line), K3 (green line), and K4 (purple line); and for (b) silanised halloysite H 
(black line), H1 (blue line), H2 (red line) and H3 (green line).  
The same trend observed in the IR spectra is found in the contact angle data shown in Figure 
6-5. The advancing (θa) contact angles are considered as being mean values, since the 
silanisation on the surface of any single clay particle will not be uniform, but will reflect the 
uneven distribution of available reactive surface (hydroxyl) sites, dependent on the respective 
crystal structures. The contact angles suggest that silanisation is more effective for kaolinite 
than for halloysite for the OTS concentrations used. This may be a consequence of their 
respective specific surface areas, 10-20 m
2
/g [59] and 65 m
2
/g [60], such that the greater 
10 μm 10 μm
1 μm 1 μm
270028002900300031003200
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surface area of halloysite results in lower OTS coverage, which is also revealed by the lower 
contact angles. However, it is also clear that at sufficiently high OTS/clay weight ratios, the 
two types of clay approach produce very similar θa values of 100-120⁰.   
 
Figure 6-5: Mean advancing contact angles for water on compressed discs of 
kaolinite (blue) and halloysite (red) silanised as a function of the amount of OTS 
used in the preparation. 
Clays (untreated and surface-modified) in paraffin oil-water mixtures were used as model 
systems to evaluate the effect of wettability in emulsion formation and stability that could not 
otherwise be assessed for crude oils due to the dark colour. Additionally, the use of paraffin 
oil also excludes interactions of natural surfactants.  
In these emulsions, particles were dispersed in the oil phase and the same volumes of oil and 
aqueous phases were used. Figure 6-6 shows that emulsions with solid K were relatively 
unstable and that solid H appeared to confer greater stability, despite having a smaller contact 
angle. This is consistent to some extent with the higher energy required to detach a 
cylindrical particle from an oil-water interface compared to that for a spherical particle of 
equivalent volume [61]. 
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Figure 6-6: Emulsions prepared using untreated (hydrophilic) clays: K (left) and H 
(right). 
Emulsion preparation was repeated for surface-modified clays (K1, K3, K4, H1, H2 and H3). 
In general, o/w emulsions are produced for contact angles < 90º and w/o emulsions for 
contact angles > 90º [62]. Long-term stability was found for w/o solid-stabilised emulsions 
using clays K1, K2 and H2. This was expected, as maximum particle adsorption to the 
interface leads to maximum emulsion stability for contact angles close or equal to 90º. It was 
also observed that an excess of particles in the oil phase might cause thickening of the 
emulsion for contact angles below 100⁰. This is because some particles might exhibit partial 
wetting by water and oil, where the hydrophilic surface tends to promote particle aggregation 
in the oil phase. This can also be explained by the particles forming a network [63]. The 
excess particles increase the viscosity of the emulsion and therefore slow down phase 
separation [36, 64]. The effect of solids in crude oil emulsions is anticipated to be different 
from paraffin oil emulsions due to the presence of natural surfactants in crude oils. 
The stability of crude oil emulsions in the presence of untreated and OTS-modified clays was 
also studied in order to evaluate if the solids could promote emulsion destabilisation [5, 6]. 
6.3.2 Characterisation of Pure Fluids 
Figure 6-7 shows broad NMR T2 distributions due to the presence of different structural 
domains which are characteristic of crude oils, owing to the shorter relaxation times of 
aromatics relative to alkanes, and even lower values for asphaltenes and resins (large 
molecules with aromatic rings display relaxation times of ~0.1-5 ms) [1]. The presence of 
paramagnetic materials in crude oils would also affect the steady magnetic field causing the 
magnetisation to relax faster [1]. 
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Figure 6-7: T2 distribution for bulk water (black), bulk oils (red ) and contacted 
(not emulsified) crude oil and water (blue ), based on (a) crude oil A and (b) crude 
oil F. 
Geometric mean T2 values (T2gm) were 8.1 ms for crude oil A and 21.6 ms for crude oil F. 
These values are consistent with the higher viscosity of crude oil A (Table 2-1) [65]. Figure 
6-7 also shows the T2 distribution for bulk water with a single T2 value of ~2.2 s and the 
change of position of this peak to ~1.5 s in the presence of oil (oil and water in contact as 
bulk fluids). Additionally, oil signals (T2 < 100 ms) in the presence of water show a slight 
change for oil A and no significant change for oil F. 
Diffusion of bulk fluids was measured using the PFG-STE pulse sequence at constant ∆ and 
δ, and varying g (g = 0-0.33 T/m, ∆ = 60 and 80 ms and δ = 5000 μs). Echo attenuation plots 
of the logarithm of the attenuation ratio versus q
2
 (where q = γδg) are shown in Appendix D. 
The data follow linear fits and self-diffusion coefficients for crude oils A and F were 
calculated from the slopes, with D = 3.43  10-12 and 1.15  10-11 m2/s respectively, which 
are consistent with reported values in the literature for crude oils with high and low viscosity 
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[1]. The water self-diffusion coefficient was also measured for deionised water (g = 0-0.12 
T/m, ∆ = 60 ms and δ = 5000 μs), the resulting value of D = 2.29  10-9 m2/s being similar to 
reported values in the literature [1]. 
6.3.3 Characterisation of Emulsions by Relaxation Times 
6.3.3.1 Emulsions Stabilised by Natural Surfactants 
Figure 6-8(a) shows the T2 distributions of crude oil F and deionised water in bulk phases and 
5% and 20% emulsified water in crude oil F. An analysis of these results reveals that 
emulsification causes a shift in the water signal to lower relaxation times due to an 
enhancement of surface relaxation (water-oil interface due to the formation of droplets) [1]. 
This figure also shows an increase of the water signal as the water content increases. 
Figures 6-8(b) and (c) compare fresh and aged (t = 24 h) emulsions for 5% and 20% 
emulsified water content. Both figures show a slight shift of the water peak to low relaxation 
times. Peña and Hirasaki [1] reported that paramagnetic ions and protons of asphaltenes and 
resins adsorbed at interfaces could increase ρ in water-in-oil emulsions. Therefore, 
observations in Figures 6-8(b) and (c) and the reported adsorption kinetics of asphaltenes to 
slowly migrate to the interface [7, 15] (which could also include vanadyl porphyrins [7]) 
suggest an increase in ρ and consequently a decrease in the surface T2. Equation 6-8 shows 
the contributions of bulk and surface relaxivity to the decay of transverse magnetisation for a 
fluid confined in a sphere with radius   , 
 
  
 
 
       
  
 
 
 
 
       
  
 
  
 
(6-8) 
where T2,bulk  is the bulk relaxation time. 
Similar observations are seen in Figure 6-9 for crude oil A and deionised water in bulk 
phases, and 5% and 20% emulsified water in crude oil A. However, the shift in the water 
signal for aged (t = 24 h) emulsions was less evident, especially for the 5% emulsified water 
content. This could be due to a lower asphaltene content in crude oil A (2.81%) compared to 
oil F (4.08%) and to larger asphaltene aggregates sizes (lower mobility) in crude oil A than in 
F, as described in Chapter 3.  
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Figure 6-8: T2 distributions for (a) crude oil F (black dashed line) and water (black 
solid line) in bulk phases,  fresh 5% (red solid line) and 20% (blue solid line) 
water-in-oil emulsions for crude oil F. (b) Fresh (red solid line) and aged (t = 24 h, 
red dashed line) 5% water-in-oil emulsion for crude oil F. (c) Fresh (blue solid 
line) and aged (t = 24 h, blue dashed line) 20% water-in-oil emulsion for crude oil 
F. 
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Figure 6-9: T2 distributions for (a) crude oil A (black dashed line) and water 
(black solid line) in bulk phases,  fresh 5% (red solid line) and 20% (blue solid 
line) water-in-oil emulsions for crude oil A. (b) Fresh (red solid line) and aged ( t = 
24 h, red dashed line) 5% water-in-oil emulsion for crude oil A. (c) Fresh (blue 
solid line) and aged ( t = 24 h, blue dashed line) 20% water-in-oil emulsion for 
crude oil A. 
6.3.3.2 Emulsions Stabilised by Solids 
In this section, the effect of untreated (hydrophilic) clays, H and K, are considered for crude 
oil emulsions.  Figure 6-10 shows T2 distributions for oil A and water in bulk phases and the 
fresh 20% water-in-oil emulsion, both without solids and with inclusion of 1% or 5% solid H. 
These distributions highlight that inclusion of solids leads to a broad water signal that appears 
to consist of two peaks. These peaks move closer to the oil peak as the solid concentration is 
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increased, whereas emulsions without solids show a single water peak. For all three 
emulsions, water peaks appear at shorter relaxation times than the bulk water peak which 
suggests that the water is emulsified, as previously mentioned. 
The overlapping of water and oil was more evident when solid K was used to prepare the 
emulsions. Figure 6-11 shows that at 5% solid K, one broad peak is formed, where oil and 
water signals are not distinguishable. This was also found by Jiang et al. [38] for diluted 
bitumen emulsions with addition of solids.   
 
Figure 6-10: T2 distributions for 20% water-in-oil emulsions for crude oil A 
without solids (blue solid line), or using 1% (red solid line) or 5% solid H (red 
dashed line) during emulsion preparation. T2  distributions for crude oil A (black 
dashed line) and water (black solid line) in bulk phases are also included.  
 
Figure 6-11: T2 distributions for 20% water-in-oil emulsions for crude oil A 
without solids (blue solid line), or using 1% (red solid line) or 5% solid K (red 
dashed line) during emulsion preparation. T2  distributions for crude oil A (black 
dashed line) and water (black solid line) in bulk phases are also included.  
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In order to simulate the effects of solids K and H on oil-water separation, emulsions were 
placed in a separating funnel and bulk water added on top. The emulsions were left overnight 
and the regions formed were separated and then analysed by T2 measurements. For 
comparison, a solid-free water-in-oil emulsion was also treated in the same way. Although, 
this experimental system does not exactly replicate conditions in a separator vessel, useful 
information relating to the behaviour of crude oil emulsions in the presence and absence of 
solids when in contact with fresh water may be obtained. 
 
Figure 6-12: Separator vessel with oil-water interface showing the presence of a 
rag layer. 
Figure 6-12 illustrates a oilfield separator vessel. Produced oilfield fluids (mixed emulsions) 
are injected into the vessel where gravity separation of water and oil phases occurs. 
Invariably, an emulsion layer (known as rag layer) remains at the oil-water interface. 
Examples of microscope images of rag layers were given in Chapter 1. 
T2 distributions for the original emulsion and the separated regions are shown in Figures 6-13 
and 6-14, and T2gm values for each region are shown in Figure 6-15. Figure 6-13(a) shows the 
T2 distribution for 20% water-in-crude oil A emulsion without solids and the separated 
regions. For this emulsion, the injected water has the same T2gm value as bulk water (~1.8 s), 
which suggests that no dissolved material is present in region 2. Water peaks in region 1 and 
region 3 are at similar positions, which is closer to the bulk water peak indicating some water 
separation in the emulsion. The larger T2gm value in region 1 than in region 3 suggests more 
water separation in the former. 
Interface
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Figure 6-13: T2 distributions for crude oil A fresh emulsions (before injection of 
water, red lines) and for layers recovered after injection of water in excess: region 
1-purple line, region 2-black line, region 3-blue-line, and region 4-green line. 
Figure 6-13 (b and c) shows T2 distributions for 20% water-in-crude oil A emulsions with 1% 
and 5% solid H. These samples were divided in four regions (from top to bottom), where 
region 2 is the bulk water injected. In both emulsions with solid H, region 2 shows lower T2gm 
values than T2gm of 1.8 s for bulk water. This suggests that region 2 contains hydrophilic clay 
which leads to shorter T2 values.  For the case of the emulsion with 1% solid H, the water 
peak in the original emulsion and in region 1 are similar. However, region 3 is characterised 
by a water peak with high amplitude in the bulk water peak position. T2gm values indicate that 
region 3 is richer in water than regions 1 and 4. Region 3 is believed to be a rag layer 
composed by aggregates of oil-wet clays with adsorbed oil droplets in water [5]. Region 4 
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(inset picture shows T2 values below 1 ms) is suggested to be mainly composed by crude oil 
and clay due to T2gm values of 10.6 ms being closer to T2gm of 8.1 ms for bulk crude oil A. 
For the case of the emulsion with 5% solid H, region 1 shows a water peak in the bulk water 
peak position. The T2gm of 47.4 ms suggests that region 1 is more water-rich than regions 3 
and 4. T2 distributions (and T2gm values) for regions 3 and 4 were similar with both 
distributions showing the water peak closer to the bulk water peak.  
 
Figure 6-14: T2 distributions for crude oil A fresh emulsions (before injection of 
water, red lines) and for layers recovered after injection of water in excess: region 
1-purple line, region 2-black line, and region 3-blue-line.  
Figure 6-14 shows T2 distributions for 20% water-in-crude oil A emulsion with 1% and 5% 
solid K. For these emulsions, injected bulk water is seen in region 2 for 1% solid and in 
region 1 for 5% solids. T2gm values for these emulsions (1.4 s) are lower than bulk water 1.8 s, 
which suggests that clays are present in these regions, as is the case of solid H emulsions.  
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For the case of the emulsion with 1% solid K, the water peaks in regions 1 and 3 are closer to 
the bulk water peak, especially the former. This is also confirmed by a higher T2gm of 18.9 ms 
for region 1 compared with 13.2 ms for region 3.  
For the case of the emulsion with 5% solid K, the T2 distribution for the original emulsion 
shows only one peak which means that the water (droplets) and oil signals overlap, as 
previously indicated. For region 2, the water peak is separated from the oil peak and is found 
in the bulk water peak position, whereas the T2 distribution for region 3 is similar to the 
original emulsion. T2gm values also suggest that region 2 is richer in water with values of 20.9 
ms compared with 12.1 ms for region 3. 
 
 
Figure 6-15: Illustration of the separated emulsion regions after bulk water was 
injected to water-in-oil crude oil A emulsions without or with solids (1% or 5% 
solid K and H). T2g m values for each region are included. 
6.3.4 Characterisation of Emulsions by Their Droplet Size Distribution 
(DSD) 
In this section, the effect of solids and solid wettability is considered for crude oil emulsions. 
DSDs were calculated for fresh water-in-oil emulsions using NMR restricted diffusion and 
microscopy. Table 6-3 shows the fitting parameters, d0 and σ, used to calculate the volume-
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weight DSD assuming a log-normal probability distribution function. In order to monitor the 
progress of droplet sizes, NMR measurements were also performed for aged (t = 24 h) 
emulsions with fitting parameters shown in Table 6-4. Examples of echo attenuation plots of 
water droplets for 20% water-in-oil emulsions (fresh and aged emulsions) without solids for 
crude oil A are shown in Appendix D; and the volume histogram for microscope data and 
DSD determined by optical microscope and NMR  measurements are shown in Figure 6-16 
(DSDs for other emulsions in Table 6-3 are shown in Appendix D).  
 
Figure 6-16: (a) Volume histogram for 20% water-in-oil A fresh emulsion (t = 0) 
without solids, and (b) its DSD determined by optical micros copy (red line) and 
NMR (black line). The inset shows the microscope image. 
In general, do values suggest that emulsions prepared with crude oil A contain smaller water 
droplets than those prepared with crude oil F. This is attributed to the higher viscosity of oil 
A. Monitoring the DSD after 24 h provides a measure of emulsion stability. Tables 6-3 and 6-
4 show that for 5% and 20% water-in-oil emulsions for crude oils A and F without solids, d0 
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has not significantly changed with time, which suggests a stable emulsion and agrees with the 
T2 distributions shown in Figures 6-8 and 6-9. 
Table 6-3: Mean drop diameters (do) measured from microscope images and NMR for fresh 
crude oil emulsions (t = 0). Data acquisition was set to not exceed duty cycle (δ/∆ < 0.1) with δ = 
5000 μs (g = 0-0.33 T/m and ∆ = 120 and 160 ms) or δ = 7000 μs (g = 0-0.33 T/m and ∆ = 150 and 
170 ms). Standard deviations (σ) are included. 
Crude oil emulsions NMR  
Microscope 
images 
Fresh Emulsion (t = 0) do (μm) σ do (μm) σ 
5% water-in-oil A (δ = 7000 μs) 10.7 0.6 11.0 0.4 
5% water-in-oil F (δ = 7000 μs) 24.5 0.7 17.1 0.2 
20% water-in-oil A (δ = 7000 μs) 8.2 0.3 10.1 0.3 
20% water-in-oil F (δ = 5000 μs) 16.6 0.6 20.7 0.2 
20% water-in-oil A with 1% solid H2 (δ = 5000 μs) 7.8 0.5 8.4 0.2 
20% water-in-oil A with 1% solid H n n 20.0 0.2 
20% water-in-oil F with 1% solid H2 (δ = 5000 μs) 11.4 0.6 11.4 0.3 
20% water-in-oil F with 1% solid H n n 16.0 0.2 
 
Table 6-4: Mean drop diameter (do) calculated using NMR data for aged (t = 24 h) crude oil 
emulsions. Data acquisition was set to not exceed duty cycle (δ/∆ < 0.1) with δ = 5000 μs (g = 0-
0.33 T/m and ∆ = 120 and 160 ms) or δ = 7000 μs (g = 0-0.33 T/m and ∆ = 150 and 170 ms). 
Standard deviations (σ) are included. 
Crude oil Emulsions NMR  
Aged emulsion (t = 24 h) do (μm) σ 
5% water-in-oil A (δ = 7000 μs) 10.2 0.4 
5% water-in-oil F (δ = 7000 μs) 21.5 0.6 
20% water-in-oil A (δ = 7000 μs) 7.8 0.7 
20% water-in-oil F (δ = 5000 μs) 20.8 0.6 
20% water-in-oil A with 1% solid H2 (δ = 5000 μs) 10.2 0.6 
20% water-in-oil A with 1% solid H n n 
20% water-in-oil F with 1% solid H2 (δ = 5000 μs) 16.8 0.7 
20% water-in-oil F with 1% solid H n n 
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DSDs could not be obtained by NMR diffusion for emulsions with solid H due to the rapid 
separation of oil and water phases. Two possible explanations for the destabilisation of these 
emulsions can be proposed with reference to the literature. The first is that untreated clay 
could lead to emulsion destabilisation through particle bridging due to the hydrophilic nature 
of solid H [6]. The second involves a change in solid wettability occurring by adsorption of 
crude oil components which produces interfacially-active clays that can concentrate at oil-
water interfaces. These would promote droplets flocculation and the solids eventually 
partitioning into the water phase (due to clay recovering its water-wet characteristics) 
promoting emulsion destabilisation [5].  
Both of the above suggestions are feasible, but it is also possible that after dispersion in the 
crude oil (prior to emulsification) the clays could remove the most surface-active species 
responsible for emulsion stabilisation. The adsorption of crude oil surface-active species on 
the solid surface is a mechanism occurring in crude oil reservoirs due to the tendency of 
natural surfactants to increase hydrophobicity of solid surfaces [34]. Therefore, reducing the 
concentration of these surfactants produces unstable emulsions. 
The addition of H2 solids reduced droplet sizes in the 20% water-in-oil emulsions with crude 
oils A and F, when compared with the respective emulsions without solids. However, droplet 
distributions increased after 24 h, even though partially oil-wet solids were added. In the case 
of oil A, d0 increased from 7.8 to 10.2 μm, suggesting that partially oil-wet clay (H2) 
accumulates at the oil-water interface and initially retards coalescence, as reported in the 
literature [6]. However, the increase in d0 after 24 h (including oil A) could suggest that 
flocculation increased due to particle bridging leading to coalescence of the water droplets.  
A comparison between the d0 values found in this thesis and those in the literature is not 
straight forward due to the many variables that could influence emulsion DSDs, such as crude 
oil composition and viscosity, shear and mixing time used during emulsion preparation, water 
fraction and solids (type and wettability of the solids) [2]. The d0 values obtained in this study 
are between droplet diameters found in oilfield water-in-oil emulsions, 0.1-50 μm [2] and are 
comparable to d0 values obtained by Peña and Hirasaki [1] (6.9-22 μm) for three different 
crude oils in laboratory prepared water-in-crude oil emulsions. 
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Table 6-5: Some factors to consider for the use of NMR or microscope methods to obtain 
droplet size distributions [1, 45, 51]. 
Optical microscopy NMR restricted diffusion  
Distribution based on number  
Distribution based on surface to volume 
ratio (volume-based size distribution) 
Inclusion of the smallest droplets 
depends on magnification (resolution) 
The selection of ∆ determines that 
molecules confined in a droplet would 
experience restricted diffusion 
Crude oil is opaque, therefore crude oil 
emulsions might require dilution for 
microscope analysis which could 
potentially affect the distribution 
NMR can analyse concentrated and 
opaque emulsions without dilution 
Considers a very small part of the 
sample 
The entire sample is considered and can 
be analysed several times 
Counting of droplets can be time 
consuming to obtain a representative 
sample 
Single measurements could be relatively 
fast but data analysis could be time 
consuming 
The measurements are limited by 
microscope resolution 
Recording of data is limited to  
acquisition parameters and equipment 
specifications 
 
The σ and do values of the log-normal distributions obtained from NMR and microscope data 
shows some differences. Even though differences between droplet sizes measured by NMR 
and microscope are to be expected, these are larger for some emulsions. For 5% water-in-oil 
emulsions with crude oil F, the do value obtained by NMR is much larger than the one 
determined from microscopic images, which could be attributed to the movement of water 
droplets during diffusion measurements [45]. Additionally, DSDs indicate differences 
particularly for the smallest droplets, which are more apparent in NMR distributions. This is 
attributed to limitations from microscope resolution [45]. Table 6-5 lists some of the main 
factors to considered for the use of NMR or microscope methods to obtain DSD [1, 45, 51]. 
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The NMR method also shows larger values in the width of the distributions which are not 
satisfactory. However, broad DSDs were also found by Lonnqvist et al. [66] for oil-in-water 
and water-in-oil emulsions using NMR in comparison with the distributions determined by 
microscopy. 
6.3.5 Characterisation of Emulsions by MRI 
Reports in the literature have indicated that MRI is a promising technique to monitor phase 
separation of emulsions in the food and pharmaceutical industries [41, 47, 50, 51], although, 
to date, its use in the study of crude oil emulsions has not received any significant attention. 
Therefore, this part of the thesis assesses the feasibility of conducting MRI in different types 
of crude oil emulsion, and considers aspects of their stability (sedimentation and creaming). 
Sedimentation is a result of gravitational forces that occurs when the density of the disperse 
phase is higher than the density of the continuous phase. Creaming occurs when the density 
of the disperse phase is lower than the density of the continuous phase. In polydisperse 
emulsions, typical of crude oil emulsions, sedimentation or creaming rates increase as the 
droplet size increases, as will be described below. 
 
Figure 6-17: Scenarios for sedimentation and creaming of (a) water -in-crude oil 
emulsion, (b) crude oil-in-water emulsion, and (c) refinery residue-in-water 
emulsion. h  is the height of the sedimented or creamed layer.  
Figure 6-17 shows three possible scenarios for the sedimentation and creaming of crude oil 
emulsions. For the case of water-in-oil emulsions, Figure 6-17(a) illustrates that the 
sedimented volume could comprise three regions: a separated coalesced layer at the bottom, a 
close-packed layer and a loose-packed water droplet region. The inverse occurs for crude oil-
in-water emulsions, as shown in Figure 6-17(b). For the case of heavier refinery residue-in-
water emulsions (also studied herein), Figure 6-17(c) illustrates that the sedimented volume 
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would be composed of close-packed and a loose-packed residue droplets, since these droplets 
are unlikely to coalesce.  
6.3.5.1 Water-in-Oil Emulsions 
Images of 20% water-in-crude oil (A and F) emulsions are shown in Figures 6-18 and 6-19. 
For both set of images, the colours represent different relaxation times. For example, during 
the sedimentation of water droplets, dark-blue regions indicate oil-rich layers (short T2 
relaxation times) and green-yellow-red regions are indicative of water-rich areas (longer T2). 
The sets of images in Figures 6-18 and 6-19 include examples with different echo times, the 
longer times being used to differentiate water from oil signals. The different regions are seen 
to be distinguishable after 24 h for crude oil A, and during the preparation day for crude oil F. 
This suggests faster sedimentation with oil F than oil A, as expected for the lower viscosity 
and larger mean drop diameters (measured above) for the former. This is anticipated by the 
modified Stokes’  aw equation [38], 
  
     
    
      
  
(6-9) 
where ∆ρ is the density difference between water and oil, d is the mean water droplets 
diameter, ηc is the oil phase viscosity, g is gravitational acceleration, φe is the water fraction 
in the emulsion and n is a constant for a given emulsion (e.g. 8.6) [38].  
Additionally, the interfaces in Figures 6-18 and 6-19 suggest that sedimentation in crude oils 
A and F emulsions have reached a steady-state. Comparing these with Figure 6-17(a) 
suggests that the coalesced layer could be identified with the red region, and the close-packed 
and loose-packed regions in the green-yellow area of the MRI images. It is suggested that the 
light blue region indicates the presence of (smaller) water droplets remaining in the upper oil-
rich phase.  
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Figure 6-18: Cross-section images in the xy direction for 20% water-in-oil 
emulsions for crude oil A. (a) and (b) are fresh emu lsions (echo times 25 and 50 
ms, respectively); and (c) and (d) are aged (t = 24 h) emulsions (echo times 25 and 
50 ms, respectively). FOV for each image is 40 mm. 
 
 
Figure 6-19: Cross-section images in xy direction for 20% water-in-oil emulsions 
for crude oil F without solids. (a) and (b) are fresh emulsions (echo times 16 and 
25 ms, respectively); and (c) and (d) are aged (t = 24 h) emulsions (echo times of 16 
and 25 ms, respectively). FOV for each image is 40 mm. 
(a)
(c)
(b)
(d)
(a) (b)
(c) (d)
CHAPTER 6 - CRUDE OIL EMULSIONS 
172 
 
The Stokes’ law equation, without the hindered sedimentation term (1- φe)
n
, was used to 
estimate a theoretical velocity of sedimentation of an average-sized droplet (from the 
respective size distributions calculated using NMR, as presented in Table 6-3). These were 
~0.002 cm/h for crude oil A and 0.05 cm/h for crude oil F. Based on this, the expected travel 
distance of the droplets in the emulsion in a period of 24 h is estimated to be 0.4 mm for 
crude oil A and 12.4 mm for crude oil F.  
However, the experimental sedimentation velocities are found to be higher than those 
estimated from the Stokes’ law calculations, on the basis of the formation of the sedimented 
layer in the MRI images (~14 mm and ~6 mm for crude oil A and F emulsions, respectively). 
This may be evidence that flocculation is taking place in the emulsion, as found by others 
using 1-D T1 MRI weighted profiles [5, 38]. 
The effects of solids and their wettability have also been considered for water-in-crude oil 
emulsions. Images of 20% water-in-crude oil (A and F) emulsions containing 1% kaolinite 
(K, θa = 20⁰) are shown in Figures 6-20 and 6-21. Comparing the sets of images in Figures 6-
18 and 6-20, crude oil A emulsion with 1% K appears to retard droplet sedimentation. The 
light blue-green region after 24 h suggests that water droplets may be held in an open type of 
flocculation that prevents sedimentation.   
 
Figure 6-20: Cross-section images in xy direction for 20% water-in-oil emulsions 
for crude oil A with 1% K. (a) and (b) are fresh emulsions (echo times 16 and 25 
ms, respectively); (c) and (d) are aged (t = 24 h) emulsions (echo times 16 and 25 
ms, respectively). FOV for each image is 40 mm. 
(a) (b)
(c) (d)
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Comparing the sets of images in Figures 6-19 and 6-21, the evolution of crude oil F emulsion 
with 1% K shows increased red signals in the lower region after 24 h, suggesting some 
coalescence of water droplets, as seen in Figure 6-21(d). The sedimented region for the 
emulsions with 1% solid K is thicker than for the emulsion without solid, which could 
indicate an increase in the loose-packing of water droplets for the former and close-packing 
for the latter.  
 
Figure 6-21: Cross-section images in xy direction for 20% water-in-oil emulsions 
for crude oil F with 1% K. (a) and (b) are fresh emulsions (echo times 16 and 25 
ms, respectively); (c) and (d) are aged (t = 24 h) emulsions (echo times 16 and 25 
ms, respectively). FOV for each image is 40 mm. 
The effect of changing clay wettability is shown in Figure 6-22 for a 20% water-in-oil 
emulsion for crude oil F with 1% halloysite H1 (θa = 47⁰). Comparing the sets of images in 
Figures 6-19 and 6-22, the evolution of crude oil F emulsion with 1% H1 shows increased red 
signals in the lower region after 24 h, suggesting some coalescence of water droplets, as 
observed above for 1% K.  
Figure 6-23 shows 20% water-in-crude oil F emulsion containing oil-wet K4 (θa = 113⁰). In 
this case, it is seen that there is reduced sedimentation, in comparison with emulsions without 
solids or with solids (K or H1). This appears to be consistent with the findings of Jian et al. 
[6] who reported that oil-wet solids prevent bridging between approaching water droplets 
which could improve emulsion stability.  
(a) (b)
(c) (d)
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Figure 6-22: Cross-section images in xy direction for 20% water-in-oil emulsions 
for crude oil F with 1% H1. (a) and (b) are fresh emulsions (echo times 16 and 25 
ms, respectively); (c) and (d) are aged (t = 24 h) emulsions (echo times 16 and 25 
ms, respectively). FOV for each image is 40 mm. 
 
Figure 6-23: Cross-section images in xy direction for 20% water-in-oil emulsions 
for crude oil F with 1% K4. (a) and (b) are fresh emulsions  (echo times 16 and 25 
ms, respectively); (c) and (d) are aged ( t = 48 h) emulsions (echo times 16 and 25 
ms, respectively). FOV for each image is 40 mm. 
Comparing the sets of images in Figure 6-19 with Figures 6-21, 6-22 and 6-23, it is noticed 
that sedimentation occurs within the preparation day for the emulsion without solids and after 
(a) (b)
(c) (d)
(a) (b)
(c) (d)
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24 h for the emulsions with solids. Although solid wettability shows different effects in 
emulsion stability, the emulsions with solids remain dispersed during the first 24 h, as shown 
by the green-yellow-red region dominating the images. A separated coalesced layer (red 
signal) at the bottom of emulsions with solids K and H1, suggest that droplets could coalesce 
during sedimentation, or small droplets could have grown by coalescence before sedimenting 
[67]. 
 
Figure 6-24: Sediment volume fractions calculated from MRI images.  
Corresponding droplet packing in  the emulsions are suggested. The red and blue 
lines indicate the areas before (t = 0) and after ( t = 24 h) sedimentation. 
Sediment volume fractions of the emulsions described above were calculated using equations 
6-6 and 6-7, with the results given in Figure 6-24. The calculated volume fractions are an 
attempt to quantify the differences observed in the MRI images. The volume fractions are 
consistent with the observations described above. 
Sedimentation was suggested to reach a steady-state after 24 h for crude oil emulsions 
presented in Figure 6-24. Differences in the sediment volume fraction in Figure 6-24 could be 
related to the predominance of close-or loose-packed emulsion droplets. 
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The largest sediment volume is found for 20% water-in-oil emulsion for crude oil A where 
the droplets are more loosely-packed. However, the lowest sediment volume fraction is found 
for 20% water-in-oil emulsion for crude oil F where droplets are more close-packed. The 
sediment volume fraction is lower than the minimum value of 0.2, from the emulsion 
composition, indicating that smaller water droplets remain in the oil phase. The differences in 
sediment volume fraction between K and H1 are also associated with the packing of droplets, 
with looser packing for K. 
6.3.5.2 Oil-in-Water Emulsions 
Figures 6-25 and 6-26 show images for 20% oil-in-water emulsions containing crude oils A 
and F stabilised with Triton X-100. In both set of images, MRI was able to detected creaming 
of the emulsions. A genuine SAGD (bitumen-in-water emulsion) was also studied and in this 
latter emulsion the oil-rich area is shown at the bottom of the sample, opposite to the less-
dense conventional oils A and F, as shown in Figure 6-27.  
Comparing Figures 6-25 and 6-26 with Figure 6-17(b) suggests that the cream layer is 
associated with the blue region and the water phase above the yellow-green-red region of the 
MRI images. The oil-rich region is found on top of the cream layer. This region is not visible 
due to its characteristic dark-blue colour indistinguishable from the background. However, 
the oil rich region is more evident in the SAGD fluid, as shown in Figure 6-27, because small 
water droplets are found within the oil droplets that are suspended in a water continuous 
phase (an example of a multiple emulsion).  
 
Figure 6-25: Cross-section images in xy direction for 20% oil-in-water emulsion 
for crude oil A with 5% Triton X-100. (a) is the fresh emulsion (echo time 16 ms); 
and (b) is the aged ( t = 24 h) emulsion (echo time 16 ms). FOV for each image is 40 
mm. 
(a) (b)
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Figure 6-26: Cross-section images in xy direction for 20% oil-in-water emulsion 
for crude oil F with 5% Triton X-100. (a) is the fresh emulsion (echo time 16 ms); 
and (b) is the aged ( t = 24 h) emulsion (echo time 16 ms). FOV for each image is 40 
mm. 
 
Figure 6-27: Cross-section images in xy direction for SAGD oil-in-water emulsion 
(echo times (a) 16 ms and (b) 25 ms). FOV for each image is 40 mm. 
6.3.5.3 Refinery Residue-in-Water Emulsions 
The potential of MRI was also studied for 68% hard and soft refinery residues-in-water 
emulsions, as shown in Figures 6-28 and 6-29. These emulsions are aqueous suspensions 
containing near-solid residue droplets dispersed in a continuous water medium. ‘Hard’ 
residues are solids at ambient temperature and ‘soft’ residues are highly viscous liquids. Both 
types of residue have a density slightly greater than water under ambient conditions.  
The sets of images in Figures 6-28 and 6-29 show evidence of different NMR behaviour after 
24 h. The hard residue-in-water emulsion initially shows a stable water-continuous dispersion 
(t = 3 h). However, Figure 6-28(c) shows that the image is dominated by sedimented residue 
after 24 h, and a small separated water layer is seen on top (red signal). The dark-blue colour 
of the sedimented region suggests a reduced presence of continuous water phase, within 
close-packed residue droplets. On the contrary, the corresponding soft residue-in-water 
emulsion in Figure 6-29 shows no evidence of sedimentation after 24 h due to the image 
(a) (b)
(a) (b)
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being dominated by green-yellow-red colours which suggests greater stability of the 
dispersion.  
 
Figure 6-28: Cross-section images in xy direction for 68% hard residue-in-water 
emulsion (echo time 16 ms) measured (a) initially after being well dispersed, (b) 
after 3 h, and (c) after 24 h. FOV for each image is 40 mm. 
 
Figure 6-29: Cross-section images in xy direction for 68% soft residue-in-water 
emulsion (echo time 16 ms) measured after (a) well dispersed, (b) after 24 h. FOV 
for each image is 40 mm. 
The change in appearance of the hard residue-in-water emulsion led to some further 
experiments in which the concentration of residue was successively reduced by dilution, in 
order to visualise the sedimentation process in more detail. The MRI images for the four 
diluted samples (13.6%, 27.2%, 40.8% and 54.4% residue) and the original emulsion (68% 
residue) are shown in Figure 6-30. These images show the expected increase in the dark-blue 
sedimented region (t = 24 h) as the content of hard residue emulsion increases. 
From this series of images, the residue-rich sedimented volume fractions were able to be 
calculated using equations 6-6 and 6-7 based on the area of the circular segments produced 
by the dark-blue sedimented layer. These are plotted against the theoretical amount of 
residue, in Figure 6-31 which shows a reasonable linear relationship with the residue content 
of the emulsion. 
(a) (b) (c)
(a) (b)
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Figure 6-30: Images in xy direction for different hard residue dilutions  (echo time 
25 ms) measured after t = 24 h, for (a) 13.6%, (b) 27.2%, (c) 40.8%, (d) 54.4% and 
(e) 68% residue. FOV for each image is 40 mm. 
The linear trendline fitted to the data points has a slope of 1.23, which suggests that there is 
an excess volume of ~23% in the sediment layer, due to water. This is in close agreement 
with the hexagonal close-packing model in which the voidage is ~26% [68].   
Figure 6-17(c) illustrates the scenario for the sedimentation of a residue-in-water emulsion, 
where the close-packed region is found in the dark-blue area in the images of the hard 
residue-in-water emulsions. 
 
Figure 6-31: Hard residue emulsion sediment volume fraction calculated f rom the 
images. 
6.3.6 Relevance to Oilfield Fluids Separation 
Considering the above results in relation to the separator model (gravity settlers) in Figure 6-
12 provides a simple insight into the separation of produced oilfield fluids, which include oil 
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and water and fine solid particles (as well as gas, although not considered here). In the 
present work, the stability of the emulsions and the extent of phase separation were 
characterised by monitoring DSDs and MRI images, respectively.  
Over time, water-in-oil emulsions show an increase in droplet size in the presence of partially 
oil-wet solids, whereas emulsions without solids showed only relatively minor changes. For 
emulsions containing water-wet solids, rapid separation of oil and water phases was found. 
The possible mechanisms that lead to these observations are related to partially oil-wet solids 
promoting droplet flocculation and hydrophilic solids adsorbing surface-active species 
responsible for emulsion stabilisation. The used of MRI allowed the differentiation between 
stable and unstable dispersed systems, where the effects of solids in crude oil emulsions were 
also evident in the 2D images.  
MRI observations in crude oil F emulsions agree with diffusion measurements. For 
hydrophilic clay, the rapid separation of oil and water phases during the latter measurements 
was confirmed by MRI imaging, where a coalesced layer could be observed in the sediment 
layer. For partially hydrophobic clay, a coalesced layer was also observed but to a lesser 
extent. For emulsions in the absence of solids, even less evidence of coalescence is seen.  
The type of droplet packing encountered in an emulsion could also be anticipated by MRI. 
Calculation of the sediment volume fraction was shown to be larger for emulsions prepared 
with hydrophilic clay, followed by those prepared with partially hydrophobic clay. The 
lowest sediment volume was found in the absence of solids for crude oil F. Emulsions in 
Figure 6-24 suggest that sedimentation reaches a steady-state after 24 h. Therefore, 
differences in the sediment volume fraction could be related to close- or loose-packing of the 
emulsion droplets.  
Figure 6-32 shows that MRI could be used in the study of oilfield fluids separation. 
Although, 2D MRI images of the type described here do not exactly replicate conditions in a 
separator vessel, it has been demonstrated here that practically important processes, such as 
emulsion sedimentation, phase separation and packing of droplets, can be observed. 
However, a complete understanding of coalescence mechanisms would be more complex, 
involving droplet collision, film drainage and film rupture, for example, and these features 
would not be directly accessible.  
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Nevertheless, MRI is suggested as potentially valuable technique to study oilfield fluids. 
Model separator studies could be extended to include technological enhancements to increase 
coalescence and water separation (e.g. chemical demulsifiers, heating, ultrasound, 
electrocoalescence), introducing a gas phase, and establishing a flowing system. 
To the author’s knowledge, the present work is the first demonstration of 2D MRI imaging of 
crude oil emulsions, where the effect of time, the presence of solids, and oil viscosity are 
considered. MRI enabled stable and unstable emulsions to be differentiated. The observed 
increase in sedimented area as the content of hard residue increases and the ability to 
differentiate water- and oil-rich regions, and possibly the type of droplet packing, suggest the 
potential of MRI in the study of crude oil emulsions. Additionally, the use of MRI in 
conjunction with simulation and modelling could provide better insight into the behaviour of 
crude oil emulsions, and oil-water separation.  
 
Figure 6-32: A cross-section image of oil-water interface in a separator vessel 
could be modelled using MRI. 
6.4 Conclusions 
The effect of hydrophilic solids (H and K) was analysed in a system which attempted to 
simulate a separator vessel. Differences between emulsions prepared with and without solids 
were observed in the analysed regions (after water injection and a period of 24 h) using T2 
measurements. Shifting of the water signal (from emulsified to bulk water) was identified in 
the separated regions of the emulsion. 
Oil-water 
interface 
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fine solids)
Oil
Rag layer
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In order to study the effect of wettability of clay solids on crude oil emulsion stability, 
silanisation was used to alter wettability of halloysite and kaolinite. The extent of solids 
wettability was evaluated by IR spectroscopy and contact angles. The stability of the 
emulsions and the extent of phase separation were characterised by monitoring DSDs and 
MRI images, respectively.  
DSDs were determined using restricted diffusion NMR and microscopy. The results suggest 
that larger drops were found for crude oil F than for oil A which is consistent with the 
viscosity of the oils and their relation to the velocity of sedimentation. Additionally, 
monitoring progress of drop sizes after 24 h showed similar d0 values for emulsions with 
crude oil A without solids, supporting the formation of more stable emulsions due to the 
lower velocity of sedimentation and therefore decreasing the probability of droplets 
collisions. 
The effect of solids in crude oil emulsions suggests that strongly water-wet solids lead to 
rapid droplet motion and phase separation preventing the DSD from being measured by 
NMR. Partially oil-wet solids accelerate emulsion separation, in comparison with emulsions 
without solids. This separation is slower compared with untreated water-wet solids.   
The influence of solids in stability towards emulsion sedimentation was studied by MRI. 2D 
images showed the evolution of crude oil emulsions, including water-in-oil with and without 
solids, oil-in-water with surfactant, SAGD fluids, and hard and soft refinery residue-in-water 
emulsions. The use of MRI enabled stable and unstable dispersed systems to be 
differentiated. In particular, the images allowed the identification of sedimentation and 
creaming in the opaque emulsions, providing a means of evaluating phase separation in cases 
where phase separation is not evident, for example, by bottle tests. Additionally, the effects of 
solids (water-wet, partially oil-wet and oil-wet) in crude oil emulsions were evident in the 2D 
images.  The differences are explained in terms of partially oil-wet solids promoting droplet 
flocculation due to solid bridging which leads to coalescence, whereas oil-wet solids prevent 
bridging between approaching water droplets and slow down emulsion destabilisation. For 
the case of water-wet solids, suggestions in the literature are considered feasible [5, 6], but it 
is also possible that, prior to emulsification, the clay could remove (by adsorption from the 
crude oil) surface-active species responsible for emulsion stabilisation. 
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Finally, it is suggested in this thesis that the potential of MRI in theoretical modelling could 
be used to predict the behaviour of crude oil emulsions in separator vessels, including the 
effects of time, solids and oil viscosity. 
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7. OIL FILMS 
7.1 Introduction 
Interfacial chemistry and physics are important areas of research for the understanding of 
mechanisms which impact crude oil extraction and production. One particularly important 
aspect is the identification and properties of crude oil components responsible for the 
formation of interfacial films at water interfaces. Water is invariably associated with 
upstream crude oil operations, as well as being used during downstream refining, for example 
in desalting, making knowledge of interactions between crude oil and water of considerable 
importance. 
Drelich et al. [1-5] reported the spontaneous spreading of ‘precursor films’ at a three-phase 
air-water-bitumen contact region. The authors expanded their observations in subsequent 
publications [4, 5] but were unable to characterise the films with respect to thickness and 
chemical composition [1, 4]. Surface-active species in the bitumen were considered to be 
responsible for the formation of precursor films [1, 4], which could also influence other 
interfaces and therefore affect reservoir wettability, oil recovery, and emulsion and foam 
stability. 
The work described in this chapter extends the characterisation of precursor films formed 
from natural bitumen using a multi-technique approach, and also includes a comparison with 
material extracted from crude oil-water interfaces (‘interfacial material’).  
The enrichment of surface-active species at liquid-liquid interfaces is responsible for the 
formation of interfacial films in water-in-crude oil emulsions, impacting their stability and 
causing operational problems. Interfacial material was extracted following the general 
procedure used by Andersen et al. [6] which involved isolating adsorbed material from an 
equilibrated crude oil-water interface. This differs from other studies [7, 8] where interfacial 
material was extracted by solvent washing emulsions. Characterisation of interfacial material 
has interested researchers for many years in order to understand the formation and stability of 
water-in-oil emulsions. In this work, interfacial material was characterised in terms of 
chemical composition and in one particular case, compared with the composition of the 
corresponding precursor film.  
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7.1.1 Spreading Phenomena 
The spreading of one liquid over another liquid has been studied since the 1890s and many 
investigations have followed, including single-component and multi-component oils [1-5, 9-
19]. The spreading of an oil on a water surface is governed by the spreading coefficient, 
introduced by Harkins and Feldman [11] defined by, 
                     (7-1) 
where the terms   ,    and     are the air-water, air-oil and oil-water surface or interfacial 
tensions, respectively. In general, for Sow > 0, the oil phase spreads spontaneously until the 
water surface is covered; however, if Sow < 0, the oil forms a liquid lens. 
Highly-purified mineral oils produce low Sow values which explains their poor tendency to 
spread on water surfaces [16]. However, the presence of polar surface-active species in crude 
oils increases Sow and therefore increases their ability to spread on water surfaces [16]. For 
alkane oils, van der Waals (London dispersion) forces are responsible for intermolecular 
attraction and      
 , where d is equal to the dispersion contribution [20]. Thus, it has been 
shown that the spreading coefficient for an alkane oil on water can be given by equation 7-2 
[20]. 
         
   
           (7-2) 
Interfacial studies have revealed that aromatic molecules are more hydrophilic than saturated 
molecules and therefore they show lower interfacial tension [20]. For polar molecules, the 
expression for the spreading coefficient is equation 7-3, where the p superscript denotes the 
polar contribution terms [21]. The polarity of the oil is important to achieve larger spreading 
coefficient values. 
         
   
     
   
          (7-3) 
Drelich et al. [1-5] were the first workers to report the formation of rapidly-spreading crude 
oil precursor films at an air-water interface, formed on aqueous gas bubbles during the 
simulation of the air flotation process to separate bitumen from oil sands. Figure 7-1 shows 
the proposed spreading mechanism, which consists of a surfactant monolayer spreading over 
the air-water surface, followed by a slower, thicker brownish-yellow precursor film, and 
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finally a very slow bitumen-rich layer that covers the water surface previously covered with 
precursor film components [1-5]. These authors reported variations in the precursor film 
layer, but thicknesses and chemical compositions were not investigated. Rainbow colours 
appearing in front of the more visible films were due to surface-active components which 
were distinguishable by tensiometry [4]. The appearance of at least three layers during 
bitumen spreading suggests fractionation of some bitumen components.  
 
Figure 7-1: The process of bitumen spreading, comprising molecular layer, 
precursor film and bulk layer (modified from the original diagram in Lelinski et 
al. [4]). 
Drelich et al. [1] reported that viscosity and density of the bitumen influence the spreading 
velocity of the bitumen layer. Therefore, for conventional crude oils of relatively low 
viscosity, the whole oil rapidly spreads over an aqueous surface, driven by the most surface-
active components, and differentiation between the bulk oil and precursor layer is obscured. 
However, for more viscous heavy oils and bitumen, differentiation between the bulk oil layer 
and the precursor layer is possible. This is because spreading of the most surface-active 
species by ‘edge diffusion’ [16] will occur more rapidly than the higher viscosity major 
components.  
Drelich et al. [1] measured the film pressure of bitumen on water (pf = w - , where w is the 
surface tension of the clean aqueous surface and   is the surface tension in the presence of 
the film), which were found to be pH-dependent, being highest at the extremes of pH. 
However, within the pH range 3-9 only a modest lowering of surface tension, by 10-12 
mN/m, was observed [1]. 
Lelinski et al. [4] identified that the activation energies for the precursor films spreading over 
air bubbles, and bulk bitumen layer are 107-102 kJ/mol and 123-66 kJ/mol, respectively, 
OIL
AIR
WATER
Molecular layer
Precursor film
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depending on the fractional bubble coverage (as the percentage of bubble coverage increases, 
activation energy decreases). This suggested that strong intermolecular forces contribute to 
each process. For the case of the precursor film, the extent of coverage of the air bubble does 
not have a significant effect on the activation energy, but it is the accumulation of bitumen 
components on the water surface that dominates the spreading of the precursor layer. For the 
case of bulk bitumen, the extent of air bubble coverage influences the activation energy 
which is attributed to changes in the conditions of the bulk bitumen spreading between the 
initial and final stages. The authors also estimated the spreading kinetics of the precursor film 
and the bulk bitumen layer. At ambient temperature, the precursor films initially spread on 
the air bubble surface with a velocity between 0.01-0.04 mm/s, and the bulk layer spreads 
more slowly with a velocity between 0.002-0.01 mm/s [4]. These spreading velocities for 
both films significantly increase as the temperature is increased. 
7.1.2 Identification of Crude Oil Hetero-species in Liquid-Liquid 
Interfaces 
As previously described in Chapter 3, the chemical composition of crude oils and natural 
bitumen includes larger hydrocarbon molecules with a high concentration of polar species. 
The polar fractions contain heteroatoms (sulfur, nitrogen, and oxygen) and heavy metals 
(primarily vanadium and nickel, but to a lesser extent iron and copper) [22]. Polar species are 
contained in heavy fractions, such as asphaltenes, resins and organometallics [23], and have a 
tendency to exhibit surface activity. Resin fractions contain interfacially-active naphthenic 
acids, lower heteroatom content and aromaticity [7, 22] that dissociate in water and align at 
oil-water interfaces forming flexible interfacial films. Asphaltenes are composed of 
polycondensed aromatics with multiple alkyl chains and heteroatoms that tend to aggregate 
and adsorb at interfaces forming rigid films [7, 22, 24]. Therefore, interfacial films are 
formed by diffusion of polar species present in the bulk oil to the water-oil interface where 
resins and asphaltenes contain basic and acidic groups [25] that stabilise interfacial films. 
Infrared spectroscopy, high-resolution mass spectrometry and time-of-flight secondary ion 
mass spectrometry have been used for chemical analysis of interfacial materials.  
High-resolution electrospray ionization (ESI) Fourier transform ion cyclotron resonance mass 
spectrometry (FT-ICR-MS) is used for detailed compositional information in the 
characterisation of polar and non-polar species [26]. Positive-ion and negative-ion ESI-FT-
ICR-MS differentiate between basic and acidic components [27-30]. ESI FT-ICR-MS is able 
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to identify and detect changes in hetero-species present in crude oil and crude oil fractions 
[31].  
Heteroatomic class distributions and class abundance are unique for each crude oil [7]. 
Stanford et al. [7] reported similarities in class abundance between crude oils of similar 
geographical location and API gravity, reporting that heavy oils show high abundance of O2 
species (e.g. molecules containing two oxygen atoms) and low abundance of O4S1 species 
(e.g. molecules containing four oxygen atoms and one sulfur atom), with the opposite trend 
for light oils.   
Crude oil composition includes a number of different oxygen species including alcohols, 
carboxylic acids, phenols, ketones, esters, furans and quinones [31, 32]. The acid fractions 
(generally referred as ‘naphthenic acids’ in the petroleum industry) contain phenols but 
principally carboxylic acids [31, 32] including ‘true’ naphthenic acids as well as fatty acids. 
Although O2 species could include phenols and/or ether (e.g. furan) species [33], O2 is 
generally associated with carboxylic acids species (included in asphaltenes, resins, fatty 
acids) [34, 35] which are enriched at oil-water interfaces.  
An abundance of O2 species has been reported in resins and maltenes fraction [34, 36]. Wang 
et al. [36] reported that O2 species and multi-oxygen compounds (O > 2) are generally higher 
in asphaltenes. Klein et al. [37] found that pressure-drop asphaltenes (asphaltenes that 
precipitate during crude oil production as a result of a change in pressure) show high 
abundance of mainly sulfur-containing oxygen classes and lower amount of oxygen classes, 
whereas nitrogen compounds were higher in pentane or heptane asphaltenes. Additionally, 
Wang et al. [31] reported the enrichment of naphthenic acids in the maltenes fraction and 
condensed carboxylic acids and phenols in the asphaltenes fraction. 
Isolation and characterisation of interfacial films have reported high abundance of acidic and 
basic sulfur, nitrogen, and oxygen classes [7]. Previous studies have identified high 
abundances of acidic oxygen classes and sulfur-containing oxygen classes [6, 7, 34]. Stanford 
et al. [7] found O2 and O4S1 classes preferentially adsorb at emulsions interfaces. The same 
group [34] also identified that interfacial materials from high bitumen content emulsions 
show high abundances of O2, O2S1 and N classes, whereas O2, O4 and O3S1 classes are 
found in interfacial materials from low bitumen content emulsions.  
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7.2 Experimental Methods 
7.2.1 Precursor Film Formation and Physical Characterisation 
A sample (0.5 g) of JACOS bitumen was partial submerged into the aqueous phase allowing 
bitumen-aqueous-air phases to be in contact. The spreading of an oily-yellowish layer quickly 
formed over the aqueous phase leads to the precursor film [1-5]. The precursor film is 
followed by a slower spreading of a thicker bulk bitumen layer which is shown in Figure 7-2. 
 
Figure 7-2: Formation of the precursor film when bitumen-aqueous-air phases are 
in contact. 
Figure 7-3 shows that when JACOS bitumen is totally covered with deionised water, there is 
no visible evidence of an oil film on the water surface. However, a thin film (precursor film) 
appeared on the water surface when the water level is lowered to cause the top of the bitumen 
sample to become uncovered. 
 
Figure 7-3: JACOS bitumen is totally covered with water (left), when water level is 
lowered bitumen spread (middle), top view of bitumen spreading (right).  
CHAPTER 7 - OIL FILMS 
192 
 
7.2.1.1 Determination of Surface Tension (Film Pressure) of 
Precursor Films 
Table 7-1 shows the surface and interfacial tensions for JACOS bitumen in toluene solutions 
from Chapter 3. The bitumen spreading coefficients (SJACOS/water) were calculated using 
equation 7-1. The extrapolated interfacial tension and the spreading coefficient for whole 
bitumen are 13.2  0.5 mN/m and 28.1  0.6 mN/m. The Sow > 0 indicates that bitumen 
should spread spontaneously over the water surface. 
Table 7-1: Surface and interfacial tensions for JACOS bitumen solutions in toluene determined 
by the du Noüy ring method. Spreading coefficients were calculated using equation 7-1. 
JACOS concentration 
in toluene (wt%) 
 
oil/air 
 0.2 mN/m 
 
water/oil 
 0.5 mN/m 
SJACOS/water 
 0.6 mN/m 
0 28.2 34.0 9.4 
0.5 29.2 24.0 18.3 
1 29.0 22.0 20.0 
10 29.1 19.9 20.7 
50 29.8 18.1 23.6 
 
A drop of JACOS bitumen was placed in a 10 cm Petri dish contacting the surface of the 
aqueous phase. Tensiometry was used to determine the surface tension of aqueous surface 
with time during precursor film formation. 
Measurements were made using a Krüss K10 surface tensiometer at 23  2 C using the 
Wilhelmy plate method. The plate was washed with concentrated sulfuric acid, then 
thoroughly rinsed with deionised water and heated to redness in a blue Bunsen flame before 
each measurement to remove any organic deposits on the plate.  
The surface tension of deionised water was 72.0  2 mN/m. Surface tension was also 
determined for aqueous solutions of NaCl, KCl, CsCl, and CaCl2 at concentrations of 30,000 
mg/L, and aqueous solutions of NaBO2 at 0.01 M (pH = 10.41), 0.05 M (pH = 10.74), 0.2 M 
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(pH = 10.98); 0.5 M (pH = 11.23) and of KBO2 at 0.05 M (pH = 10.58). The surface tensions 
were in the range 72.0 - 73.2  0.2 mN/m depending on the salts.  
Rate constants for the change in precursor film pressure Πt with time during film growth (k1) 
and film dissipation (k2) were calculated from two exponential fits to the kinetic, according to 
equation 7-4, where Πi and Πmax are the initial and equilibrium film pressure values, 
respectively, and ti is the initial induction time. 
                                                     
(7-4) 
7.2.1.2 Contact Angle Measurements 
Precursor films were transferred to glass microscope slides using a similar principle as used 
for the preparation of Langmuir-Blodgett films [22]. Prior to immersion, the glass microscope 
slides were cleaned by sonication in acetone followed by deionised water for 10 minutes 
each, in order to remove dust particles or any other contaminants. The slides were partially 
immersed vertically in the water surface prior to forming the precursor film and then slowly 
retracted after formation of the film, and then allowing the slide to drain and dry in air.  
Preparing the film in this way ensures that the water-film interface becomes a glass-film 
interface, with the original film-air surface being kept. Three slides were prepared from 
successive (1
st
, 2
nd
 and 3
rd
) withdrawals from a single precursor film. 
Advancing and receding contact angles were measured at room temperature in air using a 
FTÅ-1000B Drop Shape Analyzer (First Ten Ångstroms Inc., Portsmouth, VA, USA). 
Contact angle measurements were made by forming a deionised water drop on the surface via 
a syringe needle. For receding contact angles, liquid was extracted via the needle until the 
contact line retracted. Measurements were taken on both sides of the drop in three different 
positions of the coated glass slide and the average contact angle values reported. The image 
of the droplet on the substrate was captured by the FTÅ image analyser.  
7.2.1.3 AFM Imaging 
Samples were prepared in the same way as for the microscope slides except that a silicon 
wafer surface (Wacker-Chemitronic GmbH, Germany) was used. The coated silicon surface 
was air-dried before recording AFM images under ambient conditions using tapping mode.  
AFM imaging basics and equipment details are presented in Chapter 2. 
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7.2.1.4 Opto-Digital Microscopy 
An Olympus DSX500 opto-digital 3D microscope was used to image the precursor film 
supported on silicon wafer substrates for AFM imaging. Polarised light microscopy was used 
for image acquisition due to the strong colour response in the presence of thin films [38, 39]. 
7.2.2 Precursor Film Chemical Characterisation 
7.2.2.1 ATR-IR Spectroscopy 
Glass cover slips were used to collect the precursor film deposited over the aqueous phase. 
The sample was then dissolved in chloroform, placed on the sample crystal and allowed to 
evaporate. ATR-IR spectra were collected in the range 4000 - 400 cm
-1 
and compared with 
JACOS bitumen and JACOS fractions (C7-asphaltenes, C7-maltenes and resins). Infrared 
spectroscopy basics and equipment details are presented in Chapter 2. 
7.2.2.2 ToF-SIMS Analysis 
An isolated precursor film deposited on a glass cover slip was characterised using ToF-SIMS. 
Positive and negative SIMS spectra were acquired in a mass range of 1 - 300 u. ToF-SIMS 
basics and equipment details are presented in Chapter 2. 
7.2.2.3 HRMS Measurements 
Detection of polar compounds (primarily containing sulfur, oxygen and nitrogen) in the 
precursor film and JACOS bitumen were obtained using high resolution mass spectrometry in 
positive or negative ESI modes. HRMS basics and equipment details are presented in Chapter 
2. 
Solutions for HRMS were prepared using spectrophotometric grade solvents (toluene and 
methanol). The procedure involved dissolving the sample in a toluene-methanol (60:40 v/v) 
solvent mixture at a concentration of 0.3 mg/mL.  Ammonium hydroxide (0.1 wt%) was 
used as additive for (-)ESI measurements and formic acid (0.1 wt%) was used for (+)ESI 
measurements. 
7.2.3 Interfacial Material Formation and Chemical Characterisation 
An interfacial layer was prepared for JACOS bitumen and for crude oils A and F, following 
the Andersen et al. [6] procedure. A separating funnel was used to create a water-oil interface 
as shown in Figure 7-4. Due to the high viscosity of JACOS bitumen, 1 g of bitumen was 
diluted in 1 mL of toluene. The oil phase was carefully placed on top of 5 mL of deionised 
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water. These phases were covered and kept in contact overnight. The top oil phase was 
removed without perturbing the interface and 5 mL of toluene added on top in order to 
remove the non-adsorbed material. This was repeated three times. After this, the interfacial 
material was carefully separated. Characterisation of all the interfacial materials was 
performed using ATR-IR, and HRMS.  
 
Figure 7-4: Separation of an interfacial layer based on the procedure in ref. [6]. 
7.3 Results and Discussion 
7.3.1 Formation of the Precursor Film 
Spreading coefficients for JACOS bitumen solutions in toluene are shown in Table 7-1. The 
extrapolated value for the whole bitumen spreading coefficient was estimated to be 28.1  0.6 
mN/m. The positive value indicates that bitumen should spread over the aqueous phase, as 
shown in Figure 7-2. In very viscous oils like JACOS bitumen (viscosity at 21 ⁰C ~342000 
mPa.s), spreading of the surface-active species by ‘edge diffusion’ occurs more rapidly than 
higher viscosity bitumen components. Therefore, Figure 7-2 shows clear differentiation 
between the bulk bitumen layer and the precursor layer. 
The observations of Drelich and Miller [3] on natural oil sands are based on the spreading of 
a bitumen precursor film over a water surface when air-water-bitumen phases are in contact. 
The spreading of oil over a water surface is related to surface-active species present in the oil 
as demonstrated by Zisman [16] where spreading of mineral oils on water was due to organic 
acids and amines. Therefore, the formation of the precursor layer over the water surface 
during bitumen spreading suggests fractionation, where the most surface-active components 
in the bitumen will be contained in the precursor layer.  
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Precursor film spreading was only observed to occur when air-water-bitumen phases were in 
contact, as shown in Figure 7-3. When bitumen was completely submerged in water (Figure 
7-3 left), there was no evidence of bitumen components being transferred into the water. The 
observations in this work are consistent with the finding of Drelich et al. [1-5], that is only 
after the bitumen is simultaneously contacted by air-water phases that the precursor film 
forms over the water surface (Figure 7-3 middle), at which point the spreading of the most 
heavy bitumen components (bulk bitumen layer) takes place.  
 
Figure 7-5: Polarised light image of an isolated precursor film supported on a 
silicon wafer surface where two regions, (i) and (ii), are indicated . 
JACOS precursor films were transferred from the water surface to a solid surface for physical 
and chemical analysis. Characterisation by optical microscopy in Figure 7-5 shows a 
polarised light image for a precursor film on a silicon wafer surface. The microscope image 
shows variations in film thickness related to the transfer process. Figure 7-5 also shows 
stacking and drainage of the film and the presence of fine particles. Variations in film 
thickness and observation of fine particles in the precursor film were also reported by Drelich 
et al. [1-5]. Fine particles were attributed to have hydrophobic properties due to the fact that 
they were more immersed in the bitumen phase than in the aqueous phase. The most common 
fine particles found in the bitumen are clays [1]. Inclusions within the film might also be due 
to small water droplets.   
The film in Figure 7-5 can be divided into two regions (i) and (ii). The region (i) is thinner 
and associated with an edge due to the overlapping of two film layers and region (ii) is 
thicker due to the accumulation of further material. The observations found by the polarised 
light image were probed by AFM. Figure 7-6 shows the topology of the precursor film at 
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regions (i) and (ii) and the height (in nm) of each region, which is related to the roughness of 
the film surface. AFM images are related to roughness and not the thickness of the transferred 
precursor film. Therefore, a comparison between both AFM images showed the film to be 
smoother in region (i) than in region (ii) (0.7 nm compared with 2.6 nm).  
 
Figure 7-6: AFM topographical images (scan size = 0.2 m  0.2 m) of the (i) and 
(ii) regions of the precursor film supported on silicon.  
7.3.2 Physical Characterisation 
7.3.2.1 Surface and Interfacial Tension, and Film Pressure 
Measurements 
Equilibrium interfacial tensions for JACOS solutions in toluene (between 0 and 50%) are 
given in Table 7-1. The results indicate that as bitumen concentration increases, so interfacial 
tension decreases due to more surface-active species being available to the water-oil 
interface. The extrapolated value for the whole JACOS bitumen interfacial tension of 13.2  
0.5 mN/m agrees with Drelich and Miller [3] who reported an interfacial tension for the 
whole Whiterocks bitumen-water interface to be ~13 mN/m. They also reported interfacial 
tension values for a 10% Whiterocks bitumen diluted in kerosene of ~18 mN/m [3] which is 
similar to the value for 10% JACOS bitumen in toluene of 19.9  0.5 mN/m found in this 
study.  
The precursor film spreading front at water-air interfaces was monitored using surface 
tension measurements. Once the drop of bitumen is placed in contact with the water surface, 
bitumen spreads until it reached the Wilhelmy plate measuring position. The surface tension 
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was measured continuously during film formation in order to determine the film pressure. 
The film pressure is the difference between the surface tension of the clean surface (~72 
mN/m depending on the aqueous phase) and the surface tension in the presence of the film. 
The experiments were made at neutral pH for deionised water and saline solutions (NaCl, 
KCl, CsCl, and CaCl2, each at concentrations of 30,000 mg/L), this pH being in the middle of 
a constant surface tension region (extending from pH 3-9) as previously observed by 
Drelich et al. [1]. Figure 7-7 shows film pressure profiles for deionised water and saline 
solutions, which produce plateau film pressures of 13-15  0.4 mN/m. This agrees with the 
plateau film precursor pressure of ~15 mN/m for a Whiterocks bitumen [1].    
Additionally, the interfacial tension for JACOS bitumen in contact with deionised water was 
13.2  0.5 mN/m which approaches the precursor film tension value of 12.9  0.4 mN/m over 
a deionised water surface. This could suggest that similar surface-active components 
responsible for the JACOS bitumen-water interfacial tension are responsible for the precursor 
film tension. 
 
Figure 7-7: Film pressure profiles (black circles) for JACOS bitumen spreading on 
deionised water and 30,000 mg/L saline solutions (NaCl, KCl, CsCl, and CaCl 2). 
Solid lines are exponential rise and decay kinetic fits to the data. 
0
2
4
6
8
10
12
14
16
18
0 500 1000 1500 2000 2500 3000
Water
0
2
4
6
8
10
12
14
16
18
0 500 1000 1500 2000 2500 3000
KCl
0
2
4
6
8
10
12
14
16
18
0 500 1000 1500 2000 2500 3000
CaCl2
0
2
4
6
8
10
12
14
16
18
0 500 1000 1500 2000 2500 3000
CsCl
0
2
4
6
8
10
12
14
16
18
0 500 1000 1500 2000 2500 3000
NaCl
Fi
lm
 p
re
ss
ur
e 
(m
N
/m
)
Fi
lm
 p
re
ss
ur
e 
(m
N
/m
)
Time (s)
Time (s)
CHAPTER 7 - OIL FILMS 
199 
 
 
Figure 7-8: Film pressure profiles for JACOS bitumen spreading on water (blue 
circles), CsCl (purple circles), NaCl (red circles), KCl (black circles), CaCl 2  (green 
circles), NaBO2 at 0.01 M (blue triangles), NaBO 2 at 0.05 M (purple triangles), 
NaBO2 at 0.2 M (black triangles), NaBO 2  at 0.5 M (green triangles); and KBO 2  at 
0.05 M (red triangles) aqueous subphases.  
Figure 7-8 compares film pressure profiles for aqueous phases with neutral pH and pH > 9 
(aqueous NaBO2 at 0.05, 0.2, and 0.5 M; and aqueous KBO2 at 0.05 M). Aqueous chloride 
salt solutions behave the same as deionised water. However, Figure 7-8 shows that increasing 
pH leads to higher film pressures, which was also found by Drelich et al. [1] for pH > 9, but 
also for pH < 3. The increases in film pressure at the more extreme pH values suggest the 
presence of acidic and basic components in the precursor film and therefore higher film 
pressures in the ionised forms. Reduction in crude oil-water interfacial tensions under acidic 
or alkaline conditions is well-known in the literature [3, 40]. In alkaline solutions, carboxylic 
acids are considered to be responsible for enhanced interfacial activity [3]. Nitrogen species 
could be responsible in acidic solutions [3].   
An exponential fit to the experimental film pressure data (Πt versus time) was done to 
calculate rate constants for film growth (k1) and film dissipation (k2) using equation 7-4. 
Table 7-2 shows the k1 and k2 values calculated for JACOS bitumen spreading on deionised 
water or aqueous solutions (chloride salts or metaborate salts), which suggest that film 
growth and dissipation rates show some differences depending on the aqueous phases. 
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However, the most important observation to indicate is that the maximum film pressure 
reached is most dependent on the pH of the aqueous phase.  
Table 7-2: Fitting parameters for the film pressure profiles. 
Aqueous subphase 
Πmax 
 0.4 mN/m 
k1 (s
-1
) k2 (s
-1
) 
Deionised water 12.9 8.3 × 10
-3
 5.1 × 10
-4
 
NaCl, 30,000 mg/L 14.1 1.1 × 10
-2
 2.3 × 10
-4
 
KCl, 30,000 mg/L 14.9 7.2 × 10
-3
 3.2 × 10
-4
 
CsCl, 30,000 mg/L 13.6 1.1 × 10
-2
 7.1 × 10
-4
 
CaCl2, 30,000 mg/L 14.6 1.2 × 10
-2
 1.2 × 10
-3
 
NaBO2, 0.01 M (pH = 10.4) 26.7 2.7 × 10
-2
 1.0 × 10
-3
 
NaBO2, 0.05 M (pH = 10.7) 32.4 1.7 × 10
-2
 1.1 × 10
-2
 
NaBO2, 0.2 M (pH = 10.9) 38.2 2.9 × 10
-2
 2.9 × 10
-2
 
NaBO2, 0.5 M (pH = 11.2) 39.4 5.5 × 10
-2
 8.9 × 10
-2
 
KBO2, 0.05 M (pH = 10.5) 35.1 1.6 × 10
-2
 7.2 × 10
-4
 
 
Although not presented in this thesis, precursor film thickness at water-air interfaces was 
monitored using ellipsometric thickness measurements [41]. The film thickness profiles 
showed a steady increase in film thickness approaching maximun film thickness ~160-190 
nm and increasingly oscillated after this point due to the depletion of surface-active species in 
the bitumen sample and being replaced by heavier bitumen species of lower surface-activity. 
Therefore, the precursor film appears to consist of a layer of varying thickness with multi- 
surface-active components and also proportion of the original bitumen.  
The spreading of a precursor film might follow a Gaussian distribution of different surface-
active species where the most positive spreading coefficients of the bitumen drop will spread 
first and the heavier bitumen components with lower spreading coefficients will spread 
afterwards, which is shown in Figure 7-9. Bitumen spreading will decrease as the surface-
active bitumen components are depleted.  
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Figure 7-9: Spreading of a precursor film following a Gaussian distribution. 
7.3.2.2 Contact Angle Measurements 
The mean advancing (θa) and receding (θr) contact angles for the 1
st
, 2
nd
 and 3
rd
 precursor 
films transferred from the water surface to a glass microscope slide are shown in Figure 7-10. 
The trend for θa and θr contact angles for the three successive films shows the 1
st
 film to be 
the most hydrophobic surface (θa of 90⁰). The subsequent film transfers both yield lower θa 
values of 55⁰ and poor film adhesion to the glass surface due to low θr values. These 
observations indicate that more hydrophobic material is collected in the first slide and less 
surface-active material is available to be transferred for subsequent collections. 
 
Figure 7-10: Advancing (blue) and receding (red) contact angles for deionised 
water on successively withdrawn precursor films (1
st
, 2
nd
 and 3
r d
) supported on 
glass microscope slides.  
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The contact angle is a measure of the wettability of a surface [42]. Wettability in reservoirs is 
due to interactions between the crude oil, rock surfaces and reservoir water and/or injection 
water. Wettability alteration of a rock surface from water-wet to oil-wet is due to adsorption 
of crude oil components. For θ > 90⁰, the surface is preferentially oil-wet; for θ < 90⁰, the 
surface is preferentially water-wet; and for θ in the region of 90⁰, the surface will be of 
intermediate wettability, and will have preferences for both oil and water [22]. Theoretically, 
maximum emulsion stability will occur when the particle adsorption is at a maximum, 
corresponding to θ = 90⁰ [43, 44]. This suggests that contact angles of ~90⁰ in the precursor 
layer are due to crude oil surface-active species which have a strong tendency to adsorb at 
oil-water interfaces. Therefore, precursor film components are also likely to have a strong 
tendency to adsorb in reservoir rocks (or other solid surfaces) and at liquid-liquid interfaces. 
7.3.3 Chemical Characterisation of the Precursor Layer 
Drelich et al. [1-5] did not characterise their precursor films with respect to chemical 
composition, and to the author’s knowledge such analysis of the precursor layer has not been 
previously reported. As previously mentioned, crude oils are complex mixtures of 
hydrocarbons with sulfur, nitrogen and oxygen compounds. Therefore, characterisation of the 
species responsible for the surface activity and spreading behaviour in the precursor film is 
not straightforward. 
Figure 7-11 compares infrared spectra for JACOS oil and its precursor film. The vibrational 
band at 1700-1725 cm
-1 
indicates a carbonyl (C=O) component [45, 46], most likely 
carboxylic acid species in the precursor film, and the vibrational band at 1600 cm
-1
 [46] 
indicates an increase in the aromatic character (C=C) within the film. Evidence for oxygen 
functional groups are in the 950-1350 cm
-1 
region [46-48] and the 1030 cm
-1
 band which was 
previously attributed to sulfoxide (S=O) [8]. Bands between 700 and 1000 cm
-1
 are assigned 
to aromatic vibrational modes (aromatic C-H out-of-plane bending vibrations) [46]. 
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Figure 7-11: Infrared spectra for the JACOS bitumen  (blue) and the extracted 
precursor film (black). C=O, C=C and S=O bands are indicated.  
 
Figure 7-12: Infrared spectra for the JACOS bitumen (blue), precursor film 
(black), C7-asphaltenes (green) and resins from SARA fractionation (red). C=O, 
C=C and S=O bands are indicated. 
Figure 7-12 compares the precursor film spectrum to those from JACOS oil resins (from 
SARA fractionation) and C7-asphaltenes. The C=O band at 1700 cm
-1
 in the precursor film 
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spectrum is also prominent in the resins spectrum. On the other hand, the C=C band at 1600 
cm
-1
 in the precursor film spectrum is absent in the resins spectrum, but is evident in the 
asphaltene spectrum. The 1030 cm
-1
 band attributed to S=O is found in all three spectra.  
It is wellknown that asphaltenes tend to align at oil-water interfaces [49], as well as the 
involvement of resins in crude oil interfacial films [6, 50]. The infrared spectroscopic 
evidence therefore suggests that the composition of the precursor film may have contributions 
from the asphaltene and/or resin fractions. 
 
Figure 7-13: Precursor film ToF-SIMS spectra: (a) positive and (b) negative ions.  
Since infrared spectra provide relatively limited structural information, the precursor film was 
further analysed by both ToF-SIMS and HRMS. 
In Figure 7-13 are shown the positive and negative ToF-SIMS spectra for the precursor film 
material. The positive ToF-SIMS spectra contain a number of peaks below 80 u, mainly due 
to homologous aliphatic hydrocarbon fragments, such as CnH2n+1
+
, CnH2n-1
+
 and CnH2n-3
+
. The 
presence of ions at 23 u (Na
+
) and 39 u (K
+
) is also indicated, although the absence of 
chloride in the corresponding negative ion spectrum suggests that these are associated with 
the precursor film and not due to residual salinity in the bitumen sample. The oxygen-
containing ions C2HO
+
, C2H3O
+
, C3H3O
+
, C3H5O
+
, C4H3O
+
, C4H7O
+
, C5H5O
+
, and C5H7O
+
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were also found. Higher u values are assignable to larger aliphatic fragments or aromatic ions 
(e.g. C6H5
+
 + nCH2 = 77, 91, 105, 119, 133, 147, 161, 175, 189). Evidence of carboxylic 
acids is visible from pairs of ions corresponding to RCO2H2
+
 and RCO
+
 (m/z = 18), as 
found in lauric acid [51] and not from lower molecular weight fragments. For example, some 
possible species are 108, 114, 122, 128 and 132, corresponding to simple cyclopentanoic 
and/or cyclohexanoic acids. In the negative ToF-SIMS spectra, O, C and S
 
based ions appear. 
Thiolate ion (HS
-
) and other sulfur species C2HS
-
, S2
-
 (or SO2
-
), C4H9S
-
 and SO3H
- 
are also 
found in the precursor film.  
The ToF-SIMS evidence therefore suggests that the precursor film contains inorganic ions 
(Na
+
, K
+
) and aliphatic and aromatic hydrocarbon fragments. Additionally, the analysis 
showed evidence for carboxylic acids (and/or carboxylates) and sulfur acids. Wu [8] reported 
a SIMS analysis of a bitumen interfacial film in which sodium naphthenates defined by the 
formulae CnH2n-1+zO2Na (z equal to hydrogen deficiency index) and aliphatic and aromatic 
hydrocarbon fragments were identified.  
 
Figure 7-14: Acidic (top) and basic (bottom) NSO class relative ab undances (> 1%) 
for JACOS bitumen (blue) and its precursor film (red). 
HRMS (-)ESI and (+)ESI analyses provided further identification of heteroatom-containing 
species in the precursor film as well as in the JACOS bitumen. 
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Figure 7-14 shows (-) and (+)ESI for JACOS bitumen and the extracted precursor film. In the 
(-)ESI distribution, acidic heteroatomic species at > 1% relative abundance detected for 
JACOS bitumen include N1, N1O1, N1O2, N1S1, O1, O2, O4 and O2S1 classes. Acidic 
species at > 1% relative abundance for the precursor film showed an enrichment of O2, O3, 
O4, O3S1 and O4S1 classes. The predominance of acidic oxygen classes and sulfur-
containing oxygen classes in the precursor film composition relative to JACOS bitumen 
indicates surface fractionation of the respective species and the high polarity of the film.  
The observation of O2 species in the mass spectra of the bitumen and its precursor film 
suggests the presence of carboxylic acids [34]. This is therefore consistent with the presence 
of the C=O group in the infrared spectrum. Figure 7-15 shows DBE (double-bond equivalent) 
versus carbon number (refers to the overall size of the molecule) distributions for O2 species. 
The plots show similar aromaticity (related by the DBE number, approximately greater than 
4) for the bitumen and the precursor film, 1 < DBE < 15. The most abundant O2 species have 
1 < DBE < 5 which suggests a high content of naphthenic and fatty acids (DBE = 1) in the 
film. 
 
Figure 7-15: DBE versus carbon number for acidic O2 class species in JACOS 
bitumen and the precursor film. 
Figure 7-14 shows the relative abundance (levels > 1% only being shown) of the acidic 
species O3S1 and O4S1 in the precursor film, whereas these are absent in JACOS bitumen. 
Evidence in the literature has attributed acidic O4S1 and O3S1 species to commercially 
surfactants used in oil recovery [7, 26], although only the oil-derived species have been 
identified here. 
Figure 7-14 also shows (+)ESI data for JACOS bitumen and the extracted precursor film. 
Basic species at > 1% relative abundance in the film showed an enrichment of O1S1, O1S2, 
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O2S1, and O2S2 classes. Figure 7-16 shows that basic O1S1 species in the precursor film 
have higher unsaturation levels than in the parent oil. Therefore, the most abundant O1S1 
species in the film are slightly more aromatic (1 < DBE < 8) than in JACOS bitumen (1 < 
DBE < 5). O1S1 species could possibly be sulfoxides with longer or more side chains in the 
precursor film (~C20-C30) than in the JACOS bitumen (~C10-C20). 
 
Figure 7-16: DBE versus carbon number for basic O1S1 class species in JACOS 
bitumen and the precursor film. 
7.3.4 Chemical Characterisation of Interfacial Materials 
Interfacial materials are distinguished from precursor film material in that they are extracted 
from crude oil emulsions, rather than from spreading films. Here, interfacial materials for 
JACOS bitumen and crude oils A and F have been characterised regarding their chemical 
composition using infrared spectroscopy and HRMS. 
IR spectra of the interfacial materials extracted from JACOS bitumen, crude oil A and F are 
shown in Figure 7-17. The interfacial materials from oils A and F show aliphatic and 
aromatic hydrocarbon bands and some evidence of sulfoxide. The C=C band at 1600 cm
-1
 is 
present in both oils A and F interfacial materials, whereas the C=O band at 1700-1725 cm
-1
 is 
only slightly seen for oil F. Similar features have also been reported in the literature [6, 8, 
52], with some differences in the intensity of the C=O peak. However, the spectrum for 
interfacial material extracted from JACOS bitumen is quite different because it contains only 
one band at ~1635 cm
-1
, compared with two bands, at approximately 1600 and 1700 cm
-1
, in 
the conventional oil extracts. Similar observations were found by Muller et al. [52] in 
strongly bonded interfacial material. The peak at 1635 cm
-1
 is due to a deprotonated 
carboxylic acid (COO
-
) which is also found in carboxylate salts (e.g. tartrate) [52]. 
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IR spectra of crude oil A and F fractions (resins and asphaltenes) are presented in Chapter 3 
and show similar bands to the JACOS fractions (Figure 7-12), where resins are characterised 
by the C=O band and C7-asphaltenes by the C=C band. Comparison of the interfacial 
material and precursor film spectra with corresponding asphaltene and resin spectra suggests 
that the composition of both films can be explained by asphaltene and/or resin like 
components being present, where larger components (more asphaltenes) are expected to be 
found in the interfacial material.  
Since IR spectroscopic analysis provides relatively limited structural information, as for the 
precursor films, the interfacial materials were also subjected to HRMS analysis. 
 
Figure 7-17:  Comparison between infrared spectra for interfacial materials 
extracted from JACOS bitumen (green), crude oil F (blue) and crude oil A (red). 
C=O, C=C and S=O bands are indicated.  
Figure 7-18 shows (-)ESI distributions for the interfacial materials and their respective bulk 
oils. Acidic heteroatomic species at > 1% relative abundance detected for crude oils A and F 
shows similar classes for both oils and include N1, N1O1, N1O2, N1S1, O1 and O2. For the 
case of JACOS bitumen, similar classes are found, but additionally O4, O1S1, O2S1 and 
O1S2 classes are present most likely due to the heavier composition of bitumen. 
Acidic species present at > 1% relative abundance for oil A and F interfacial materials show 
an enrichment of N1O1, N1O2, O2, O3, O4, O3S1 and O4S1 classes. The JACOS interfacial 
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material also includes larger species, including N2, N1O4, N1O5, O5, O6, O5S1, O4S2 and 
O5S2 classes. Therefore, it is evident that the interfacial materials show a predominance of 
acidic oxygen-containing classes (O, OS and NO), whereas nitrogen classes were not 
enriched at interfaces unless an oxygen functional group is present (with the exception of the 
N2 class species found in bitumen interfacial material). The enrichment of O and OS species 
in interfacial materials relative to the crude oils suggest a high polarity of the film due to 
surface-active species in the crude oil aligning at oil-water interfaces. Previous studies have 
reported high abundances of O and OS species in interfacial materials [6, 7, 34], and also in 
asphaltene deposits [37], crude oil acids [28] and crude oil water-soluble acids [26].  
 
Figure 7-18: Acidic NSO class relative abundance (> 1%) for crude oils (blue) A, F 
and JACOS bitumen and their extracted interfacial materials (red).  
The absence of acidic nitrogen-containing species in interfacial materials has also been 
reported [6, 7]. However, the high abundance of acidic N1O2 species in interfacial material 
was also found by Stanford et al. [34], who observed that N1O2 class enrichment in 
interfacial films (extracted by the method given in [8]) is greater when the bitumen content in 
the emulsion is higher. The relative abundance of N1O2 species was also reported for water-
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soluble organic acids [26], asphaltenes deposits [37], and maltenes and asphaltenes fractions 
[36]. 
(-)APPI results (shown in Appendix E) for resins extracted from JACOS bitumen by SARA 
fractionation show that N1O2 species are slightly more abundant relative to the bitumen. 
Additionally, O2 species are much more abundant in the resins than in the bulk bitumen 
which was expected due to naphthenic acids normally being concentrated in the resins 
fraction [53]. 
 
Figure 7-19: DBE versus carbon number for acidic N1O2 class species in JACOS 
bitumen, crude oil A and F and their interfacial materials.  
Relative isoabundance contoured plots for acidic N1O2 class species in oils A and F and 
JACOS bitumen and their respective interfacial materials are shown in Figure 7-19. The most 
abundant species in the N1O2 class for the respective interfacial materials have lower carbon 
number distributions and relative high DBE values compared to the original oils. For 
example, the most abundant species in the N1O2 class for crude oil A have DBE ~10-15 and 
carbon number C18-C50, whereas in the interfacial material DBE ~13 and the carbon number 
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range is lower from C18-C30. For crude oil F and JACOS bitumen, the interfacial materials 
have DBE ~13-15 and carbon numbers C10-C40 and DBE ~10-20 and carbon numbers C20-
C50, respectively.  These observations suggest that the N1O2 compounds present in the 
interfacial materials have more condensed molecular structures than the ones present in the 
crude oils. Additionally, JACOS bitumen interfacial material is formed by larger and more 
aromatic compounds due to a high aromaticity of hydrocarbons molecules in bitumen [22]. 
The high abundance of N1O2 species has been reported by Stanford et al. [26] in water-
soluble crude oil acids. It was suggested that the abundance of these species is due to the 
presence of hydrophilic carboxylic acids and pyridinic groups in the same molecule. 
Interfacial materials are expected to show enrichment of these functional groups due to their 
preference to align at oil-water interfaces. Therefore, carboxylic acid groups are detected in  
(-)ESI spectra (high abundance of acidic N1O2 in Figure 7-18 for the interfacial materials) 
and the pyridinic group is detected in the (+)ESI (high abundance of basic N1O2 in Figure 7-
22 for the interfacial materials). However, Wang et al. [31] suggested for heavy petroleum 
residue that nitrogen-containing carboxylic acids possess DBE values in the range 11-14 and 
benzocarbazole/naphthocarbazole moiety fused with two furan rings are found for DBE = 19. 
Mapolelo et al. [35] suggested N1O2 species to be monocarboxylic carbazoles, 
benzocarbazoles or dibenzocarbazoles which correspond to DBE values ~13-15 for N1 
species.  
Relative abundance of O1 species (shown in Appendix E) suggests that phenolic compounds 
are similar in the crude oils and interfacial materials with the exception of simplest alcohols 
(DBE < 4) which are only found in the interfacial materials. The O1 compounds found in 
interfacial materials are in the range 1 < DBE < 20 which include cyclic phenols (DBE = 2) 
and polyaromatic phenols (9 < DBE < 20). Additionally, the most abundant O1 species in the 
interfacial material had similar DBE values (DBE = 5) and carbon number (ranging from 
C10-C40) relative to the crude oil, which can be due to alkylated monoaromatic phenols.  
Relative isoabundance contoured plots for acidic O2 class species in JACOS bitumen, crude 
oil A and F and their interfaces are shown in Figure 7-20. The abundance of O2 species has 
been reported for resins and maltenes fractions [34, 36] and O2 species and multi-oxygen 
compounds (O > 2) are generally higher in asphaltenes [36]. The IR spectrum for the resins 
fraction is shown in Chapter 3 (for crude oil A and F and JACOS bitumen) where a strong 
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band was seen at 1700 cm
-1
 attributed to carboxylic acids. Appendix E also shows high 
abundance of O2 species in JACOS resins fraction.   
 
Figure 7-20: DBE versus carbon number for acidic O2 class species in JACOS 
bitumen, crude oil A and F and their interfacial materials.  
Acidic O2 species in interfacial materials (relative to crude oils) showed an increase in 
saturated fatty acids (DBE = 1) with larger hydrocarbon chains: C10-C20 for crude oil A, 
C10-C40 for crude oil F and C20-C50 for JACOS bitumen. The larger carbon numbers found 
for JACOS interfacial material reflect the heavier hydrocarbons in bitumen. Andersen et al. 
[6] also identified traces of linear carboxylic acids in interfacial materials (using gas 
chromatography-mass spectrometry, GC-MS, analysis) and identified nonanoic, octadecanoic 
and stearic acids. Additionally, the O2 class in the interfacial materials had similar aromatic 
character relative to the crude oil (1 < DBE < 20) which might include polyaromatic acids. 
The most abundant species for oil A and JACOS interfacial materials were 1 < DBE < 6, and 
for oil F interfacial material were 1 < DBE < 5 and DBE ~15. Thus, this suggests that O2 
species in interfacial materials include fatty acids (DBE = 1) and non-aromatics naphthenic 
acids (DBE = 2-5), and depending on the oil can also include polyaromatic acids (DBE ~15). 
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Stanford et al. [34] analysed interfacial material extracted from emulsions created with 0.1% 
and 5% diluted bitumen in heptol (50:50 v/v heptane:toluene). The authors found flexible 
emulsion films for 0.1% bitumen content due to asphaltenes being solvated (free asphaltene 
molecules) and containing mainly resins. As the bitumen concentration was increased close 
to the critical concentration (1% bitumen), asphaltenes flocculated into aggregates and 
adsorbed at the oil-water interface forming rigid films. They found the aromaticity of the 
most abundant O2 species to be 1 < DBE < 10 (C25-C35) and 1 < DBE < 15 (C25-C45) for 
0.1% and 1% bitumen content, respectively. Additionally, the same group [34] suggested that 
differentiation of O2 species between resins and asphaltenes could be due to napththo-
aromatic (DBE ~16) versus fused polyaromartic species (DBE ~20). 
 
Figure 7-21: DBE versus carbon number for acidic O4S1 class species in crude oil 
A and F and their interfacial materials. No O4S1 is detected in JACOS bitumen.  
Figure 7-18 also shows high relative abundance of O3S1 and O4S1 species in the interfacial 
materials relative to the crude oils. Figure 7-21 shows that acidic O4S1 species are more 
aromatic 1 < DBE < 15 and larger C10-C50 in crude oil A and F interfacial materials than in 
the respective bulk oils (1 < DBE < 10 and C10-C30). For the case of JACOS bitumen, O4S1 
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species are detected in JACOS interfacial material with similar aromaticity (1 < DBE < 15) 
but larger carbon numbers (C20-C50) than the other interfacial materials, whereas O4S1 
species were not detected in the bulk bitumen. 
As previously mentioned, the high abundance of O4S1 species suggests that compounds 
containing two carbonyl functional groups and sulfur are present. These O4S1 and O3S1 
species have been reported to be related to commercial surfactants used for emulsification 
during oil recovery [7, 26]. However, as mentioned in relation to the precursor film, this 
should not be the case as impurities were removed during data processing. 
Figure 7-18 shows a higher relative abundance of O3 and O4, O3S1 and O4S1 classes in the 
interfacial materials where multi-oxygen compounds (O > 2) and OS (O3S1 and O4S1) 
species were also reported for asphaltenes [36] and for crude acids [29]. Wang et al. [29] 
reported that less condensed naphthenic acids were found in the maltenes and the more 
condensed carboxylic acids and phenols (with DBE > 6, O2 species) were found in the 
asphaltenes fraction of a heavy residue fraction.  Therefore, the association of the O2 class 
with carboxylic acids species (asphaltenes and resins) and the predominance of O4S1 and 
multi-oxygen species (O3, O4) in asphaltenes suggest that interfacial materials are composed 
of adsorbed asphaltenes (asphaltene aggregates) and carboxylic acids. However, interactions 
between carboxylic acids and asphaltenes are still not clear [6]. 
Carboxylic acids present in the resins can potentially solvate asphaltenes up to the point at 
which asphaltenes start to aggregate. Therefore, the interfacial film initially could be formed 
mainly by resins until the asphaltene aggregates and adsorbs at an aqueous interface to 
produce more rigid films. However, Czarnecki et al. [54] and Yang et al. [55] reported that 
only a fraction (~2%) of the whole asphaltenes are sufficiently interfacially active (called 
interfacially active asphaltenes, IAA). Therefore, the authors suggest that the IAA fraction is 
responsible for the formation of rigid films and not the whole asphaltenes. The IAA fraction 
was removed by centrifugation of the emulsion droplets and washed with toluene. Successive 
emulsifications led to increasingly unstable emulsions [55]. Yang et al. [56] characterised the 
composition of the IAA fraction using elemental analysis, FT-IR, NMR, and ESI-MS. 
Comparing the most IAA with the remaining asphaltenes, higher molecular weight and 
heteroatom content were found. The authors reported approximately three times more oxygen 
in the IAA and they attributed the aggregation of IAA (and their adsorption to interfaces) to 
associations that include sulfoxide groups, and not to the ring system [56].   
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As mentioned above, the high aromaticity (1 < DBE < 20) of the acidic O2 class in the 
interfacial materials suggests polyaromatic acid species which are also found in asphaltenes 
according to Stanford et al. [34]. Additionally, the high abundance of O2, O4, O4S1 and 
N1O2 species identified in the interfacial materials might suggest that interfacial films are 
formed by the most interfacially active asphaltene fraction which is expected to contain 
carboxylic acids and SO groups.  
 
Figure 7-22: Basic NSO class relative abundance (> 1%) for crude oils (blue) A, F 
and JACOS bitumen and their extracted interfacial materials (red).  
Figure 7-22 shows (+)ESI distributions for JACOS bitumen and crude oils A and F and their 
respective interfacial materials. Basic heteroatomic classes at > 1% relative abundance 
detected for crude oils A and F are similar for both oils, and include N1, N1O1, N1O2, and 
O1S1. For the case of JACOS bitumen, similar species are found, but also includes O1, and 
O2S2. Basic species at > 1% relative abundance for interfacial materials extracted from crude 
oil A and JACOS bitumen show enrichment of N1O2 and O1S1. JACOS interfacial material 
also includes larger species, such as N1O3, N1O4, O2S2, O3, O6 and O3S2. Oil F interfacial 
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material follows a different trend where only N1 species are found at > 1% relative 
abundance. 
Appendix E shows (+)APPI distributions for JACOS bitumen and its resin fraction where 
basic species at > 1% relative abundance are identified. (+)APPI for JACOS resins shows the 
enrichment of nitrogen species (N1, N1O2, N1S1), oxygen species (O1, O2 and O3) and OS 
species (O1S1 and O2S1) relative to the original bitumen. Previous work by Stanford et al. 
[7] reported slight enrichment of basic N class species in emulsion interfacial materials and 
N1O2 basic species in water-soluble crude oil acids due to hydrogen bonding of these species 
with water molecules [26].   
The results for (+)ESI suggest that adsorption of basic species is not preferential for oil-water 
interfaces and depends on the crude oil. JACOS interfacial material showed more enrichment 
of basic species than found from oils A and F. However, on the basis of the present work and 
literature studies, there is insufficient evidence to indicate a significant influence of basic 
species in stabilising crude oil emulsion interfaces. 
7.3.5 Comparing JACOS Precursor Film and Interfacial Materials 
Figure 7-23 compares the broadband (-)ESI mass spectra for JACOS bitumen, its precursor 
film and emulsion-derived interfacial material. It can be seen that the precursor film contains 
lighter compounds, compared with the interfacial material and the original bitumen. 
Comparing (-)ESI class distributions for JACOS bitumen relative to the precursor film 
(Figure 7-14) and the interfacial material (Figure 7-18), it is seen that similar acidic 
heteroatomic species (with > 1% relative abundance) are found in the interfacial material and 
precursor film. High abundance of acidic O3, O3S1 and O4S1 classes was detected for 
precursor films and interfacial materials. Differences were found in O2 species, which were 
more predominant in the precursor film than in the interfacial material, whereas multi-oxygen 
components (O5 and O6) and N2, N1O4, N1O5, O5S1, O4S2 and O5S2 species were only 
found in the interfacial material.  
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Figure  7-23: Broadband negative-ion ESI mass spectra for JACOS bitumen (top), 
JACOS precursor film (middle) and JACOS interfacial material (bottom).  
Figures 7-24, 7-25 and 7-26 provide an indication of the species distributions within JACOS 
bitumen, the precursor film and emulsion interfacial material for N1O2, O2, O3, O4, O4S1 
and O3S1 classes. It can be seen that the species in the interfacial material are more aromatic 
(high DBE values) and have longer or more side chains (higher carbon number) than in the 
precursor film. This evidence also suggests that heavier or larger compounds form interfacial 
materials. 
 
Figure 7-24: DBE versus carbon number for acidic N1O2 and O2 species in JACOS 
bitumen, JACOS precursor layer and JACOS interfacial material.  
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Figure 7-25: DBE versus carbon number for acidic O3 and O4 species in JACOS 
bitumen, JACOS precursor layer and JACOS interfacial material.  
 
Figure 7-26: DBE versus carbon number for acidic O4S1 and O3S1 species in 
JACOS precursor layer and JACOS interfacial material.  No O4S1 and O3S1 are 
detected in JACOS bitumen. 
7.4 Conclusions 
The bitumen spreading mechanism agrees with the observations of Drelich et al. [1-5] where 
spreading started fast with a monolayer over the clean air-water surface, followed by a slower 
precursor layer and finally a slower bitumen layer that covers the water surface previously 
covered with bitumen components (from the monolayer and the precursor film layer). 
Analysis of the bitumen precursor film pressure as a function of pH (2-11) at room 
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temperature indicated higher film pressures at high pH which also agrees with Drelich et al. 
[1-5]. 
This thesis includes a characterisation of the precursor film with respect to chemical 
composition which suggests that the film is formed from the most surface-active bitumen 
species (with the most positive spreading coefficients). Bitumen spreading decreased as the 
surface-active bitumen components were depleted with larger bitumen components remaining 
(spreading coefficient < 0).  
Transferred precursor films produced contact angles of 90⁰ which suggested hydrophobic 
crude oil surface-active species being concentrated in the film due to their strong tendency to 
adsorb at oil-water interfaces. Chemical characterisation of the precursor film showed high 
abundance of acidic O and OS classes, also suggesting their affinity for interfaces, not only in 
precursor films but also in emulsion interfacial materials. Additionally, comparisons between 
JACOS bitumen precursor film and interfacial material suggested that NSO species in the 
interfacial material are more aromatic (high DBE values) and have longer or more side chains 
(higher carbon number) than in the precursor film. 
The importance of the precursor film is that its components are expected to influence solid-
liquid interfaces and therefore the potential of this film to influence reservoir wettability and 
oil recovery, as well as oil-water and gas-oil interfaces. The importance of emulsion-derived 
interfacial materials is that surface-active species in liquid-liquid interfaces are responsible 
for the formation of interfacial films in water-in-oil emulsions which impact emulsion 
stability which can lead to crude oil production problems. 
The findings of Czarnecki et al. [54] and Yang et al. [55] that only ~2% of asphaltenes are 
responsible for the formation of rigid interfacial films have also been considered in this study. 
The most interfacially active asphaltenes were reported to be more polar (with three times 
more oxygen than the remainder of the asphaltene fraction), and their aggregation and 
adsorption to interfaces are due to associations that include sulfoxide groups [54, 55]. The 
high abundance of O2, O4, O4S1 and N1O2 species identified in the interfacial materials 
might suggest that interfacial films are formed by the most interfacially active asphaltenes 
fraction which is expected to contain carboxylic acids and SO groups. 
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8. CONCLUSIONS AND FUTURE WORK 
8.1 Conclusions 
The work described in this thesis has attempted to expand the understanding of 
heterogeneous systems in crude oil recovery. Different aspects have been reported to 
influence interfacial systems involving solid wettability (oil-brine-rock interactions), 
asphaltene adsorption (oil-solid interactions), occurrence of interfacial films, and emulsion 
stability and destabilisation (oil-water interactions). A research summary is presented in 
Figure 8-1 and includes the following main points: 
 Characterisation and ‘SARA’ fractionation of the crude oils confirmed that saturates 
are composed of alkanes, either linear, branched or cyclic (naphthenes); aromatics are 
composed of one or more aromatic rings; resins contain carbonyl and sulfoxide 
functional groups; and asphaltenes contain aromatic and sulfoxide functional groups. 
Crude oil diffusion properties were examined by NMR, and the presence of two 
aggregate asphaltene species was identified (termed nanoaggregates and 
macroaggregates) and aggregates sizes were estimated. The diffusion of JACOS- and 
oil F-asphaltenes is faster than oil A-asphaltenes. 
 
 The effect of salt on crude oil-brine-rock systems was considered using NMR 
relaxation. The dependence of T2gm with time suggested a mechanism for the 
interactions occurring in COBR systems when low-salt is used (low-salt 
waterflooding). In this mechanism, water transport to the sand surface depends on the 
presence of surface-active species in the oil and an osmotic driving force. This was 
supported by comparing oil-water-sand interactions for bitumen-coated sands with 
Glissopal (polyisobutylene hydrocarbon)-coated sands. 
 
The applicability of the NMR method has been considered for solid organic residues. 
This represents a new system to evaluate wettability of solid organic surfaces in the 
presence of surfactants which is important industrially in the production of aqueous 
dispersion fuels containing refinery residues (residue-water dispersions). The key 
advantage of this method is that could identify surfactants and effective 
concentrations which produce an optimal water-wet surface for the stabilisation of 
aqueous solid suspensions.  
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 Asphaltene-solid interactions were considered in order to analyse the effect of the 
most problematic crude oil fraction on solid surfaces. The adsorption of asphaltenes 
on a glass surface was evaluated using contact angle measurements where wettability 
alteration of the glass surface was identified. 
Silica-water-asphaltene interactions were considered to quantify the extent of 
asphaltene adsorption on sand surfaces in the presence of pre-adsorbed water. The 
results demonstrate that asphaltene adsorption is strongly influenced by the presence 
of pre-adsorbed water on the sand surface.   
This new data set could also be considered to explain differences for asphaltene 
adsorption data in the literature and could also be relevant for inclusion in recent 
simulations (to evaluate the effect of water) of crude oil components adsorption on 
sand surfaces. 
 
 A new method (for crude oil systems) to evaluate water droplet sedimentation in 
crude-oil emulsions has been applied to crude oil-water interactions. The potential of 
MRI to visualise water-in-crude oil emulsions and their separation was investigated. 
MRI allowed the evaluation of sedimentation rate and the distinction of loose- and 
close- packing of emulsified water droplets. The interpretation of the images 
suggested that the volume of the sediment region can be estimated. Observations in 
crude oil emulsions with solids (oil-solid interactions) suggest that clay wettability is 
important in emulsion sedimentation and in the type of water droplets packing. Other 
crude oil emulsions were visualised using MRI, including crude oil-in-water 
emulsions, produced emulsified fluids from a SAGD process, and heavy residue-in-
water emulsions. 
 
 Surface-active species responsible for liquid-liquid and solid-liquid interactions have 
been identified. Chemical characterisation of interfacial films has been presented due 
to their importance in the understanding of emulsion stability. Chemical 
characterisation of a spontaneous spreading of ‘precursor films’ at a three-phase air-
water-bitumen contact region was considered due to the influence of this film in 
reservoir wettability. 
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HRMS methods, such as (-)ESI, suggested that adsorption of acid species are 
preferential for oil-water interfaces. Oils A and F interfacial materials showed an 
enrichment of N1O1, N1O2, O2, O3, O4, O3S1 and O4S1 classes, whereas larger 
species were identified in JACOS interfacial material, including N2, N1O4, N1O5, 
O5, O6, O5S1, O4S2 and O5S2 classes. (+)ESI suggested that adsorption of basic 
species are not preferential for oil-water interfaces. 
The most interfacially active asphaltene species are known to be more polar (with 
three times more oxygen than the remainder of the asphaltene fraction), and their 
aggregation and adsorption at interfaces are due to associations that include sulfoxide 
groups. Therefore, chemical characterisation of interfacial material agrees with 
previous reports in the literature that formation of viscoelastic films in crude oil 
emulsions is due to an asphaltene subfraction. 
 
Characterisation of precursor films showed contact angles of 90⁰ due to the 
hydrophobic crude oil surface-active species being concentrated in the film and their 
strong tendency to adsorb at oil-water interfaces. This was also supported by their 
chemical characterisation which revealed high abundance of acidic O and OS classes. 
 
Precursor film and emulsion-derived interfacial material have been compared for 
JACOS bitumen. It has been identified that the precursor film contains lighter 
compounds, compared with the interfacial material and the original bitumen. 
Additionally, NSO species in the interfacial material were more aromatic (high DBE 
values) and had longer or more side chains (higher carbon number) than in the 
precursor film. 
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Figure 8-1: Research summary. 
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8.2 Future Work 
 
 Future applications of MRI for crude oil emulsions could be to monitor emulsions 
separation after the addition of chemical demulsifiers, as an alternative method for 
bottle testing and its limitations in visualise destabilise phases due to the dark colour 
of crude oils. Model separator studies could be extended to include technological 
enhancements to increase coalescence and water separation (e.g. heating, ultrasound 
and electrocoalescence), inclusion of gas phase, and a flowing system.  
 
 Future studies in characterisation of crude oil emulsions by NMR could evaluate any 
relationship between the slow migration of asphaltenes to oil-water interfaces (with 
time) and an increase in surface relaxivity (ρ).  
 
 The NMR method (presented in Chapter 4) for evaluating surfactant effects on the 
wettability of solid heavy residues has also been applied with changes in pH. The 
dataset collected (not presented in this thesis) confirms the feasibility of this method 
to evaluate formulations (surfactant concentrations and modification of pH) used in 
the production of an optimal water-wet surface for stable aqueous solid suspensions. 
Therefore, this thesis suggests the implementation of the NMR method in this branch 
of the oil industry. 
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APPENDICES 
APPENDIX A. 
1
H NMR spectra for crude oil and their fractions 
1
H NMR spectra for bulk crude oils and their fractions in chloroform-d are shown below: 
 
Figure A-1: 
1
H NMR spectra for crude oils A, F, C and D and JACOS bitumen in 
bulk phase. 
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Figure A-2: 
1
H NMR spectra for crude oil A fractions: C5 maltenes, C5 
asphaltenes, (C7-C5) fraction-resins, C7 maltenes and C7 asphaltenes.  
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Figure A-3: 
1
H NMR spectra for crude oil F fractions: C5 maltenes, C5 
asphaltenes, (C7-C5) fraction-resins, C7 maltenes and C7 asphaltenes . 
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Figure A-4: 
1
H NMR spectra for JACOS bitumen fractions: C5 maltenes, C5 
asphaltenes, (C7-C5) fraction-resins, C7 maltenes and C7 asphaltenes.  
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Figure A-5: 
1
H NMR spectra for crude oil A in bulk phase and SARA fractions 
(saturates, aromatics 2, resins and asphaltenes).  
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Figure A-6: 
1
H NMR spectra for crude oil F in bulk phase and SARA fractions 
(saturates,  aromatics 2, resins and asphaltenes).  
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Figure A-7: 
1
H NMR spectra for JACOS bitumen in bulk phase and SARA 
fractions (saturates, aromatics 2, resins and asphaltenes).  
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Table A-1: 
1
H aliphatic and 
1
H aromatics for crude oil A, F, JACOS bitumen and their fractions 
(C5-maltenes, C5-asphaltenes, (C7-C5) fraction-resins, C7-maltenes and C7-asphaltenes). 
 
 
Table A-2: 
1
H aliphatic and 
1
H aromatics for saturates, aromatics, resins and asphaltenes 
fractions for crude oil A, F and JACOS bitumen. 
 
 
 
Figure A-8: 
1
H DOSY spectrum for C7 asphaltenes from JACOS bitumen  in 
toluene-d8. 
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APPENDIX B. T2gm plots for alkali and alkaline earth metal chlorides 
T2gm versus contact time plots for high and low salt concentrations of KCl, LiCl, CaCl2 and 
MgCl2 on sands A and B are shown below: 
 
Figure B-1: T2g m against time for (a) potassium chloride and (b) lithium chloride 
solutions, low (950 ppm-filled circles) and high (100,000 ppm-filled triangles) 
concentrations, in contact with coated sand B.  Pseudo-first-order exponential fits 
are represented by solid lines.  
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Figure B-2: T2g m against time for (a) calcium chloride and (b) magnesium chloride 
solutions, low (950 ppm-filled circles) and high (100,000 ppm-filled triangles) 
concentrations, in contact with coated sand B.  Pseudo-first-order exponential fits 
are represented by solid lines.  
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Figure B-3: T2g m against time for (a) sodium chloride and (b) potassium chloride 
solutions, low (950 ppm-filled circles) and high (100,000 ppm-filled triangles) 
concentrations, in contact with coated sand A.  Pseudo -first-order exponential fits 
are represented by solid lines.  
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Figure B-4: T2g m against time for (a) lithium chloride and (b) calcium chloride 
solutions, low (950 ppm-filled circles) and high (100,000 ppm-filled triangles) 
concentrations, in contact with coated sand A.  Pseudo -first-order exponential fits 
are represented by solid lines.  
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Figure B-5: T2g m against time for magnesium chloride solutions, low (950 ppm-
filled circles) and high (100,000 ppm-filled triangles) concentrations, in contact 
with coated sand A.  Pseudo-first-order exponential fits are represented by solid 
lines. 
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APPENDIX C. T2gm plots for surfactant solutions in contact with heavy 
residues 
T2gm versus contact time plots for surfactant solutions (0.02, 0.05 and 0.1 wt%) in contact 
with Total and JGC residues. 
 
Figure C-1: T2g m against time for surfactant solutions (a) 0.02, (b) 0.05, and (c)  0.1 
wt% in contact with JGC residue.  
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Figure C-2: T2g m against time for surfactant solutions (a) 0.02, (b) 0.05, and (c) 0.1 
wt% in contact with Total residue.  
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Figure C-3: T2g m(0) against surfactants concentrations for  (a) SDA, (b) JGC and 
(c) total heavy asphaltenic residues. CMC for Triton X-100 (red arrow) and CTAB 
(green arrow) are indicated in the graph.  
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APPENDIX D. Echo attenuation plots and droplet size distributions. 
 
Figure D-1: Echo attenuation plots for (a) crude oil A and (b) crude oil F in the 
bulk phase. Experiments were performed at δ = 5000 μs, ∆  = 60ms (red squares) 
and ∆ = 80 ms (blue circles) and g = 0-0.33 T/m.  
 
Figure D-2: Echo attenuation plots of water droplets for 20% water -in-oil A 
without solids (δ = 7000 μs, g  = 0-0.33 T/m) for (a) and (b) fresh  (t = 0) emulsion 
with ∆ = 150 and 170 ms, respectively; and (c) and (d) aged (t = 24 h) emulsion 
with ∆ = 150 and 170 ms, respectively.  
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Figure D-3: (a) Volume histogram for 5% water-in-oil A fresh (t = 0) emulsion 
without solid, and (b) its DSD determined by optical microscope (red line) and by 
NMR (black line). The inset shows the optical microscope image. 
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Figure D-4: (a) Volume histogram for 5% water-in-oil F fresh (t = 0) emulsion 
without solid, and (b) its DSD determined by optical microscope (re d line) and by 
NMR (black line). The inset shows the optical microscope image. 
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Figure D-5: (a) Volume histogram for 20% water-in-oil F fresh (t = 0) emulsion 
without solids, and (b) its DSD determined by optical microscope (red  line) and by 
NMR (black line). The inset shows the optical microscope image. 
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Figure D-6: (a) Volume histogram for 20% water-in-oil A fresh emulsion ( t = 0) 
with solids H2, and (b) its DSD determined by optical microscope (red line) and by 
NMR (black line). The inset shows the optical microscope image. 
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Figure D-7: (a) Volume histogram for 20% water-in-oil F fresh emulsion ( t = 0) 
with solid H2, and (b) its DSD determined by optical microscope (red line) and by 
NMR (black line). The inset shows the optical microscope image. 
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Figure D-8: (a) Volume histogram for 20% water-in-oil A fresh emulsion ( t = 0) 
with solid H, and (b) its DSD determined by optical microscope (red line). The 
inset shows the optical microscope image. 
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Figure D-9: (a) Volume histogram for 20% water-in-oil F fresh emulsion ( t = 0) 
with solid H, and (b) its DSD determined by optical microscope (red line). The 
inset shows the optical microscope image. 
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APPENDIX E.  HRMS analysis for crude oil species 
 
 
Figure E-1: Acid (top) and basic (bottom) NSO class relative abundance (> 1%) for 
JACOS bitumen (blue) and JACOS resin (red). 
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Figure E-2: DBE versus carbon number for acidic O1 class species in JACOS 
bitumen and crude oil A and F with their interfacial materials. JACOS interface 
plot is not available. 
 
 
 
 
 
